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l. Introduction

This Analyticd Appendix provides an extended analysis of the topics raised in the main body of
Report We present the methods and motivation for each of the analyses. However, expanded
discussion of conclusiamregarding market performance as well as recommenddtonsarket
design improvement are described in moraitiet the body of our Report.

. Prices andLoad trends

MISO has operated competitive wholesale electricity mafketsnergy and FTRsince April
2005. MISO added regulating and contingency resereglpets (jointly known as ancillary
services) in January 2009, and added a cappiguctin June 2009.The Voluntary Capacity
Auction (VCA) was replaced btheannualPlanning Resource AuctioPRA) in June 20131In
this sectionwereport onM | S Qléysahead and redime energy marke@ndsummarizeprices
and revenues associated withgbenarkets In December 2013, MISO integrated the MISO
South Region into these markéts.

A. Prices

In a welkfunctioning, competitive markesuppliers have an incenévo offer at their marginal
costs. Therefore, energy prices should be positively correlated with the marginal costs of
generation For most supplierduel constitutesthe majormportion of thesecosts. In MISO, coat
fired resourcesre marginaln mostintervals but natural ga$ired resources tend to set prices at
higher load levels and so haadisproportionatémpact onloadweightedaverage energy prices.

Figure AL: All-In Price of Electricity

Figure Al shows thanonthlyii ail h 0 pr i c e o f2012td 201ctdlong waththie gricef r o m
of natural gasit the Chicago CitygateThe #-in price represents the castservingload in

MI S O 6 gime maikdt It includes the loagiveighted reatime energy priceas well aseal

time ancillary servicecosts, uplift costs, and capacity cOf¥RA clearingprice timeshe

capacity requirentg) per MWh of realtime load. We separately show the portion of theiall

energy price that is associated with shorfageng for one or more produst

1 Descriptions of the current and historical MISO regions can be found in Sdction |
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Figure Al: All-In Price of Electricity
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Figure A2: RealTime Energy Pricdduration Curves

Figure A2 shows the redime hourly pricest sevenrepresentative locations in MISO in the

form of a priceduration curve.A price-duration curve shows the number of hours (on the
horizontal axis) when the LMP is greater than or equal to a particular price level (on the vertical
axis). Thedifferences between tlwairves in this figure are due to congestion lmsdeswvhich

cause energy prices to vary by location.

The table inset in the figure provides the percentage of hours with prices greater than $200,
greater than $100, andds than $0 per MWh in thleree most recent year$he highest pces
often occurduring peakoad periodsvhenshortage conditionare most common. Prices in
these hours ar@n important component of teeonomic signals that govern investment and
retirement decisions.
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Figure A2: Real-Time Energy Price-Duration Curve
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Figure A3: MISO Fuel Prices

As we havenoted, tiel prices are a primary determinant of over@t#icity pricesbecaus¢hey
constitutemostof thegenerates 6 ma r g i Agaré A3 shows the prices for natural gas, oil,
and twotypes of coain the MISO region sinc20132 The top panel shows nominal prices in
dollars pemillion British thermal unitsNIMBtu) along withatable showing annual average
nominal prices sinc2012 Thebottom panel shows fuel prichangesn relative terms, with
each fuel indexed to Janué2913

2 Although output from oifired generation is typically minimal, it can become significant if natural gas
supplies are interrupted during peak winter load conditions. The majority of MIS@ireabgenerators
receive supplies from the Powder Riveadth or other Western supply areas.
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Figure A3: MISO Fuel Prices
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Figure Ad: Fuel-Price AdjustedSystem Marginal Price

Fluctuations in marginal fuel prices can obscure the undertygmgls angherformance of the
electricity markets. Hence, Figure A4 we calculate a fuel prieadjustedsystem marginal
price (MP). The SMPindicateshe systemwide marginal cost of energiexcluding congestion
and losses)he fuel adjustmenisolatesvariations in prices that are due to factors other than
fluctuations in fuel prices, such as changes in,loatlimports oavalable generation. The
availablegeneration can chan@®m period to perio@s a result ofinit additions or retirements
and from interval to interval due toit outage®r deraings, congestion management neeats
output by intermittent resources.

To calculate this metric, each rdali me i nt dsrindexdd to she &didglkreeyear fuel
price of the marginal fuel during the interval. Herd@ynwardadjustment is greatest when fuel
prices werdnighestand vice versaThe pricesettingdistinction wasattributed to thenost
common marginduel typeduringaninterval (more than one fuel can be on the margin in a
particular interval).This methodology does naiccount for somempacts of fuel price

variability, such as changes in generatanoutmentanddispatch patterns or relative inter
regional price differencgsesulting from differences in regional generation ntirgt would
impactthe economics of interchangeth neighboring areas
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Figure A4: Fuel-Price-Adjusted System Marginal Price
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B. Price Setting and Capacity Factors
Figure A6: Price Setting by Unit Type

Figure A6 examines the frequency with which different types of generating resourdks set
system energprice in MISO. The figure shows the average prices that prevailed when each
type of unitwason the margin (in the top panel) atie share of market intervaésach type of

unit set the reafime price (in the bottom panel).

Despite the integration of MISO South, which is mos#yuralgasfired, the majority of

MI S O 6 sloath aapaeityemainscoatfired and sets price in most houkgatural gas and oil
resources typically only set prices during the highestd and ramjup hoursor in constrained
areas Hence, thesesourcefiave a greater impact on leaeighted average prices thanithe
frequency on the margimould suggest.Most wind resources can be economically curtailed
when contributing to transmission congesti@ecauseheir incremental costs are mostly a
function of lost prduction tax credits (as low a$35 per MWh), wind units usually set negative
prices wherthey ae marginal. Wind resourceare generally marginal and settilogv (negative)
pricesin local areas when they are contributing to congestion.
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Figure A5: Price-Setting by Unit Type
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TableAl: Capacity, Energy Output and Pri®etting by Fuel Type

TableAl shows how these changes affected the share of energy producetitypdias well as
the generators that set the réale energy prices in 2014.

Table Al: Capacity, Energy Output and Price-Setting by Fuel Type

2013 2014
Installed Capacity (Summer) Energy Output Price Setting
Total (MW) Share (%) Share (%) SMP (%) LMP (%)
2013 2014 | 2013 2014 | 2013 2014 | 2013 2014 | 2013 2014

Nuclear 7,299 12,763 7% 9% | 12% 16% | 0% 0% 0% 0%
Coal 61,234 66,658 57% 46% | 71% 58% | 82% 75% | 90% 90%
Natural Gas| 32,415 55,852 30% 39% | 8% 17% | 17% 23% | 30% 84%
o]] 2,391 3,125 2% 2% 0% 0% 0% 0% 2% 4%
Hydro 2,165 3,621 2% 3% 1% 1% 0% 0% 2% 2%
Wind 1,600 1,027 1% 1% 8% 6% 0% 1% | 50% 48%
Other 610 564| 1% 0% 0% 1% 0% 0% 2% 4%
Total 107,714 143,610
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The lowestcost resources (coal and nuclear) produced most of the eragiyral gadired

units produced 17 percent of MI SOG6s energy.
2013, but remains lower than the share of capacity that{irgeds The energy share was

limited by the sharp rise imaturalgas prices fron$3.85 per MMBtu in 2013 to $5.5%r

MMBtu in 2014.

C. Load Patterns
Figure /6: Load Duration Curves

Though market conditions can still be tight in the winter periods due to outages and fuel supply
issuesMISO continues to ba sunmerpeaking market.To show the hourly variation in load,

Figure A6 shows load levels fd2014and prior years the form ofhourly load duration cung

The load duration curveshow he number of hours (on the horizontal axis) in which load is

greater or equal ttihe levelindicated on the vertical axis. We separately show curveXOfii2

2013 and2014adjusted to the membership that existedlirthree yearsso changes in load due

to other factors (e.gweather and economic activity) are reveal€teinsettable indicates the

number and percentage ofure when load exceedé&®, 70, 75 and 8GW of loadfor the
membershigadjusted curvesThe figure shows the actual and predicated peak load. The
APredicted Peak (50/50)0 is the predicted pea
higherorlowertan t hi s | evel with equal probability.
predicted peak load where actual peak will be at or below this level with 90 percent probability
(i.e., there is only a 10 percent probability of load peaking above this level).

Figure A6: Load Duration Curves
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Figure A7: Heating and Cooling DegreBays

MI SO6s | oad -sensitiet Fgurp A& illustrates tlee influence of weather on load by
showing heating and cooling degréays (a proxy for watherdriven demand for energy). Itis
shown alongvith the monthly average load levels for the prior threesear

The top panel shows the monthly average loads in the bars and the peak monthly load in the
diamonds. We separately indicate changes in peak and average load that are the result of
changes imemberkip.3 The bottom panel shows monthly Heating Degbesys (HDD) and
Cooling DegredDays (CDD) averaged across four representaiivesin the Midwest and two
cities in MISO SoutH The table athebottom shows the yeaveryear changes in average

load and degredays.

Figure A7: Heating and Cooling DegreeDays
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For comparability, we remove FirstEnergy from the load in this figure.

4 HDDs and CDDs are defined using aggregate daily temperature observations relative to a base temperature

(in this case, 65 degrees Fahrenhef)r example, a mean temperature of 25 degrees Fahrenheit in a
particular week in Minneapolis results in (85) * 7 days = 280 HDDs. To account for the relative impact of
HDDs and CDDs, HDDs are inflated by a factor of 6.07 to normalize the effectadi.le., so that one
adjustedHDD has the same impact on load as one CDD). This factor was estimated using a regression
analysis.
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D. Evaluation of Polar Vortex

Although MISO is summepeaking, its most demanding period in 2014 occurred in winter.

From early Jauary until midMarch, sustained cold temperatures that caused sharp increases in
electricity demand and natural gas prices throughout the Eastern Interconnect. High offer prices
caused by extreme gas prices and supply reductions due to gas curtaiusatsenergy prices

to rise sharply. Since the high gas prices were mostly confined to the Midwest region, MISO
experienced record levels of congestion driven by large fuel cost differences between the
Midwest and South regions. These conditions aladtezksin record levels of uplift payments.

The next four charts more closely review market conditions during the first quarter.
Figure A8: Daily Natural Gas Prices

The top panel ifrigure A8 shows daily natural gas prices at four locations in the MISO footprint

in January and February. We separately show the intraday price at Chicago City Gate, a
representative price for many participants. This range is typically small but can be large on
Acritical 6 days. Jalhead abdancrenmental gorgestoh (visidleavinesr d a y
reattime congestion value exceeds dgdead congestion costs) for four constraints between the
Midwest and South region.

Figure A8: Daily Natural Gas Prices
Januaryi February, 2014
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Figure A9: Day-Ahead Prices, Jauary 28, 2014

Figure A9 shows, in the top panel, dajnead prices at four representative hubs in MISO (two

eah in the Midwest and South regions) on January 28, when natural gas prices were highest and
day-ahead congestion was most significant. Price differences among hubs are primarily due to
congestion on the system. The bottom panel showsldegd schedulddad as well as actual

load. Overscheduling of load in the daghead can depress réiahe prices, while under

scheduling can require MISO to make substantial (and expensivémeatommitments.

Figure A9: Day-Ahead Prices, Jauary 28, 2014
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Figure ALO: Contributing Factors to Redalime Prices

In the next chart, we show the cumulative impact of primarytnea supply and demand

factors that affected the net capacity balance omtbraing of January 7. These factors are: (1)

net imports from PJM; (2) net imports from all other areas; (3) load, including any operator

offset; (4) wind output; (5) capacity scheduled-@énead that failed to show up in r¢i@he

(Ais bt ows 0) ficar(t Geheraton ogtages; (7) other rampable capaeind (8) MISO unit
commitments. We separately identify energy sales to PJM and others that were approved due to
emergency conditions in these areas.

In this figure, factors that contribute to higheicps are shown as positive values (reductions in
supply or increases in demand), while factors that reduce prices are shown as negative values.

5 iOt her Rampabl e Ca p a dispatghablevitlsin fisednthitds that is endde availgbke oni t vy
online unitsas they rampp.
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The net capacity change is shown by the red markers. All values are measured against their

respective leveltahe start of the period shown.

Capacity Balance Change (MW)

The next two figures show daily price convergence for January and February. Each figure shows,
in the bars, the daghead premium at the two hubs closest to the ORCA interface between the

Figure A10: Contributing Factors to Real-Time Prices
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Figure ALl andFigure AlL2: Daily Price Convergence

Midwest and South regions (Arkansas and Indian&e diamonds show the premium at two

hubs further away (Michigan and Louisiana). Hence, differences in convergence between the two

stacked bars on a particular day is generally due tofietgonal transfer constraints such as
ORCA, whereas differences heten a bar and a diamond is due to local congestion.
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Figure A11: Daily Price Convergence
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E. Net Revenue Analysis

In this subsection, weummaizethelongr un economi ¢ signals produce
ancillaryservice, and capacity mar ket s. Our evaluatio
measures the revenue that a new generator would earn above its variable production costs if it
wereto operate only when revenues from energy and ancillary services exceeded its costs. A
well-designed market shoupovide sufficiennet revenue to finance new investment when

additional capacity ineeded. However, even if the system is in fangequlibrium, random

factors in each year (e.g., weather conditions, generator availapdigmission topology
changesoutagesor changes ifuel prices) will cause the net revenue to be higher or lower than

the equilibrium value.

Our analysis examingle economics of two types of new units: a naturalcgatbinedcycle

unit with an assumed heat rate7gd50Btu per kWh and a natural gas CT unit with an assumed
heat rate 09,750Btu per kWh® We also incorporate standardized assumptions for catoglat
net reenue put forth by FERCThe net revenue analysis includes assumptionsaftable
Operations and Maintenan@&M ) costs, fuel costs, and expected forced outage. rates

Figure AL3andFigure Al4: Net Revenue and Operating Hours

The nexttwo figures compare the market revenue that would have been receivesildyC and

CT units in different MISO regions compared to the revenue that would be required to support
new investmenin these units To determine whether net revenue levels would support
investment in new resourcesge first estimate thenmualized cost of a new unifThe figures

show the estimateahnualized cost r anrfual net revenge& new unit would needtearn in

MISO wholesale markets to make the investment economic. The estimated costs of new entry
for each type of unit are shown in the figure as horizontal black segments.

Combinedcycle generatorsun more frequently (and earn maeergy rentsthan simplecycle
combustion turbingenerators becausembinedcycle unitshave substantially lower production
costs per MWh Hence, the estimatezhergynet revenuefor combinedcycle generators are
substantially highethanthey arefor combustion turbies. Converselycapacity and ancillary

services revenues typically account forcamparativelyjarge share oh combustion turbin@ set
revenues.Capacity requirements and import and export lireittorcedn the PRA vary by

zone, so capacity revenuesry depending on the clearing price in each zdrtee net revenues
thatwe estimated would be earned by these two types of resources in different MISO regions are
shown as stacked barsthe figure The drop lines show thumber ofhours the resourcegere
estimated t@perateduring the year.

6 These assumptions are used in the 2014 EIA Annual Energy Outlook
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Figure A13: Net Revenue and Operating Hours
Midwest Region2012 2014
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[l ResourceAdequacy

This section examines the supply and demand conditions in the MISO makketsummaize
load and generation within the MISO region and evaluate the resource balance in light of
available transmission capability on the MISO network.

The integration of the MI SO6s South Region in

generation capacity, terew transmissioilowning companies, six local balancing authorities,

and 33 new market participants from Mississippi, Louisiana, Arkansas, Texas, and Missouri,

including the Entergy Operating Companies2014 there were 12@arket participantthat
eitha ownedgeneration resourcé®taling177 GW of nameplateapacity)or servel load in the
MISO market! This group include80 large investoowned utilities 25 municipal and
cooperative utilities, an@2 independent power producers

MISO alsoservesas the reliability coordinator for Manitoba Hydmehich provide an additional
11.5GW of capacity As a coordinating member,dbesnot submitphysicalbids or offers into
Ml SO0 s ,imathekneay schedule energy into or out of the maPké thisreport, we
excludeManitoba Hydrarom our analysis unless otherwise noted.

MISO reorganized itseliability coordination functiomn 2014 into three regions: North, Central
(together known as Midwest) and South. These regions are defined as follows:

1 North (formerly Westp IncludesMISO controlareas that had been located in the
North American El ectric RAFPPiregidnfalor t y
parts of lowa, Minnesota, Montana, North Dakota and South Dakota);

1 Central (formerly East and Cent@ljncludes MISO control areas that had been
located in NERG ECAR and MAIN regions (all or parts dfinois, Indiana, lowa,
Kentucky and Michigan, Missouri and Wisconsin); and

1 Soutl® IncludesMISO control areathat joined in December 2018ll or parts of
Arkansas, Louisiana, Mississippi and Texas)

In manyof ouranalyses, weeparately review thexisting NCAs, currently WUMS, North
WUMS, Minnesota (including portions of IOWA), WOTAB, and Amite South becthese
binding transmission constraints that deftnesearea require a closer examinatiofA detailed
analysis of market power is providedSectionVIIl of this Appendix)

7 As of March 2015 MISO membership totalks72 entities when including power marketerThere are an
additional 41 normembers when includingtate regulatory authities and other stakeholdgrougs. In all
there arel21separate Certified Market Participants.

8 Manitoba does submit offers for a limited amount of energy under a special procedure known as External

Asynchronous ResourcéSAR) which permits dynamiaiterchange with such resources. This EAR
essentially allows fivaninute dispatch of a limited portion of the MIS@HEB interchange.
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A. Generating Capacity and Availability
Figure AL5: Distribution of GeneratingCapacity by Coordination Region

Figure AL5 shows the summer 2Bdistribution of existing generating resources by Local
Resource Zone. The left panel shows the distribution of Unforced Capacity (W@&Bhe and

fuel type, along with the annual peak load in each zone. The right panel displays the change in
the UCAP valuedrom last summer. UCAP values are lower than Installed Capacity (ICAP)
values because they account for forced outagdmtermittency. Hence, wind capacitipes

not feature prominently in this figureven thought makes umearly 8percent ol CAP.

The inset table in the figure breaks dothatotal UCAPand ICAPDby fuel type. The mix of
fuel types is important because it dateres how changes in fuel prices, environmental
regulations, and other external factorayaffect the market.

Figure A15: Distribution of Generating Capacity
By Fuel Type Summer2015
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Figure ALG: Availability of Capacity during Monthly Pedload Hour

Figure AL6 shows the status generatingapacity during the peak load hour of each month.

The load in eacbf these peak hours shown as a red diamanilost of the load is served by

MISO resources, whose output is the bottom (blue) segment of each bar. Tteawext
segments are Aheadroomo (capacity avwfinel abl e
quick-start generating capacitgnd theemergency output range. Thdear segmentsepresent

the total capacity available to MISO. The other segments are the remaining capacity that cannot
be dispatched for thadicatedreasons.
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The height of the bars is equal to total genegatapacity It reflects additions and retirements

of generatorsas well as market participaantry and exit Other monthly differences in total

capacity are due to the variability of intermittent generation in each peak hour. Unavailable

intermittent capacitybetve n a wi nd resource
not shown on the chart.
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Figure A16. Availability of Capacity During Peak Load Hour
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Figure AL7: Capacity Unavailabléuring PeaklLoadHours
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Figure AL7is very similar taFigure AL6 except that ishowsonly theoffline or otherwise
unavailable capacitguring the peak hour of each month. Maintenance plarstiogld

maximize resource availability in summer peak periods when the demands of the system (and

prices) are highest. As a consequeniogreater resource utilization and environmental
restrictiors, nonoutage deratingare expected to be greatdsting these periods.

The figure also showthe quantity ofipermanent deratinggrelative to nameplate capacity),

whichis unavailable in any hour. Many units cannot produce their nameplate output und
normal operation, particularly older basad units in the regionAdditionally, wind resources

often have ratings in excess of available transmission capability.
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Figure A17: Capacity Unavailable During Peak Load Hours
2014
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Figure AL8: Generator Outage Rates

Figure AL8 shows monthly average planned and forced generator outage rates for tiheoiree
recentyears. Only full outages are included; partial outages or deratings are not shown. The
figure also distinguishes between sherm forced outages (lasting fewer than seven days) and
long-term forced outages (seven days or longer). Planned outagetearsabfeduled low-

load periods wheeconomics arévorable for participants to perform maintenance.
Converselyshortterm outages areequentlythe result ofin operating problem.

Shortterm outages are also importantéviewbecause they are mmlikely toreflect attempts
by participants to physically withhoklpply from the marketlt is less costly to withhold
resources for short periods whemnditionsare tight than to take a lortgrm outage We
evaluate market power concerns relategdtentialphysical withholdingn SectionVIlil .
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Figure A18: Generator Outage Rates
2012 2014
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B. Planning Reserve Margins andResource Adequacy
Table &R: Capacity, Load, and Reserve Margins

This subsection evaluates the supply in MISO, including adequacy of resources for meeting

peak needs iB014. We estimat planning reserve margin values under various scenarios that

are intended to indicate the expected physical surplus over the forecastelh ilg@05

Summer Resource Assessment, MISO presented baseline planning reserve margin calculations
alongside aaumber of valuable scenarios that demonstrate the sensitivity to changes in the key
assumptions that we evaluate in our planning reserve margin analysis. Because we use the same
capacity data, our results are consistent with the MISO Summer Assesdtheagrawe

evaluate some scenarios with differassumptions.

The planning reserve margiuantityis the sum of all quantities of capacity, including demand
response and imports, minus the expected I3 planning reserve margin in percentage
terms & then calculated by dividing the marginlbgd (net of demand respons€)ur results

are shown imable A2.

The reserve margina the tableare generally based ofa) peakload forecasts under normal
conditiors? (b) normal load diversity(c) average forced outage raté$); an expected level of

9 Expected peak |l oad in reserve margin forecasts are
percentchance load will exceed this forecast, and a 50 percent chance it will fall short).
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wind generation and importand(e) full response from DR resources (behind the meter
generation, interruptible load, and direct controllable load management). adseseptions

tend to cause the reserve margin to overstate the surplus that one would expect under warmer
thannormal summer peak conditions.

Table A2: Capacity, Load, and Reserve Margins
Summer 20%

Alternative IMM Scenarios

High Temperature Cases

Base Case Realistic DR Full DR Realistic DR

Load

Base case 127,319 127,319 127,319 127,319

High Load Increase - - 6,280 6,280
Total Load (MW) 127,319 127,319 133,599 133,599
Generation

Internal Generation 143,696 143,696 143,696 143,696

BTM Generation 4,413 4,413 4,413 4,413

Hi Temp Derates* - - (4,900) (4,900)

Adjustment due to Transfer Limit** (3,834 (3,834) (3,834) (3,834)
Total Generation (MW) 144,276 144,276 139,376 139,376
Imports and Demand Response

Demand Response 5,938 4,750 5,938 4,750

Net Firm Imports 56 56 56 56
Margin (MW) 22,951 21,763 11,771 10,583
Margin (%) 18.0% 17.1% 9.2% 8.3%
Notes

* Based on the available capacity on the three hottest days of 2012 and on August 1, 2006. Available «
can vary substantially based on ambient air and water temperatures, and other factors.

** The MISO Base Case Reserve Margin assumes that 3,834 MW of capacity in MISO South cannot be
accessed due to the 1000 MW Transfer Limit, which reduces the overall MISO Capacity Margin.

Our three IMM scenarios ithe table account for two major differences between MISO and the

| MM6s planning reserve margins. The first di
assumes an 80 percent response rate from DR. A strong response rate is expected because the
Tariff haspenalty provisions in place for ngrerformance and requires an annual demonstration

of demand reduction capability for each planning year. We do not use a higher response rate
because DR is far less responsive and flexible than typical generation essaumd there is a

lack of historical response data during emergency conditions. DR can require up to 12 hours of
advanced notice to respond. Additionally, most DR is not under the direct control of MISO.

The second di ff er enc enotifuby adcdurt for gbher&d desatesruaderg i n  d
peak conditions with higher temperatures than normal. The simulation that MISO performs uses

an annual EFORd and monthly net dependabl e ca
negative correlation betwedérads and power plant capability in response to temperature
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exceeding monthly norms. Power plants are frequently cooled by river water, and experience
efficiency losses when water temperatures are too high. There is significant uncertainty
regarding thesize of these derates, so our number in the last two columns of the table is an
average of what was observed on extreme peak days in 2006 and 2012 (two years with weather
substantially hotter than normal). However, significant supply derates can bea bigg

contributing factor to tight reserve margins than an increase in load. The estimated impact of
this is shown in IMM scenarios 2 and 3.

C. Capacity Market Results

In June 2009MISO began operating a monthlgluntarycapacity auction to allow LSEs to

proaure capacity to meet their Tariff Module E capacity requiremefbhe VCAwasintended to
provide a balancing market for LSEs, with most capacity neeuatgsatisfied through owned
capacity or bilateral purchaseshePlanning Resource Auctiaeplacedhe VCAin June 2013
andincorporates zondtansfer limitsto betteridentify regional capacity needisroughout

MISO. Zonal capacity import and export limits, if they bind, cause price divergence among the
zonal clearing prices.

Figure AL9: Planning ResourcAuction Results

Figure AL9 shows thezonalresults of the2014i 2015Annual PRA heldin spring 2014and
coveringJune 2014 to May 2@1

Figure A19: Planning ResourceAuction
2014 2015
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The black dash marks the capacity obligation, which is the total amount required to be procured
by LSEs in each zone. (Differences between this amount and the cleared amount are constrained
by each z o mpodandexpop lamts.) The local clearing requirement, which is the
minimum amount that must be sourced within a zone, is indicated by the red diamond.

Participants can elect to cover all or part o
Plamm ( FRAP), which exempts resources from part.
the auction to satisfy the local clearing requirements, but FRAPs cannot set price.

D. Capacity Market Design: Sloped Demand Curve

ThePRA consiss of a singleprice aiction to determine the clearing price and quantities of
capacityprocuredn MISO and in each of the nine zonebhe demand in this market is

implicitly defined by the minimum resource requirement and a deficiency price. These
requirements result in a&xtical demand curvevhich means demarid insensitive to the price,

and MISO is willing to buyhe same amount of capacity at any price). In this section, we
describe the implications of the vertical demand curve for market performance and the benefits
of improving the representation of demand in this market through the use of a sloped demand
curve. In particular, we discuss thmenefits of this change for the integrated utilities in the

MISO area.We begin below by discussing the attributes of supply demand in a capacity
market.

1. Attributes of Demand in a Capacity Market

The demand for any good is determined by the value the buyer derives from the good. For
capacity, the value is derived from the reliability provided by the capacity to electricity
consumers. The implication of a vertical demand curve is that the last MW of capacity needed to
satisfy the minimum requirement has a value equal to the deficiency price, while the first MW of
surplus has no value. In reality, each unit of surplus cpalocove the minimum requirement

will increase reliability and lower redlme energy and ancillary services costs for consumers
(although these effects diminish as the surplus increases)comtribution of surplus capacity

to reliability can only be gatured by a sloped demand curve. The fact that a vertical demand
curve does not reflect the underlying value of capacity to consumers is the source of a number of
the concerns described in this section.

2. Attributes of Supply in a Capacity Market

In workably competitive capacity markets, the competitive offerefastingcapacity (i.e., the

marginal cost of selling capacity) is generally closeto ¥¢d. suppl i er 6s offer r
lowest price it would be willing to accept to sell capacity. Thaetermined by two factors: (1)

whether there are costs the supplier will incur to satisfy the capacity obligations for the resource
(the -figowagd GFG)sahds(d) whetber a minimum amount of revenue is

necessary from the capacity market idesrto remain in operation (i.e., the expected net

revenues from energy and ancillary services markets do not cover GFC).

10 This ignores potential opportunity costs of exporting capacity to a neighboring market.
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For most resources, the net revenues avail abl
are sufficient to keep a resource peocation. Hence, no additional revenue is needed from the
capacity market (which would cause the supplier to submit &eamncapacity offer). With

regard to the first factor, suppliers that sell capacity in MISO are not required to accept costly
obligations (that would substantially increase the marginal costs of selling capacity).

Hence, most suppliers are willing pritakers in the capacity market, accepting any-neno
price for capacity. One factor that could cause internal capacity supplegfertaonzero
prices is the opportunity to export capacity. If such opportunities exist, suppliers should
rationally include this opportunity cost in their capacity offer price. Currently, such
opportunities are limited. Experience in the VCA has cordd that most suppliers are
essentially pricgéakers, submitting offers at prices very close to zero.

3. Implications of the Vertical Demand Curve

When the lowpriced supply offers clear against a vertical demand curve, only two outcomes are
possible. Ifhe market is not in a shortage, the price will clear close toiziis is illustrated in

the left figurebelow and characterig¢he recentuctionresults in MISO. If the market is in
shortage (so the supply and demand curves do not cross), theipratear at the defi@ncy

price, as shown ithe right figure

Surplus Capacity Case Shortage Capacity Case
P P
Capacity Requirement p* 0 Capacit
(Vertlcal Demand Curve) Clearing j Requﬁremyent
Price = (Vertical
Deficiency | Demand Curve
Price ‘
Competitive Competitive
Supply Stack Supply Stack |
pr O |
Q* Q Q* Q
Quantity Cleared = Quantity Cleared

Minimum Requirement

This pricing dynamic and the associated market outcomes raise significant issues regarding the
long-term performance of theurrentRAC. First, this market will result in significant volatility

and uncertainty for market participants. This can hinderteng contracting and investment

by making it extremely difficult for potential investors to forecast the capacity market revenues.
In fact, it may be difficult for an investor to forecagith enough certaintthat the market will

be short in the futurand producdorecasted capacity revenuestwill be substantially greater

than zero. This would undermine the effectiveness of the ¢gpaarket in maintaining

adequate resources.
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Second, since prices produced by such a construct do not accurately reflect the true marginal
value of capacity, the market will not provide efficient ldegm economic signals to govern
investment and retireméedecisions.

Third, a market that is highly sensitive to such small changes in supply around the minimum
requirement level creates a strong incentive for suppliers to withhold resources to raise prices.
Withholding in such a market is nearly costlesgeithe foregone capacity sales would

otherwise be priced at close to zero. Therefore, market power is of greater potential concern,
even in a market that is not concentrated. These concerns grow when local capacity zones are
introduced like in the refomed RAC where the ownership of supply is generally more
concentrated.

4. Benefits of a Sloped Demand Curve

A sloped demand curve addresses each of the shortcomings described above. Importantly, it
recognizes that the initial increments of capacity in excese minimum requirement are
valuable from both a reliability and economic perspectiMee figure belowllustrates the

sloped demand curve and the difference in how prices would be determined.

Sloped Demand Curve

A
P
Minimum Capacity Requirement
Capacity Requirement
(Sloped Demand Curve)
Clearing
Price
P*

Q* Q
Quantity
Cleared

When a surplus exists, the pricemiabbe determined by the marginal value of additional

capacity as represented by the sloped demand curve, rather than by a supply offer. This provides
a more efficient price signal from the capacity market. In addition, the figure illustrates how a
sloped demand curve would serve to stabilize market outcomes and reduce the risks facing
suppliers in wholesale electricity markets. Because the volatility and its associated risk is
inefficient, stabilizing capacity prices in a manner that reflects the fireyaarginal value of

capacity would improve the incentives of suppliers that rely upon these market signals to make
investment and retirement decisions.
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A sloped demand curve reflects the marginal value of capacity because the sloped portion is

based orhe reliability benefit of exceeding planning reserves (the vertical line that crosses the
Akinko in thé& dé¢omped demaed. curve will also s
incentives to withhold capacity from the market by increasing the typpty costs of

withholding (foregone capacity revenues) and deangdke price effects of withholding. This

incentive to withhold falls as the market approaches the minimum capacity requirement level.

While it would not likely completelynitigate potential market power, it would significantly

i mprove suppliersd incentives. Li kewise, the
buyers or policymakers to support uneconomic investment in new capacity to lower capacity

prices.

If a sloped demand cue is introduced, MISO will need to work with its stakeholders to develop
the various parameters that define the demand curve. We recognize that this process is likely to
be difficult and contentiousHowever, in simply approving a minimum requiremerd an

deficiency price (i.e.a vertical demand curveBERCshould recognize that some of the most
important parameters are being established implicitly with no analysis or disculssion.

particular, such an approach establishes a demand curve withréte isifope, but with no

analysis or support in the record for why an infinite slope is efficient or reasonable.

5. Effects of a Sloped Demand Curve on Verticalintegrated LSEs

Loadserving entities and their ratepayers should benefit from a sloped demmaead LSES in
the Midwest have generally planned and built resources to achieve a small surplus on average
over the minimum requirement because:

T I'nvest ment in new resources is Al umpyo, oc
match the gradualgrawi n an LSE6s requirement; and

1 The costs of being deficient are large.

Under a vertical demand curve, the cost of th
customers because LSEs will generally receive very little capacity revenue tdaladfsests that

they incurred to build the resources. Since this additional capacity provides reliability value to

MISO, the fact that LSEs receive no capacity revenues is inefficient. Adopting a sloped demand
curve would benefit most regulated LSEs asewglain below.

TableA3: Effects on LSEs of Alternative Capacity Demand Curves

TableA3 shows how hypothetical LSEs are affected by a sloped demand curve when they hold
varying levels of surplus capacity beyond the minimum capacity requirement. The scenarios
assume: (1) an LSE with 5,000 MW of minimum required capacity; (2) net CONE of $65,000
per MW-year and demand curve slope-@f01 (matching the slope of the NYISO wee); and (3)

a marketwide surplus of 1.5 percent, which translates to an auction clearing price of $4.74 per
KW-month ($54.85 per KWear).

For each of the scenarios, we show the amount that the LSE would pay to or receive from the
capacity market alongith the carrying cost of the resources the LSE built to produce the
surplus. Finally, in a vertical demand curve regime where the LSE will not expect to receive
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material capacity revenues for its surplus capacity, all of the carrying cost of the suptuse
paid by the LSE6s retail customers. The fina
borne by the LSEO6s retail customers under a s

Table A3: Costs for a Regulated LSE Under Alternative Capacitypemand Curves

Capacity  Carrying Carrying Surplus Cost: Surplus Cost:

LSE Market Market Cost of Cost Borne Sloped Vertical
Surplus Surplus Revenues  Surplus by Retalil Demand Demand
($Million)  ($Million) Load Curve Curve
1.0% 1.5% $1.43 $3.25 100% $4.68 $325
2.0% 1.5% $1.41 $6.50 78% $5.09 $6.50
3.0% 1.5% $4.25 $9.75 56% $5.50 $9.75
4.0% 1.5% $7.10 $13.00 45% $5.90 $13.00

These results illustrate three important dynamics associated with the sloped demand curve:

1.) The sloped demand curve does not raisexpected costs for most regulated LSEs. In
this example, if an LSE fluctuates between 1 and 2 percent surplus (around the 1.5
percent market surplus), its costs will be virtually the same under the sloped and
vertical demand curves.

2.) The sloped demand cue reduces risk for the LSE by stabilizing the costs of having
differing amounts of surplus. The table shows that the total costs incurred by the LSE
are surplus levels between 1 and 4 percent vary by only 26 percent versus a 300 percent
variance in costinder the vertical demand curve.

3.) A smaller share of the total costs are borne by retail customers. Because wholesale
capacity market revenues play an important role in helping the LSE recover the costs of
new resources, the L $&snallershare afthése costssvhemme r s
the LSE6s surplus exceeds the marketds sul
the current market would produce almost no wholesale capacity revenue even though
the LSEOGs sur pl us iheregiompUnderthersigpeddenhanda b i | i t
curve in this case, almost half of the costs of the new unit would be covered by the
capacity market revenues.

Hence, although a sloped demand curve could increase costswoenont i cal |y i ntegr a
thatmustpurchs e | arge quantities of capacity throug
shows that this is not the case for the vertieallyt e gr at ed LSEG6s t hat domi
footprint. In fact, it will likely reduce the costsandlenge r m r i s ks fEé&s nign MI SO
satisfying their planning reserve requirements, in addition to providing efficient market signals to

other types of market participants (unregulated suppliers, competitive retail providers, and

capacity importers and exporters).
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V. Day-Ahead Market Performance

In the dayahead markeparticipants make financialginding forward purchases and sales of
electric energyor delivery in real time Day-aheadransactionsllow participants to procure

energy for theiowndemandtherebymanagngriskbyhe dgi ng t he partici pant

reaktime price variability or for arbitraging price differences between the-dagad andeal
time markets For example, load serving entitiean insure against volatility in the raahe
market by purchasingnegy in the dayahead market.

Dayahead outcomes are i mportant becavalableint he
reattime is actuallycommitted through the deghead market, andostof the power procured

t hr ough MIsSs@riascialipsttettbased omday-aheadnarket results In addition,
obligations toFTR holdersare settled based @ongestioroutcomesn theday-ahead market.

A. Day-Ahead Energy Prices and Load
Figure A20 andFigure A21: Day-Ahead Energy Prices and Load

Figure A20 shows average daghead prices during peak hours (6 a.m. to 10 p.moaholiday
weekday} at six representative hub locations in®D and the corresponding scheduled load
(which includes net cleared virtual demand

Figure A20: Day-Ahead Hub Prices and Load
PeakHours,2013 2014
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Figure A21 shows similar results for offeak hours (10 p.m. to 6 a.m. on weekdays and all hours
on weekends and holidays). Differences in prices among the hubs show the prevailing
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congestion and loss patts. High prices in one location relative to another location indicate

congestion and loss factor differences from aowed area to a higpriced area.

Figure A21: Day-Ahead Hub Prices and Load
Off-peakHours,2013 2014
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B. Day-Ahead and RealTime Price Convergence

This subsection evaluates ttenvergence gbrices in theday-ahead and redime energyand
ancillary servicesnarkes. Convergencdetween dayahead and redime prices is a sign of a
well-functioning dayahead markewhich is vtal for overall market efficiency

If the dayahead prices fatb converge with the redgime prices it means anticipated conditions

are not being realed in the physical dispatch in

real time. This can result in

1 Generatingesources not lieg efficiently committed since most acemmitted

through the daaahead market;

1 Consumers and generatorsngesubstantially affectedecausenost settlements
occu through the daaahead market; and

1 Payments to FTR holders not refiagithe true transmission congestion on the
network sincehese paymentredetermined by dagphead market outcomes
which will ultimatelydistort futureFTR prices and revenues

Partc i p a n {aledd mdrkeybids and offers should reflect their expectations of market
conditions the following day. However, a variety of factors can causéimeaprices to be
significantly higher or lower than anticipated in the -@énead. While a wieperforming market
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may not result in prices converging on an hourly basis, it should lead prices to converge well on
a monthly or annual basis.

A modest dayahead price premiumeflectsrationalbehavior becausgurchases in the day
ahead market are s@égf to less price volatility (which is valuable to FaW&erse buyers).
Additionally, purchases in the retiine market are subject to allocation of reale RSG costs
(which have typically been och larger than daghead RSG costshlthough dayahead G
costs rose considerably in 2014, particularly in the South regiost, of these costs are
associated with local reliability requirements and vadi@cated locally. Hence, moday-ahead
purchases can avoid the highealtime RSG costs

Figure A22to Figure A28 Day-Ahead and Realime Prices

The nextseverfiguresshow monthly average prices in the gdead and regime markets at
severrepresentative locations in MIS@long with the average RSG cost per MWHT he table
below the figures shows the average-dagad and redime price difference, which measures
overall price convergence. We show it separdtaipricesincludingreattime RSG charges
(assessed to dmtions net of dayahead schedules, including net virtual supplpich aremuch
higherthan dayahead chargeandtherefore shouldontribute to modest daghead premiums.

Figure A22: Day-Ahead andReal Time Price
2013 2014 IndianaHub
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11 The rate is the Dajshead Deviation Charg@®DC) Rate, which excludes the ld@n-specific Congestion
Management Charg€MC) Rate and Pass 2 RSG.
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Figure A23: Day-Ahead andReal Time Price
2013 2014 Michigan Hub
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Figure A24: Day-Ahead andReal Time Price
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Figure A25: Day-Ahead andRealTime Price
2013 2014 Minnesota Hub
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Figure A26. Day-Ahead and RealTime Price
2013 2014 Arkansas Hub
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Figure A27: Day-Ahead and RealTime Price
2013 2014 Louisiana Hub

Appendix: Day-Ahead Market Performance
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Figure A28. Day-Ahead and RealTime Price
2013 2014 Texas Hub
$90

$80
$70
$60
$50
$40
$30
$20
$10
$0
-$10
-$20

Price ($/MWh)

—o— Absolute Difference
—>— Average Price Difference

B RT RSG Rate
B DA RSG Rate
O Average RT Price

m Average DA Price

S &
14
Mo.Avg

Sk
D
2013

Average DA-RT Difference (% of Real-Time Price)

2014

Excluding RSG

0

7

-5

-11

-7

-4

31

Including RSG

-1

3

-6

-14

-13

31




2014 State of the MarketReport Appendix: Day-Ahead Market Performance

MI SO6s ancill ary s e raheadand resbme markets forceguiang st o f
reservesspinningreserves, andupplemental reserves that are jointly optimized with the energy
markets. These markets have operated without significansisisiee their introduction in

January 2009In mid-Decembef012 MISO added regulation mileage compensation to its
ancillary sevices marketeén accordance witkFERC Order 755

Figure A29: Day-Ahead Ancillary Services Prices and Price Convergence

Figure A29 shows monthly average dayead clearing pricems 2014for each ancillary service
product, along with daghead to reaime price differences.

Figure A29: Day-Ahead Ancillary Services Prices and Price Convergence
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C. Day-Ahead Load Scheduling

Load scheduling and virtual trading in the eihyead market plaan important role in overall

market efficiency by promoting optimal commitments and improved price convergence between
day-ahead and redime markets. Dawhead loads the sum of physicdbadand virtual load.
Physical load includes cleared prsensitive load and fixed loadRricesensitive load is

scheduled (i.e., cleared) if the dalgead price is equal to or less than the lodd Bi fixed-load
schedule does not include a bid price, indicating a desire to be scheduled regardless of the day
ahead price.

Virtual trading in the daxahead market consists of purchases or sales of energy that are not
associated with physical load @sources. Similar to priegensitive load, virtual load is cleared
if the dayahead price is equal to or less than the virtual loadWet.scheduled load is defined
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as physical load plus cleared virtual load, minus cleared virtual suppb/relatimship of net
scheduled load to theaktime oractual load affects commitment patterns and RSG costs
because units are committed and scheduled in thaltiegbnly to satisfy the netlay-ahead
load.

Whennet dayaheadoad is significantly less thanaktime load, particularly in the ped&ad
hour of the day, MISQvill frequentlyneed tacommit peaking resourcés reattime to satisfy
the difference Peaking resources often do not set-tia¢ prices, even if those resources are
effectively marginh(see Sectio.H). This can contribute to suboptimal réahe pricing and
can result in inefficienciewhenlower-costgeneration scheduled the dayahead markas
displaced by peaking units committedr@al time. Because these peaking units frequelatly
not set reatime pricegeven though they are more expensive than other resoutees)
economic feedbaci&nd incentivedo schedule more fully in the daahead market will bdiluted

Additionally, significantsupplyincreases after the dahead marketan lower reatime prices
and create an incentive for participants to schedule net load at less than 100 percent. The most
common sources afcreasedupply in real time are:

1 Supplemental commitmentsade by MISO for reliability after the daahead
market;

1 Sel-commitments made by market participants after theatesad market;
1 Underscheduledvind outputin the dayahead marketand
1 Realtime net importabove dayahead schedules.

Figure A30- Figure A32: Day-Ahead ScheduledersusActual Loads

To show net loagcheduling patterns in the dahead markegigure A30 compares the
monthly dayahead scheduled lo&ol actual loadn real time The figure showsnly the daily
peak hourswhen undeischeduling is most likely to require MISO to commit additional
generation. The table below the figure shows the average scheduling levels in ainaoiors
the peak hor. We show peak hour scheduling separately for the Midwest and f&gidimsin
Figure A31 andFigure A32.
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Figure A30: Day-Ahead Scheduledversus Actual Loads
2013 2014 Daily Peak Hour
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Figure A31: Midwest Region DayAhead Scheduled Versus Actual Loads
2013 2014 Daily Peak Hour
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Figure A32: South Region DayAhead Scheduled Versus Actual Loads
2013 2014 Daily Peak Hour

108%
104% ﬁi
o o —
L — I =
5 %% ]
2 90 iNet Virtual Supply
o HE Net Virtual Load
L 88%
8 B Price Based Load
N 84% i
@EFixed Load
80% I 1 1 11 11
14DJ‘F‘M‘A‘M‘J‘J‘ASO‘N‘D
Avg.| 13 2014
Share of Actual Load (%)
< 0 «Q @« © < N @ N < < 3] o o
miborsl 2 15 13 5 8 8§ 8§ 8§ & g g 8 3 5
e | | o | | e e | | S | e S
| @ ) < o < Ce) © ™~ 0 ™~ 7o) ~ < o

D. Fifteen-Minute Day-Ahead Scheduling

The dayahead energy and ancillary services marketrently solves on an hourly basis. As a

result, all dayahead scheduled ramp demands coming into theinealmarket, including unit
commitments, deommitments, and changes to physical schedules are concentrated at the top of
the hour.

MISO currently has several options to manage the impaopadf-the-hour changes in real
time, including staggering unit commitmeifighich can result in increased RSG paymeots)
proactively using load offsets in order to reduce ramp impatisietheless, theeaktime ramp
demandsreated by the current hdyresolution of the dayhead marketan be substantial and
can produce significameaktime price volatility.

Figure A33: Ramp Demand Impact of Hourly D&head Market

Figure A33 below shows the implied generation ramp demand attributable talcsad
commitments and physical schedutasnpared toeattime load changes. When the sum of
these changes is negative, online generators are forced tapaimpalance the magk When
thesum is positive, generators are forced to ramp down

PageA-36



2014 State of the MarketReport Appendix: Day-Ahead Market Performance

Figure A33: Ramp Demand Impact of Hourly Day-Ahead Market
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E. Virtual Transaction Volumes

Virtual trading provigés essential liquidity to the dahead market because it constitutes a large
share of the pricsensitivity at the margin that is needed to establish efficienatdagd prices.
Virtual transactions scheduled in the g#yad market are settlagainst pices established in

the realtime market. Virtual demand bids are profitable when thetmsa energy price is

higher than the daghead price, while virtual supply offers are profitable when theatiend
energy price is higher than the réiahe price For example, if the market clears 1 MW of
supplyfor $50 in the dayahead marketjirtual supplysellers must then purchase (or produce) 1
MW in real time to cover the tradd.hey will incur a lossfithe realtime cost (the LMP at the
transaction lod#on) exceed$50 and a profitf it is lessthan $50.

Accordingly, if virtual traders expect retine prices to be lower than dayead prices, they
would sell virtual supply in the daghead market and buyg, settle financially) the power back
basedon realtime market prices. Likewise, if virtual traders expect-teaé prices to exceed
day-ahead prices, they would buy virtual load in the-dhgad market and sell the power back
based on redime prices. This trading is one of the primary mdar@bitrage pricesbetween
the two marketandcaugsday-ahead prices to converge with rgiahe prices. Price
convergence resultingdm this arbitrage increasefficiencyand mitigates market power in the
day-ahead market.

Large sustained profits fro virtual trading may indicate deghead modeling inconsistencies,
while large losses may indicate an attempt to manipulat@lesd pricesAttempts to create
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artificial congestion or other price movements in the-alagad marketould cause prices to
diverge from reatime prices andhe virtual transaction tbe unprofitable.

For example, a participant may submit a haglted (likely to clear) virtuatlemandbid at an
otherwise unonstrained location that causes artificial-ééngad market congestiom this case,
the participantvould buy in the dayahead market at the high (i.e., congested) price and sell the
energy back at a lower (i.e., uncongested) price in thdinealmarket. Although it is

foreseeable that the virtual transaction wouldibgrofitable, the participant could earn net
profits if the payments to its FTRs (or payments through some other physical or financial
position) increase as a result of the higheralagad congestion. We continually monitor for
indications of suclbehavor andutilize mitigation authority taestrict virtual activity when
appropriate

Figure A34 andFigure A35. Day-AheadVirtual Transaction Volumes

Figure A34 shows the average cleared and offered amounts of virtual supply and virtual demand
in the dayahead marketom 2013 to 2014 Figure A35 separates these volumes by region in
2014. The virtual bids and offers that did not clear are shown as dashed areas at the end points
(top and bottom) of the solid barFhesearevirtual bids and offerthat were not economic

based on thprevailing dayahead market pricésupply offers priced at moreahtheclearing

price and demand bids priced below the clearing price)

Figure A34: Day-Ahead Virtual Transaction Volumes
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Figure A35: Day-Ahead Virtual Transaction Volumes by Region
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The figures separately distinguish between psiessitive and pricesensitive bids. Price
insensitive bids are those that are Vé@ly to clear (supply offers priced well below the
expected reafime price and demand bids priced well above the expectetdmeaprice). For
purposes of these figures, bids and offers submitted at more than $20 above or below an
expected reafime price as calculated by the IMM are considered pnsensitive. A subset of
these transactions contributed materially to an unexpected difference in the congestion between
the dayahead and redgime markets and warranted further investigation. Theksnas are

|l abel ed

6Screened

Transact

ions® in the

Figure A36 - Figure A39: Virtual Transaction \dlumes by Participant Type

The next figure show daghead virtual traration by participant typeFigure A36 shows the
same results badditionallydistinguishes between physical participahest own generation or
serve loadincludingtheir subsidiarieandaffiliates) and financialonly participants.Figure
A38andFigure A39 show the same statistic except separated by region.
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Figure A36: Virtual Transaction Volumes by Participant Type
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20,000

LiLi Uncleared
B0 Cleared, Price Sensitive
BE Cleared, Price Insensitive

16,000

g 12,000 BB Cleared, Screened Transactig
g 8,000
=
L > 4,000
=
8,5; -4,000
g
2> -8,000

-12,000

-16,000 e

12‘13‘14 J‘F‘M‘A‘M‘ J‘J‘A‘S‘O‘N‘D 12‘13‘14 J‘F‘M‘A‘M‘ J‘J‘A‘S‘O‘N‘D
Avg. 2014 Avg. 2014
Financial-Only Participants Generators / LSEs

Figure A37: Virtual Transaction Volumes by Participant Type
Midwest Region2014
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Figure A38: Virtual Transaction Volumes by Participant Type
South Region2014
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Figure A39: Virtual Transaction Volumes by Participant Type and Location
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Figure A39, abovedisaggregates transaction volumes further by type of participant and four

types of locations: hub locations, load zones, generator nodes, and interfaces. Hubs, interfaces,

and load zonesra aggregations of many nodes and are therefore less prone to congeatesh
price spikes than generator locations. The Indiana Hub remained the single most liquid trading
point in MISO during2014

Figure A40: Matched Virtual Transactions

Figure A0 shows monthly average cleared virtual transactions that are considered price
insensitive. As discussed above, piicgensitivebids andoffersare priced to make thewery

likely to clear. The figure also shows thelsis et o f t r a n sagledgowloch gccut h a 't
whenthe participant clears both insensitive supply and insensitive demand in a particular hour.

Priceinsensiive transactionsre most often placed for two reasons:
1 A participant seeking an energgutral position across a particular constraint.

1 A participant seeking to balance their portfolio. R&+aheadleviationor
A D D Charges to virtual participants assessed to net virtual supply, so
participants can avoid such charges by clearing equal amounts of supply and

demand.Suchiimatched t r ansacti ons R®Grevisiensiib st ant i
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Figure A40: Matched Price-In sensitiveVirtual Transactions
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Figure AL Virtual Transaction Volumes, MISO and Neighboring RTOs

To compare trends in MISO to other RT®Ggure A41 showsclearedvirtual supply and
demandn MISO, ISO New Englan@SO-NE), and New York ISGNYISO) as a percent of
actual load.

Figure A41: Comparison ofVirtual Transaction Volumes
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F.  Virtual Transaction Profitability

The nextset of charts examingise profitability ofvirtual transactiongn MISO. In a welk
arbitraged market, profitability is expected to b&l Howeverjn a market with a prevailing
day-ahead premiumnyirtual supplyshould generallype more profitablgehanvirtual demand

Figure Ad2-- Figure A3 Virtual Profitability

Figure A2 shows monthly average gross profitability of virtual purchases and aitess
profitability is the difference between the price at which virtual traders bought and sold positions
in the dayahead marit and the price at which these positions were covered (i.e., settled
financially) in the realtime market. Gross profitabpyitexcludes RSG cost allocatigrnghich

vary according to the marketide DDC rate and the hourly net deviation volume of a given
participant Figure A43 shows the same results disaggregated by type of market participant:
entities owning generation or serving load, and finarmidy participants.
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G. Load Forecasting

Load forecasting is a key element of an efficient forward commitment process. Accuracy of the
Mid-Term Load ForecagMTLF) is particularly important for thEorwardReliability
Assessmentommitment(FRAC) processwhich isperformed after the daghead maeet closes
andbefore the realime operating day begins. Inaccurate forecasts can cause MISO to commit
more or fewer resources than necestaryeet demand, both of which can be costly

Figure Ad4: Daily MTLF Error in Peak Hour

Figure A4 shows the percentage difference between the MTLF used FRINE procesand
reaktime actual load for the peak hour of each da30h4

Figure A44: Daily MTLF Error in Peak Hour
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V. RealTime Market Performance

In this section, we evaluate reahe market outcomes, including prices, loads, and uplift
payments. We also assessdispatch of peaking resources in real time and the ongoing
integration of wind generation.

The realtime market performs the vital role of dispatching resources to minimize the cost of
satisfying its energy and operating reserve needs, while observiagag® and transmission
network limitations. Every five minutes, the rémhe market utilizes the latest information
regarding generation, load, transmission flows, and other system conditions to produce new
dispatch instructions for each resource ancegs for each nodal location on the system.

While some RTOs clear their rei@ine energy and ancillary service markets every 15 minutes,

MI S O 6 smintite intexval permits more rapid and accurate response to changing conditions,
such as changing windutput or load. Shortening the dispatch interval reduces regulating

reserve requirements and permits greater resource utilization. These benefits sometimes come at
the cost of increased price volatility, which esaluate in this section.

Although most gnerator commitments are made through theadsad market, resiime market
results are a critical determinant of efficient gdyead market outcomes. Energy purchased in
the dayahead market (and other forward markets) is priced based on expectatiuesea

time market prices. Higher retine prices, therefore, can lead to higher-dagad and other
forward market prices. Because forward purchasing is a primargnasiagement tool for
participants, increased volatility in the re¢mhe market ca also lead to higher forward prices by
raising risk premiums in the dahead market.

A. RealTime Price Volatility

Substantial volatility in realime wholesale electricity markets is expected because the demands

of the system can change rapidly and supplye xi bi I ity i s restricted b
i mitations. H -timeesofteyare, andeoperatih@ &2tioss can édedplmanage real

time price volatility. This subsection evaluates and discusses the volatility-tifmegirices.

Sharp pricenovements frequently occur when the market is raomstrained (when a large

share of the resources are moving as quickly as possible), which occurs when the system is

moving to accommodate large changes in load, Net Scheduled Interchange (NSI), diogenera

startup or shutdown. This is exacerbated by generator inflexibility arising from lower offered

ramp limits oreducedlispatch range

Figure A45: FifteenMinute RealTime Price Volatility

Figure A5 provides a comparative analysis of price volatility by showing the average
percentage change in rgahe prices betweenffeenminute intervals for several locations in
MISO and other RTO markets. Each of these markets hasirectiset of operating
characteristics that factor into price volatility.

MISO and NYISO are true fiveninute markets with a fiveninute dispatch horizon. Ramp
constraints are more prevalent in these markets as a result of the shorter time to nratiegene
However, N-¥ne Sifpéatsh isra enafderiod optimization that looks ahead more than
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one hour, so it can better anticipate ramp needs and begin moving generation to accommodate
them. We are recommending MISO adopt a similar approach.

Although they produce fiveninute prices using egost pricing models, PJM and ISTE

generally produce a retime dispatch every 10 to 15 minutes. As a result, these systems are less
likely to be rampconstrained because they have more ramp capabiligrte system demands.
Since the systems are redispatched less frequently, they are apt to satisfytesmortbéanges in

load and supply more heavily with regulation. This is likely to be less efficient than more
frequent dispatch cyclésenergy prices ithese markets do not reflect prevailing conditions as
accurately as fiveninute markets do.

Figure A45; Fifteen-Minute RealTime Price Volatility
MISO and Other RTO Market2014
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Figure AM6. RealTime Ancillary Service Prices and Shortages

Scheduling of energy and operating reserves, which include regulating reserves and contingency

reserves, i s | oi nt {inge marget SoftwareAs aresultnoppdituSitpéost r e a |

tradeoffs result in higher energy prices and reserve prices. Energy and ASM prices are
additionally affected by reserve shortages. When the market is short of one or more ancillary
service product, the demand curve fort f@duct will set the marketide price for that product
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and be included in the price of higher value reserves and ekeiigye demand curves for the
various ancillary services products in 204ere:

1 Spinning Reserves: $65 per MWh (for shortalgetsveerD and 10percent of the market
wide requirement) and $98 per MWh (for shortagesaterthan10 percent}3

1T Regul ati on: Varies monthly according to t
$203.74per MWh in 204 andreached nearly $400 in March.

i Total Operating Reserves:

0 For cleared reserves less than 4 percent of the mar#tetrequirement: Value of
Lost Load ($3,500) minus the monthly demand curve price for regulation.

0 For cleared reserves between 4 and 96 percent of the madestequirement:
priced between $1,100 (the combined offer caps for energy and contingency
reserves) and the above, depending on the estimated probability of loss of load.

o For cleared reserves more than 96 percent of the raittetrequirement: $200
per MWh.

Total operatingeserves (includes contingency reserves plus regulation) is the most important
reserve requirement because a shortage of total operating reserves has the biggest potential
impact on reliability. Accordingly, total operating reserves has the highiestdreserve

demand curve. To the extent that increasing load and unit retirements reduce the capacity
surplus in MISO, more frequent operating reserve shortages will play a key role in providing
long-term economic signals to invest in new resources.

Figure A6 shows monthly average retithe clearing prices for ASM products 2014 It also
shows the frequency with which the system was short of each class of reserves. We show
separately the impact of each productés short

12  There are additional requirements for regulation and spinning reserves for each reserve zone in MISO.

13 There is an additional $50 per MWh. penalty called tF
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Figure A46. Real-Time Ancillary Services Clearing Prices and Shortages
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Figure A47: Regulation Offers and Scheduling

ASM offer prices and quantities are primary determinants of ASM outcoRigsre A47

examines average regulation capability, whiclessthan spinning reserve capabilligcause

(a) itcan only be provided by regulati@apable resources and (b) it is limited to five minutes of
bi-directional ramp capability. Clearing prices for regulating reser@eseconsiderably higher
than the highest cleared offers because the prices refleattopity costs incurred when
resources must be dispatched up or down from their economic level to prodidechibnal
regulation capability. In addition, as the highgsality ancillary service, regulation can
substitute for either spinning or supplental reserves. Hence, any shortage in those products
will be reflected in the regulating reserve price as well.

The figure distinguishes between quantities of regulation that are available to therfute

dispatch (in the solid bars) and quantitiest are unavailable (in the hashed bars). Of the

unavailable quantities, the figure shows separately those that are not offered by participants, not
commi tted by MI SO, and | imited by dispatch | e
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Figure A47: Regulation Offers and Scheduling
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Figure A48 Contingency Reserve Offers and Scheduling

MISO has two classes of contingency reservesimspg reserves and supplemental reserves.
Spinning reserves can be provided by only online resources for up to ten minutes of ramp
capability (and limited by available headroom above their output level). Supplemental reserves
are provided by offline urstthat can respond within 10 minutes (including startup and

notification times). The contingency reserve requirement is satisfied by the sum of the spinning
reserves and supplemental reserves. As noted above,-hajhed reserves can be used to

fulfill the requirements of loweguality reserves. Therefore, prices for regulating reserves

always equal or exceed those for spinning reserves, which in turn will always equal or exceed the
contingency reserve prices paid to supplemental reserves. As withtieg, spinning and
contingency reserve prices can exceed the highest cleared offer as a result of opportunity costs or
shortage pricing.

Figure A48 shows thequantity ofspinning and supplemental reserve offers figrqrice. Of
the capability not available to the dispatch, the figure distinguishes between quantities not
offered, derated, and limited by dispatch level.
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Figure A48. Contingency Reserve Offers and Scheduling
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Figure A9 Market Spin Shortage Intervals vs. Rampable Spin Shortage Intervals

MISO operates with a minimum required amount of spinning resémaecan be eployed

immediately for contingency response. Market shortages generally occur because the costs that
would be incurred to maintain the spinning reserves exceed the spinning reserve penalty factor
(i.e., the implicit value of spinning reserves in the-teakt market).

Units scheduled for spinning reserves may temporarily be unable to provide the full quantity in
10 minutes if the realime energy market is instructing them to ramp up to provide energy. To

account for concerns that rarsparing between A@ products could lead to real ramp

shortages,

M

SO maint ai

ns

a

mar ket

MISO does not schedule enough resosiioghe reatime market to satisfy the market
requirement, but is not physically short of spinning rese¥€&o minimize such outcomes,
MISO should set the market requirement to make market results as consistent with real
conditions as possible.

schedul
spinning requirement by approximately 200 MW. As a result, market shortages can occur when

14  ltis also possible for the system to be physically short temporarily when units are ramping to provide energy,
but not indicate a market shortage because ramp capability is shared between the markets.
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Figure A9 shows all intervals i2014with a real (physical) shortage, a market shortage, or
both, as well as the physical and market requiresndvibst realonly shortages aressociated
wi t h #Ai nf &wumachidvallescapacityes units that MISO is counting as part of its
headroom or reserves that aré reflected in market outcomés.

Figure A49: Market Spin Shortage Intervals vs. Rampable Spin Shdage Intervals
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C. Supplemental Reserve Deployments
Figure A60: Supplemental Reserve Deployments

Supplemental reserves are deployed during Disturbance Control StandandafiaiGSea

Reserve Sharing (ARS) eventsSigure A50 shows offline supplemental reserve response during
thelldeployments ir2014 separately indicating those that were susftdly deployed within

10 minutes (as required by MISO) and within 30 minutes (as required by NERC).

15  For amore completaiscussion on inferred dates, see SectiohJ.
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Figure A50: Supplemental Reserve Deployments
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D. Generation Availability and Flexibility in Real Time

The flexibility of generation available to the regahe market provides MISO the ability to

manage transmission congestion and satisfy energy and operating reserve obligations. In
general, lhe dayahead market coordinates the commitment of most generation that is online and
available for reatime dispatch. The dispatch flexibility of online resources intresd allows

the market to adjust supply on a fim@nute basis to accommodate N&tldoad changes and
manage transmission constraints.

Figure A61: Changes in Supplfiyom Day Ahead to Realime

Figure A61 summarizes changes in supply availability from-dagada real time. Differences
between dayahead and redime availability are to be expected and are generally attributable to
reaktime forced outages or derates and-teaé commitments and decommitments by MISO.

In addition, suppliers scheduled dalgeadsometimes decide not to start their units in real time,
but instead to buy back energy at the-teak price. Alternatively, suppliers not committed in
the dayahead may selfommit in real time.

The figure shows six types of changes: generating cgmetficommitted or decommitted in

real time, capacity scheduled dalyead that is not online in real time; derated capacity (cleared
and not cleared in daghead) and its inverse, increased available capacity; and units committed
for congestion managementhe figure separately indicates the net change in capacity between
the dayahead and redaime markets. A net shortfall indicates that MISO would need to commit
additional capacity, while a surplus would allow MISO to decommit or shortetimeEaMISO
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commitment periods. The amount actually committed for capacity in real time is not included in
the figure.

Figure A51: Changes in Supplyfrom Day Ahead to RealTime
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E. Revenue Sufficiency Guarantee Payments

Revenue Sufficiency Guarantee (RSG) payments compensate generators committed by MISO
when mar ket revenues are insuf fi éiGenemlly,t o cove
MISO makes most oubf-merit commitments in real time to satisfy the reliability needs of the

system and to account for changes occurring after thatkegd.Since these commitments

receive market revenues from the riade market, their production costs ixcess of these
revenues are rd&domear kS GuMiBBbgommitsiresaulces in real time

for many reasons; including to mea} ¢apacity needs that can arise during peak load or sharp

ramping periods b reattime load undescheduled ay-ahead, ord) to secure a transmission
constraint or docal reliability needotomai nt ain the systemds voltage

Beginning in the fall of 201,2VISO began making many voltage and local reliab{lith VL R0 )
commitments in the daghead rarket. VLR commitmentsncreased aftebouth region

integraton, due to implementation afewoperating procedures in South load pockéts.

satisfy the requirements of these operating guides and due to the startup timesafitbd
resourcesMISO makes the associateeliability commitments in advanad, or in theday

16 Specifically, t-dcommitedowrasispatctied aiferadigosts.d6 s a s
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aheadmarkets. Consequently dajpead RSGayments are now larger than rale payments
in most months.

Peaking resources are the most likely to receive RSG payments because theyhaghestost

class of resources and, even when setting price, receive minimal LMP margins to cover their
startup and ndoad costs. Additionally, peaking resources frequently do not set the energy price
(i.e., the price is set by a loweost unit)because they are operating at their economic minimum.
This increases the likelihood that an RSG payment may be required.

Figure A62 andFigure A63: RSG Payment Distribution

Figure A62 shows total dayahead RSG paymentsnd distinguishes between payments made for
VLR or for capacity needs. In addition, capacity payments made to units in MISO South NCAs
are separately identified becaukese units are typically committed for VLR aa@ frequently
subject to the tighter VLR mitigation criterid.he results are adjusted for changes in fuel prices,
although nominal payments are indicated separatébure A53 shows total realime RSG

payments and distinguishes among payments made to resources committed for overall capacity
needs, to manage congestion, or for voltage support.

Figure A52: Total Day-Ahead RSG Payments
FuelCog Adjusted,2013 2014
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17  We examine market power issues related to commitments for voltage support in 8dttion
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Figure A53: Total Real-Time RSG Payments
Fuel Adjusted2013 2014
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The RSG process was substantively revised in April 2011 to better reflect cost causation. Under

the revised allocation methodology, R®{Bjible commitments are classified as satisfying either
a congestion management (or otlomal need) or a capacity need. When committing a resource
for congestion management, MISO operators identify the particular constraint that is being
relieved. Supply and demand deviations from theatead market that contribute to the need

for the canmitment (deviations that increase flow on the identified constraint) are allocated a
share of the RSG costs under the CMC rate. Most constedaéd RSG costs not allocated
under the CMC rate were allocated to net participant deviations (negatieviegions pre

notification deadline (NDL) and all deviations pddDL) under the DDC rate. Any residual
RSG cost is then allocated markgtle on a load a t i

Figure A64 summarizes, in the top panel, how reéale RSG costs were allocated among the

Figure Ab4: Allocation of RSG Charges

o0 sharel8asi s

DDC, CMC, and Pass 2 charges in eacnthof 2014 Until March 2014the CMC allocations
wereinappropriately limited based on the GSF of the committed Uiits caused significant
portion ofconstraintrelatedRSG costsd be allocatedinderthe DDC chargeThis is more
closely examined in the next figure.

18

A portion of constraint el at ed

transmission derates or loop flow.
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Figure A54: Allocation of RSG Charges
By Month, 2013 2014
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Figure AB5: Allocation of ConstrainRelated RSG Costs

Figure A5 examines more closely how RSG costs associated with commitments to manage
constraints and other local issues are allocated. The green portion of the bar is the portion
allocated to those deviations that create a flow deviation on the constrainidbrtivresource

is committed. The maroon block corresponds to costs incurred because of a transmission derate
and is allocated to |l oad through APass 20.
wide deviations under the DDC rate. The lightglue block shows allocations that occur when

the committed capacity exceeds the deviation flow (i.e., more committed relief is procured than
the contribution of the harming deviations to the constraint flows

As discussed previously, the second blockurs because MISO allocdtenly the portion of the
costs based on the GSF of the committed unit that corresponds to its actual relief-ftmugjer
over the constraint, and not the full cosffter adopting the IMM changes in March, thar
declines substantially The darkest blue block is allocated under the DDC rate for reasons we
cannot identify, but may be due to errors in logging or the definition of the constraint.
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Figure A55: Allocation of Constraint-Related RSG Cosé
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F.  Price Volatility Make -Whole Payments

MISO introduced the Price Volatility Maké/hole Payment (PVMWP) in 2008 to ensure

adequate cost recovery from the reale market for those resources offering dispatch
flexibility. The payment ensures that suppli
dispatch signals in real time are not financially harmed by doing so, thereby removing a potential
disincentive ® providing more operational flexibility.

The PVMWP consists of two separate payments:-Blagad Margin Assurance Payment
(DAMAP) and RealTime Operating Revenue Sufficiency Guarantee Payment (RTORSGP).
The DAMAP is paid when a resoutc@ay-ahead marg is reduced because it is dispatched in
real time to a level below its dahead schedule and has to buy its-dagad scheduled output
back at reatime prices. Often, this payment is the result of stearh price spikes in the real

time market due tbinding transmission constraints or ramp constraints. Conversely, the
RTORSGP is made to a qualified resource that is unable to recover incremental energy costs
when dispatched to a level above its-@ddngad schedule. Opportunity costsdotential

revenues are not included in the payment.

Figure A56: Price Volatility MakeWhole Paymenst

Figure A66 shows total monthly PVMWP statistics for the prior three years. The figure
sepaately shows two measures of price volatility basedlpmthe System Marginal Price (SMP)

and @) the LMP at generator locations receiving PVMWP. Payments should correlate with price
volatility, since volatility leads to greater obligations to flexiblpiers. Volatility at
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recipientsd | ocations is expected to be highe
more so than other suppliers due to larger price fluctuations and because the SMP volatility does
not include volatility related to transssion congestion.

Figure A56: Price Volatility Make -Whole Payments
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G. Five-Minute Settlement

While MISO clears the redgime market in iive-minute intervals and schedules physical
transactions on a ifminute basis, it settles both physical transactions and generation on an
hourly basis. The fiveninute reaitime market produces prices that more accurately reflect
system conditions and ad in more rapid response to system ramp and congestion management
needs than longer intervals used in some other markets. Hourly settlement, however, creates
financial incentives that are often in opposition to the-fiiaute dispatch signals for gentmas.

When an hourly settlement value is anticipate
the resource has the incentive to dispatch wup
provided it stays within MISO6s deviation tol

MISO has attempted to address the discrepancy between thaifivee dispatch and the hourly
settlement incentives with the PVYMWP. The PVMVgkhtended to induce generators to
provide dispatch flexibility and to respond to fim@nute dispatch signals. Whilee PVMWP
removes some of the disincentives a generator would have to follownfiveite dispatch signals
under the hourly settlement, settling on a{dmmute basis for generation would provide a much
stronger incentive for generators to follow fir@nute dispatch. It would also remove incentives
for generators to setfommit in hours following price spikes to profit from hourly settlements
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and it would be compatible with other MISO initiatives (e.g., a ramp product). Thmiivee
settlement of phsical schedules would remove similar harmful incentives for physical
schedules.

Figure A67: Net Energy Value of FivBlinute Settlement

The next figure examines the ovand undeicounting of energy value associateith the
hourly settlement of the fiveninute dispatch i2014 The hourly settlement is based on a
simple average of the fivaminute LMPs and is not weighted by the output of the resoukce.
resource tends to be undervalued when its output is positeaiglated with LMP and vice
versa. For example, a resource that produces more output in intervals whemifiuee prices
are lower than the hourly price would be overvalued.

The figure shows the differences in energy value in therfireite versus durly settlement for
fossitHfueled and notiossil resourcesFossitfueled resources tend to provide mbexibility

and therefore tend to produce more in intervals higiherfive-minute prices.Some norossil

fuel types such as nuclear provide dittlispatch flexibilityso the average output across a given
hour is consistent and seldom results in any discernible difference in valuation. Wind resources,
on the other hand, can only respond to price by curtailingut normally they cannot ramp up

in response to price increases because they typically operate at their maximum. Additionally,
wind resource output is negatively correlated with load and often contributes to congestion at
higher output levels, so hourigtegrated prices often overstdéite economic value of its

generation.

Figure A57: Net Energy Value of FiveMinute Settlement
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Figure A68: Net Energy Value of Physical Schedules Settlement

Thenextfigure shows a similar analysis for physical scheduling. As noted above, these
transactions may be schedubtdeastwentyminutes in advance start andtop in fifteen

minute incrementdut similar to generation are settled éd®n average hourly interface prices.
Consequently, like generation, these schedules may be paid more or less than their value
depending upon whether the fim@nute interval prices during the scheduled interval are more or
less than the hourly averageae.

This chart shows overvalued transactions as positive values and undervalued transactions as
negative valuesThe stacked bar shows the total for the top six market participants in terms of
settlement values, and the drop line shows the neiveefate-minute to hourly valuation for all
participants.

Figure A58: Net Energy Value of Physical Schedules Settlement
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H. Dispatch of Peaking Resources

Peak demand is often satisfieg generator commitments in the réiahe market. Typically,

peaking resources account for a large share ctirealcommitments because they are available

on short notice and have attractive commitrreost profiles (i.e., low startup costs and short
startup and minimunrtun times). These qualities make peaking resources optimal candidates for
satisfying the incremental capacity needs of the system.
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While low commitment costs make peaking resources attractive for meeting capacity needs, they
generallyhave high incremental energy costs and frequently do not set the energy price because
they are often dispatched at t hei r -obnteorniotnbi ¢ m
order with an offer price higher than their LMP). When a peaking unitrimteset the energy

price or runs ouwtof-merit, it will be revenuenadequate because it receives no energy rents to

cover its startup and minimum generation costs. This revenue inadequacy resultsrrereal

RSG payments.

Since MI SO06s agigtheesgnanteretheldispatdh ofppealing resources has the
greatest impact during the summer months when system demands can at times require substantial
commitments of such resources. In addition, several other factors can contribute to

commitments of paking resources, including dahead net scheduled load that is less than

actual load, transmission congestion, wind forecasting errors, or changestimedsSI.

Figure A69: Average Daily Peaking Unit Dispatch aRdices

Figure A69 shows average daily dispatch levels of peaking uni2®imland evaluates the

consistency of peaking unit dispatch and market outcomes. The figure igrdgeted by the
unités commitment reason. 't separately indi
in-merit order (.e., theLMP exceeds its offer price).

Figure A59: Dispatch of Peaking Resources
By Commitment Rason,2013 2014
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l. Wind Generation

Wind generation in MISO has grown steadily since the start of the markets in i0&ugh

wind generation promises substantial envirental benefit, the output of these resources is

intermittent and, as such, presents particular operational, forecasting, and scheduling challenges.
These challenges are amplified as windds port

MISO introduced the Dispatable Intermittent Resource (DIR) type in June 20RIRs are

wind resources that are physically capable of responding to dispatch instructionsg&dyn

zero to a forecasted maximum) and can, therefore, set thimeatnergy price. DIRs are

treatel comparable to other dispatchable generation. They are eligible for all uplift payments
and are subject to all requisite operating requiremeéxesrly80 percen{fl0.5 GW)o f MI SO0 s
wind capacity 118 out of 183 unit is currently capable of responding dispatch

instructions the rest generally lack the physical capabilities (such as blade feathering) to do so.

DIRs can submit offers in the deghead market (accompanied by generation forecasts) and can
be designated as capacity resources under Modolehe Tariff (adjusted for capacity

factors)1® For both DIR and nodIR, MISO utilizes short and lorggrm forecasts to make
assumptions about wind output. Despite the expanded DIR capability, MISO continues to utilize
manualcurtailments when necesgao ensure reliability.

Figure A60: Day-Ahead Scheduling Versus Rd@ame Wind Generation

Figure A60 shows a seveday moving average of wind scheduled in the-dhgad market ah

dispatched in the redéime market sinc013 Underscheduling of output in the dahead

market can create price convergence issues in western areas and lead to uncertainty regarding the
need to commit resougs for reliability. Virtual supply at wind locations is also shown in the

figure because the response by virtual supply in theatiepad market offsets the effects of
underscheduling by the wind resources.

19 Module E capacity credits for wind rload&xpecators ar e det
Study. I't is established on a unit basis by evaluat
of the prior seven yearsd eight highest peali | oad das
2016 Planning Yearthis credit averages T4.percentup sl i ghtly from the prior ye:
Excluding resources that received no credit, individual credits rangelftor®5 percent.
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Figure A60: Day-Ahead Sheduling Versus RealTime Wind Generation
2013 2014
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Figure A61: SeasonalWind Generation Capacity Factors by Load Hour Percentile

Wind capacity factors (measured as actual output as a percentage of nameplate capacity) vary
substantially yeato-year, and by region, hour, season, and temperature.

Figure A61 shows average hourly wind capacityttas by loadhour percentile, shown
separately by season and region. The figure also shows thgefmuaverage. This breakdown
shows how capacity factors have changed with overall load. The horizontal axis in the figure
shows tranches of data padl e v e | . F o r25@barasimqvithe capatitly factofi
during the 25 percent of hours when load was lowest.
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Figure A61: Seasonal Wind Generation Capacity Factors by Load Hour Percentile
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Figure A62: Wind Curtailments by MISO

Since much of the wind capacity is located inNweth region and its output impacts lower
voltage transmission constraints, the growth in wind output over time hétedasuncreased
congestion out of western aredefore the phased introduction of DIR beginning in June 2011,
MISO operators manually curtailed wind resource output regularly to manage congestion and
address local reliability issueslanual curtailmets are an inefficient means to relieve

congestion because the process does not allow prices to reflect the marginal costs incurred to
manage the congestion. This inefficiency is eliminated when DIR units are economically
curtailed.

In addition to MISQissued curtailments, wind resource owners at times choose to curtail their
output in response to very low priceSwnerinstructed curtailments are not coordinated with or
tracked by MISO, and appear to the market operator as a sudden reduction in wihd outpu
These actions, which contribute to wind generation volatility (discussed later in this section),
have declined as DIR integration has expanded.

Figure A62 shows the average wind curtailments sin@&2 The figuredistinguishes between
MISO-issued manual and economic (DIR) curtailments. Manual curtailments of units that have
since become DIR are indicated by the lighter color.
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Figure A62: Wind Curtailments
2013 2014
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Figure A63: Wind GenerationVolatility

Wind output can be highly variable and must be managed through the redispatch of other
resources, curtailment ofimd resources, or commitment of peaking resouréégure A63
summarizes the volatility of wind output on a monthly basis over the past two years by showing:

1 The average absolute value of therBibiute change in windeneration in the blue
line;

The largest five percent of hourly decreases in wind output in the blue bars; and

The maximum hourly decrease in each month in the drop lines.

Changes in wind output due to MISO economic curtailments are excluded from tlysisanal
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Figure A63: Wind Generation Volatility
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J. Inferred Derates

As noted above, in 2014 MISO implemented a new screening proceduresthteridentify

resources experiencing an unreported derate condition, or failing to selgdabow dispatch

signals. Ml SOO6 s c established bRouralaries seven percent above and below dispatch
instructions for units that are deviating for i@ more Eminute instruction interval&?

Operators at MISO review the results of these screens Himeahnd contact deviating

generators and may take the units off control if the behavior perBistst i ng MI SO6s des
phase for this procedure arelated tools, the IMM informed MISO that the tools were not

designed to identify units that may be chronically not responding to dispatch signals over

multiple intervals. The current system focuses on a very short time frame and is designed to

support ontrol area criteria, such as ACE. Consequently, a unit that may be effectively derated

by large amounts that accumulate over multiple intervals and is unable to follow dispatch may

not be identified by MISOG6s c uhemnewscteenthasol s and
similar shortfalls to the tolerance bounds th
operating at high output levels and low ramp rates are not detected when not follow dispatch
instructions.

20 This is compared to the eight percent threshold that is currently usthe féailure to Follow Dispatch
Flag in the settlements process.
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Resources are required to upgtheir realtime offer parameters and report derates under

Ml S O6 s 21T havefirf recent yeafeund numerous examples where resources were
operating well below their economic output levels (often reflected in their DA schedules). In
these casedh¢ resources were effectively derated in real time, but were not marafdl or
derated in real time.

This can undermine reliability by causing operators to believe they have more available capacity
than they actually do. It can cause less effeatispatch and congestion management since the
derated units would not provide the energy or congestion relief the dispatch is seeking. It
directly impacts the resourceobs edtheesobrecel i ty t
to avoid RSG charged=inally, in some cases the derated capacity was actually selected to

provide spinning reserves, which results in MISO meeting its requirements with capacity that

cannot respond if needed in an emergency.

Figure A64 andFigure A65:. Unreported Inferred Derates.

Figure A64 summarizes our review of instances in 20ien units were effectively derated in

real time and did not update their economic maximums in diffeirs. The bottom panel shows

the average hourly quantity of unreported derates for gheak hours. Derates are shown

separately for capacity that was unavailable but was scheduled for regulation, spinning reserves,

or credited for providingheadsom (| at ent reserves) in MISOG6s r «
markershows the maximum hourly quantity in the month. The top panel shows the cumulative
DAMAP and ASM clearing payments that were made in each month that should not have been

made and R& charges that were avoided because the resource did not report the derate to

MISO.

Figure A65 shows a histogram of cumulative inferred derate quantities in each hour in 2014.
The curve shown by the black linadicates the share of inferred derates (on the right vertical
axis) that are less than the derate amount (on the horizontal axis). The marker indicates the
median derate.

21 As MISO notes in the relevant BPM, under Generator Derate Procedure Instructions:

Under the EMT Section 39.2.5(c), the values in Generation Offers shall reflect the actual known physical
capabilities and characteristics of the Generating Resource [or Dynamic Dispatchable Resource (DRR)] on
which the Offer is based. As defined in the EMT, the Economic Minimum and Economic Maximum is the
minimum and maximum achievable MW level at which a &ation Resource may be dispatched by the

UDS in realtime under normal system conditions for an Hour on a particular Operating Day.

Any derate, either planned or wunplanned, to a Gener e
unable to achievitss Offered Economic Minimum/Maximum limit for the Offer Hour will require the GOP to

al so update the Generation Resourcebdés Hourly Economi
the derate causes on t he Ge n pitrderdtes shauldRat Iseonamaged 6 s phy si
solely with an adjustment to the ramp rate offer.
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K. Generator Deviations

MISO sends dispatch instructions to generators every five esrthat specify the expected

output at the end of the next fiweinute interval. It assesses penalties to generators if deviations

from these instructions remain outside an efgricent tolerance band for four or more

consecutive intervals within an ho## The purpose of the tolerance band is to permit a level of
deviations that balances the physical i mitat
accurately follow dispatch instructions. MI S
percenitage bands and the consecutive interval test, are significantly more relaxed than most other
RTOs including NYISO, CAISO, and PJM.

Having a relatively relaxed tolerance band allows resources to effectively derate themselves by
simply not moving over mangonsecutive intervals, which is discussed in the previous

subsection. As long as the dispatch instruction is not eight percent higher than its current output,
a resource can simply ignore its dispatch instruction. Because it is still considered to be on
dispatch, it can receive unjustified DAMAP payments and avoid RSG charges it would otherwise
incur if it were to be deratedlhese criteria exempt theajority of deviation quantities from
significant settlement penalties.

Figure A66 andFigure A67: Frequency of Net Generator Deviations

Figure A66 shows a histogram of MIS@ide interval deviations during peak hours in summer
monthswithout applying any deviation tolerance rulésgure A67 shows the same results for
peak hours on only the 10 highésad days. In each figure, the curve indicates the share of
deviations (on the right vertitaxis) that are less than the deviation amount (on the horizontal
axis). The markers on this curve indicate three points: the percentage of intervals with net
positive deviations less thaB00 MW; less than 0 MW, and the median deviation.

We continue ® recommend a specific approdcttighten the tolerance bands for uninstructed

deviations (Deficient and Excessive Enerthgt would be more effective at identifying units

that are not foll owing dispatch. chhahansmbarppr oa
of advantages compared to the current odased thresholds:

22 The tolerance band can furthermore be no less than six MW and no greater than 30 MW (Tariff section
40.3.4.a.i.). This minimum and maximum were unchanged for thissaisaly
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1 The threshold will be the same regardless of the output level (ability to follow
dispatch does not change as the output level increases);

1 It will more readily identify units wb are not responding to dispatch signals
(resources that do not move, or move in opposition to the dispatch instruction will
be identified);

1 Making thresholds proportional to offered ramp rate will eliminate the current
incentive to provide an understatesnp rate; and

1 Outputbased thresholds enable a resource to avoid being flagged for not following
dispatch if it offers low ramp rates.

Figure A66: Frequency of Net Deviations
Peak Summer Hours, 2014
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Figure A67: Frequency of Net Deviations
Top 10 Summer Hours, 2014

50 100%
45 / 90%
40 80%
Q
35 70% 2
=
30 60% 3
5 g
S 25 50% o
S =
g b
¢ 20 40% <
v =
15 30% Q3
10 20%
5 10%

0 0%
Q
\

N

S D

QO OO DO D
Q%Q Q(oQg,)Qb‘Q:\,)Q

. ’ . /

Q O O O O O D
N AN DS

.

S O
RN
Net Deviation (MW)

Thespecificthreshold calculation we propose equals-bne | f of t heminutesmmopur ce 6's
capability plus a value that corresponds to theeett change for the direction in whidhet unit

is moving (i.e., sepoint change included for deficient energy when the unit is moving up and for
excess energy when the unit is moving down). $hecificationprovides increased tolerance

only in the ramping direction so units that are draggightly or responding with a lag will not

violate the threshold. Additionally, since the current thresholds require that a unit fail in four
consecutive intervals, the IMM proposed threshold would similarly require that a resource be
unresponsive fordur consecutive intervals before it would be considered to be deviating or not
following dispatch.

Figure A68. Average Deviations by Month

Figure A68 showsmonthlyaveragegross deviations (both excessive and deficient) and net
deviations bymonth This figure shows the deviations u
rules as well as undéne proposed rules.
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Figure A68: Average Deviations byMonth
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Figure A69: Proposed Change in Uninstructed Deviatibimresholds

FigureA69 illustrates how these thresholds would be calculated and applied in three cases.
Each of the casesssumes a unit that has been operating at 350 MW, has a-ga¥ivinute

ramp rate, and is receiving dispatch instructions to increase output at its ramp rate. In the first
case, the unit is not moving. In the second and third cases, the unit is rappirs0upercent
and 100 percent of the unités ramp rate.

The lighter areas are the existing thresholds while the darker areas are our proposed thresholds.
A unit is producing excessive or deficientenengi en t he di amond mar ker
output level, falls ouigle a particular tolerance band for four consecutive intervals.
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Figure A69: Proposed Generator Deviation Methodologies
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Figure A70. DAMAP Impacts of Proposed Refior

Figure A7Qillustrates the consequence of implementing the proposed toleranceabdnasing

these bands to determine eligibility DAMAP. The figure shows the results of applying this
eligibility criteria to DAMAP paid in 214. The solid royal blue bar and the hatched region
indicates the total amount of DAMAP paid in 2014, the hatched royal blue area is the amount of
DAMAP that was paid but would not have been if IMM proposed criteria were in place, and the
maroon bar indiates the DAMAP that would be paid under the proposed criteria but was not

paid this year.
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Figure A70: Impact of IMM -Proposed Eligibility Rules onDAMAP
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VI. Transmission Congestion andFTR Markets

MISO manages flows over its meirk to avoid overloading transmission constraints by altering
the dispatch of its resource$hisestablishes efficient, locatiespecific prices that represent the
marginal costs of serving load at each location. Transmission congestion arises itwaghe
cost resources cannot be fully dispatched because transmission capability isi lisoiteidher
cost units must be dispatched in place of leaast units to avoid overloading transmission

facilities. In LMP markets, this generation redispatch ar-oftmer i t 0 cost i s ref |l
congestion component of the locational prices. The congestion component of the LMPs can vary
substantially across the system, causing LMPs

These congestiorelated price signalg@valuable not only because they induce generation
resources to produce at levels that efficiently manage network congestion, but also because they
provide longeiterm economic signals that facilitate efficient investment and maintenance of
generation antransmission facilities.

A. CongestionCostsand FTR Funding

MI S O 6 saheddaenergy market is designed to send accurate and transparent locational price
signals that reflect congestion and losses on the network. MISO collects congestion revenue in
the dayahead market based on the differences in the LMPs at locations where energy is
scheduled to be produced and consumed.

The resulting congestion revenue is paid to holdeRnancial Transmission Rights (FTRS)

FTRs represent the economic property t$gissociated with the transmission system. A large

share of the value of these rights is allocated to participants. The residual FTR capability is sold

in the FTR markets with this revenue contributing to the recovery of the costs of the network.
FTRsprovide an instrument for market participants to use to hedgaltzgd congestion costs.

If the FTRs issued by MISO are physically feasible (do not imply more flows over the network

than the limits in the daghead market), then MISO will always colleciough congestion

revenue throughitsdegwhead mar ket t o Iifitdpaytiem 100 percehtoftheh e F T |
FTR entitlement.

Figure A71. Day-Ahead and Balancing Congestion and Payments to FTRs

Figure A71shows totatlay-ahead and balancirapngestion costand payments to FTR holders
for the last two yearsAs mentioned above, balancing congestion costs aréimeatosts
incurred based on deviations from etyead congésn outcomes. They should be small if the
day-ahead accurately forecasts the #te@ak network capabilities.
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Figure A71: Day-Ahead and Balancing Congestion and Payments to FTRs
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Figure A72 andFigure A73: Payments to FTR Holders

Figure A72 compares monthly daghead conggion revenues to FTR obligations #012to

2014 The top panel shows the FTR funding shortfall or surplus in each month. Significant
shortfalls are undesirable becaukey introduce uncertainty and can distort FTR values.
Significant funding surpluses are similarly undesirable because they indicate that the capability
of the transmission system was not fully available in the FTR market.

Figure A73 compares monthly total deghead congestion revenues to monthly total FTR
obligations in2014by type of constraint (i.e., internal, marketmarket or external). As in the
prior figure, the tp panel shows the FTR funding shortfall or surplus in each month.
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Figure A72: Day-Ahead Congestion Revenue an@bligations to FTR Holders
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Figure A73: Day-Ahead Congestion Revenue and Payments to FTR Holders
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Figure A74: Balancing Congestion Costs

To better understand balanginongestion costgigure A74 shows these costs disaggregated

into (1) the reatime congestion costs incurred to reduce (or increase) the MISO flows over
certain transmission constraints and (2) the maxketarketpayments made by (or to) PIM

under the JOA. For example, when PJM exceeds its flow entitlement on arvdS§&ped

constraint, MISO will redispatch to reduce its flow and generate a cost (shown as positive in the

figure),

whil e
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revenue to MISO). We have also included JOA uplift in-tima¢ balancing congestion costs.
JOA uplift results from MISO exceeding its FFE on PJM mat&eharket constraints and
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congestion costs, JOA uplift costs are part of revenue neutrality uplift costs collected from load.
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Figure A74: Real-Time Congestion Costs
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Becausd-TR holders are entitled to congestion costs collected in thaltzgd markeanFTR
represents torward purchase of daghead congestion ststhat allows participants to manage
day-ahead price risk from congestiomransmission customers have and are continuing to pay

for the embedded costs of the transmission syatatrare thereforentitled to the economic

property rights to the networkThis allocation of property rightis accomplished byllacating

Auction Revenue Rights (ARRS) to transmission customers associated with their network load
and resources. ARRSs give customers the right to receive the FTR revenues MISO receives when
it sdls FTRs that correspond to their ARRs, or to convert their ARRs into FTRs directly in order

to receive dayahead congestion revenudsTRscan be bought and sold in teeasonal and
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monthly auctions. Residual transmission capacity not sold in the s¢as@tion is sold in
monthly auctions. This affords participants an opportunity to trade monthly obligations for
seasonal rights. Beginning in the fall of 2013, MISO began operating the Réuitid Monthly
Auction (MPMA), which permits Market Participts to purchase (or sell) FTRs for the next
month and several future months in the current planning year.

MISO is obligated to pay FTR holders the value of-dhgad congestion over the path that
defines each FTR. In particular, the FTR payment obligatidhe FTR quantity times the per
unit congestion cost between the source and sink of the2ZFTRngestion revenues collected in
MI S O 6 saheddamarket fund FTR obligations. Surpluses and shortfalls are expected to be
limited when participants hold R portfolios that match power flows over the transmission
system. When FTRs exceed the transmission
activity outside MISO uses its transmission capability, MISO may collect lesatuzad
congestion revenuban it owes to FTR holde?4. During each month, MISO will fund FTRs by
applying surplus revenues from overfunded hquesratato shortfalls in other hourdvonthly
congestion revenue surpluses accumulate until year end, when they are proratecttamgduc
remaining FTR shortfalls.

When MISO sells FTRs that reflect a different transmission capability than what is ultimately
available in the daphead market, shortfalls or surpluses can occur. Reasons for differences
between FTR capability and dayead capability are similar to those discussed previously
between the daghead and reagime markets. They include:

1 Transmission outages or other factors that cause system capability modeled in the
day-ahead market to differ from capability assumed WRERS were allocated or
sold; or

1 Generators and loads outside the MISO region that contribute to loop flows that use
more or less transmission capability than what is assumed in the FTR market
model.

Transactions that cause unanticipated loop flows grel@em because MISO collects no
congestion revenue from them. If MISO allocates FTRs for the full capability of its system, loop
flows can create an FTR revenue shortfall.

MISO has continued to work to improve the FTR and ARR allocation processesit Rece
changes include new tools and procedures for the FTR modeling process, more conservative
assumptions on transmission derates in the auction model, updated constraint forecasting and
identification procedures, and more complete modeling of the lealeage network.

Figure A75. FTR Auction Revenues and Obligations

In the MPMA and Monthly FTR auctions, MISO generally makes additional transmission
capability available for sale and sometimes buys back capabiliyensold transmission paths.

23 An FTR obligation can be in the Awrongd direction
holder.

24  The dayahead model includes assumptions on loop flows that are anticipated to occur in real time.
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MI SO buys back capafhillowdy F@ERsselwhi mdp @Rceumtgmr
on oversold paths. In essence, MISO is paying a participant to accept an FTR obligation in the
opposite direction to cancel out exs€sIRs on an interface. For example, imagine MISO has

issued 250 MW of FTRs over an interface that now can only accommodate 200 MW of flow.

MISO can sell 50 MW of countdr | ow FTRs so that MI SOG6-ss net FTI
ahead market is only 200 MW.

MISO is restricted in its ability to do this because it is prohibited from clearing the MPMA or

monthly FTR auctions with a negative residual. Hence, it can sell cefloMeFTRs to the

extent that it has sold forwaftbw FTRs in the same auction. Bhi | i mi t s MI SO0s abi
resolve feasibility issues through the monthly and MPMA auctions. In other words, when MISO
knows a path is oversold as in the example above, it often cannot reduce the FTR obligations on

the path by selling countdlow FTRs. This is not always bad because it may be more costly to

sell counteiflow FTRs than it is to simply incur the FTR shortfall in the-@dnead market.

To evaluate MI Sfowand oanteitow BTRs,Figore AVacondpares the
auction revenues from the monthly FTR auction to theatead FTR obligations associated
with the FTRs sold. It separately shows forward direction FTRs and cdlawegfTRs. The
net funding costs are the difference between tité@n revenues and the dakiead obligations.
A negative value indicates that MISO sold FTRs at a price less than their ultimate value.

Figure A75: Monthly FTR Auction Revenues and Obligations
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C. Value of Congestion inthe ReatTime Market

This section reviews the value of ré@he congestion, rather than collected congestion costs. As
discussed previously, the value of congestion is defined as the marginal value (e.g., shadow
price) of the constraint times the powkaw over the constraint. If the constraint is not binding,
the shadow price and congestion value will be zero. This indicates that the constraint is not
affecting the economic dispatch or increasing production costs.

Figure A76: Value of Reallime Congestion by Coordination Region

Figure A76 shows the total monthly value of redahe congestion by region and the average

number of binding constraints per intervalidl3and2014 The bars on the bottom of the chart

show the average monthly value against the left axis in each of the past three years. The average
number of binding constraints peterval are shown by the colored lines against the right axis.

Figure A76. Value of RealTime Congestion by Coordination Region
20132014
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Figure A77: Value of Reallime Congestion by Type of Constraint

To better identify the nature of constraints and the congestion ¥aduee A77 disaggregates
the results by type of ostraint. We define four constraint types:

1 Internal ConstraintsThose constraints internal to MISO (where MISO is the reliability
coordinator) and not coordinated with PIM.
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1 MISO M2M Constraints:MISO-coordinated marketb-market constraints. Many of
these are substantially impacted by generation in the Commonwealth Edison (ComEd)
area of PJM.

PJM M2M ConstraintsPJM-coordinated markeb-market constraints.

External ConstraintsConstraints located on other systems that MISO must help
relieve by edispatching generation when Transmission Line Loading Relief (TLR)
procedures are invoked by a neighboring system. These include PJM constraints that
are not marketo-market constraints.

The flow on PJM M2M constraints and on external constraints remiexsin the MISO dispatch

is only the MISO market flow; whereas, internal and MISO matid@harket constraints include

the total flow. The estimated value of congestion on external constraints (but not their impact on
LMP congestion components) is thieme reduced.

Figure A77: Value of RealTime Congestion by Type of Constraint
By Quarter2012 2014
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D. Transmission Line Loadng Relief Events

With the exception of markeéb-market coordination between MISO and PJM and between
NYISO and PJM, reliability coordinators in the Eastern Interconnect continue to rely on TLR
procedures and the NERC Interchange Distribution Calculator (IDC) to manage mongast
their systems that is caused in part by schedules and the dispatch activity of external entities.

Before energy markets were introduced in 2005, nearly all congestion management for MISO
transmission facilities was accomplished through the TLRge® TLR is an Eastern
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Interconnectiorwide process that allows reliability coordinators to obtain relief from entities in

other areas that have scheduled transactions that load the constraint. When an extdPddl (non
marketto-market) constraint isibding and a TLR is called, MISO receives a relief obligation

from the IDC. MISO responds by activating the external constraint so that temeaispatch

model wil |l redi spatch its resources to reduce
transmisgn facility by the amount requested. On MISO flowgates, external entities not

dispatched by MISO can also contribute to total flows. If external transactions contribute more

than five percent of their total flow on a MISO binding facility, MISO can keva TLR to

ensure that these transactions are curtailed to reduce the flow over the constrained facility.

When compared to economic generation dispatch through LMP markets, the TLR process is an
inefficient and rudimentary means to manage congestiaR provides less timely and less

certain control of power flows over the system. We have found in prior studies that the TLR
process resulted in approximately three times more curtailments on average than would be
required by economic redispatch.

Figure A78 andFigure A79: Periodic TLR Activity

Figure A78 shows monthly TLR activity on MISO flowgates2013and2014 The top panel of
the figure shows quantities of scheduled energy curtailed by MISO in response to TLR events
called by other RTOs. The bottom panel of the figure provides hourly TLR actilley &y

MISO, shown by the various TLR levels.

Figure A78: Periodic TLR Activity
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These NERC TLR levelshown in both figurearedefined as follows
f Level 3 Nonfirm curtailments?®

1 Level 4 Commitment or redispatch of specific resources or other operating
procedures to manage specific constraints; and

f Level 55 Curtailment of firm transactior?s.
Figure A79shows TLR hours disaggregated by the Reliability Coordinator declaring the TLR.

Figure A79: TLR Activity by Reliability Coordinator
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E. Congestion Management

Congestion management is among MISO6s most i m
potential network constraints throughout its system using itdirealmarket model to maintain

flow on each activated constraint at @ldw the operating limit while minimizing total

production cost. As flow over a constraint nears (or is expected to near) the limit in real time,

the constraint is activated in the mar ket mod
economically alter thdispatch of generation that affects the transmission constraint, especially

the dispatch of generators with high Generation Shift Factors (GSFs).

25  Level 3 (3a for next hour and3or current hour) allows for the reallocation of transmission service by
curtailing interchange transactions to allow transactions using higher priority transmission service.

26 NERCO6s TLR procedures include fnj evel 2alibldingttransfersy, | | evel s
Level 6 (emergency procedures) and Level O (TLR concluded).
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While this is intended to reduce the flow on the constraint, some constraints can be difficult to
manage ithe available relief from the generating resources is limited. The available redispatch
capability is reduced when:

1 Generators that are most effective at relieving the constraint are not online;

1 Generator flexibility is reduced (e.g., generators setabipgy parameters, such as
dispatch range or ramp rate, lower than actual physical capabilities); or

1 Generators are already at their limits (i.e, operating at the maximum or minimum
points of their dispatch range).

When available relief capability is inBiicient to control the flow over the transmission line in

the nextfivemi nut e i nterval, we refer to the transmi
presence of an unmanageabl e constraint does n
performare criteria allow for twenty minutes to restore control on most constraints. If control is

not restored within thirty minutes, a reporting criterion to stakeholders is triggered. Constraints

most critical to system reliability (e.g., constraints thait@dd¢ead to cascading outages) are

operated more conservatively.

Figure A8Q: Constraint Manageability

The next set of figures show manageability of internal and Mi&Daged markdb-market
constraints.Figure A80 shows how frequently binding constraints were manageable and
unmanageable in each month fr@0il3to 2014

Figure A80: Constraint Manageability
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Figure A81: Value of Reallime Congestion by Voltage Level

Given the frequency that cstnaints are unmanageable, it is critical that unmanageable
congestion be priced effi ci ent-timgmaketdnodelef | ect e
utilizes Marginal Value Limits (MVLs) that cap the marginal cost (i.e., the shadow price) that the
energymarket will incur to reduce constraint flows to their limits. In order for the MISO

markets to perform efficiently, the MVL must reflect the full reliability cost of violating the

constraint.

When the constraint is violated (i.e., unmanageable), tst efficient shadow price would be

the MVL of the violated constraint. This produces an efficient result because the LMPs will

refl ect MISO6s expressed value of the constra
flow exceeded its limit an alggrih m was wused to Arelaxo the | i mi-°
shadow price and the associated LMPs. This constraint relaxation algorithm often produced

LMPs that were inconsistent with value of unmanageable constraints. Its sole function was to

produce a shadow price for unmanageable constraints that is lower than the MVL. No economic
rationale supports setting prices on the basis of relaxed shadow prices. Although this practice

was discontinued for internal nanarketto-market constraints, it remms in place for all

marketto-market constraints.

Figure A81 examines manageability of constraints by voltage level. Given the physical
properties of electricity, more power flows over higheltage facilities. TIs characteristic
causes resources and loads over a wide geographic area to affectbitiygr constraints.
Conversely, lowvoltage constraints typically must be managed with a smaller set of more
localized resources. As a result, these facilitieotiem more difficult to manage.

Figure A81 separately shows the value of Feale congestion on constraints that are not in
violation (i.e., fAmanageabled), the iendie.gesti o
Aunmanageabl ed), and the congestion that 1is n
unpriced congestion is based on the difference between the full reliability value of the constraint

(i.e., the MVL) and the relaxed shadow price usedalculate priced’

27  This figure excludes some less common voltages, such as 120 and 500 kV, and about four percent of total
congestion value due to constraints that could notdssified according to voltage class.
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Figure A81: Real-Time Congestion Value by Voltage Level
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F. FTR Market Performance

Because anBTR represents a faard purchase of daghead congestion cosBBIR markets

perform well when they establish FTR prices that accurately reflect the expected value of day
ahead congestion. When this oc¢®#ER profits are lowgrofits =the FTR price minutghe
day-ahead cogestion payments)lt is important to recognize, however, that even if the FTR
prices represent a reasonable expectation of congestion, a variety of factors may cause actual
congestion to be much higher or much lower than values established in the FKERSMBISO
currently runs the FTR market in three timeframes: annual (from June to May), monthly, and a
recently implemented Mti-Period Monthly Auction (MPMA). The MPMA was launched in
November 2013 and facilitates FTRs trading for future monthsasoss in the planning year.

Figure A82: FTR Profits and Profitability
Figure A82 shows our evaluation of thprofitability of these auctions by showing the seasonal

profits for FTRs eld in each market. The values are calculated seasonally even though the FTRs
are sold for durations of one year, one season, or one month.

PageA-88



2014 State of the Market Report Appendix: Transmission Congestion and FTRs

Figure A82: FTR Profits and Profitability

20132014
$1.00 2013 2014 $400
Profitability ($/MWh)  $0.15  $0.10
B Annual $0.14 $0.03
1 MPMA $0.48
$0.75 | = monthly $0.19  $0.58 $300
Profits ($ Millions) $325M  $288M
¢ Annual $29IM  $69M = —
= ¢ MPMA $45M [
= $0.50 < Monthly $35M  $174M $200 _5
2 * Annual values from December to November. =
& =
> $0.25 $100&
3 2
g i ;
© $0.00 - $0 o
o
-$0.25 -$100
B 2018
Dec-FeMar-May| Jun-Aug| Sep-NoV Dec-FebhMar-May| Jun-Aug| Sep-No\ Dec-Feh
2013 2014 2015

Figure AB31 Figure A85. FTR Profitability

The nextfour figures show the profitability of FTRs purchased indhaual seasonaland
monthly FTR auctioni; more detail for 2012014 The bottom panels show the total profits
and losses, while the top panel shows the profits and losses per MWh.

The results irthe figureinclude FTRs sold as well as purchased. FTRs sold are netted against
FTRs purchased. For example, if an FTR purchased during round one of the annerliswucti
sold in round two, the purchase and sale of the FTR in round two would net to zero.
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Figure A83: FTR Profitability
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Figure A84: FTR Profitability
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Figure A85: FTR Profitability
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Figure AB6to Figure AO9: Comparison of FTR Auction Prices and Congestion Value

The next 14 figures examine auction revenues fltoemonthly FTR auction to the daypead
FTR obligations at representative locations in MISO. We analyze values for the Indiana,

Michigan and Minnesota Hubs and for the WUMS Area in the Midwest Region, as well as for

Texas, Louisiana and Arkansas Hubshia South Region. Results for the seven locations are
shown separately for peak and-p#ak hours.
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Figure A86. Comparison of FTR Auction Prices and Congestion Value
Indiana Hub2013 2014 Off-peak Hours
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Figure A87: Comparison of FTR Auction Prices and Congestion Value
Indiana Hub2013 2014: Peak Hours
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Figure A88: Comparison of FTR Auction Prices and Congestion Value
Michigan Hub,2013 2014 Off-peak Hours
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Figure A89: Comparison of FTR Auction Prices and Congestion Value
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Figure A90: Comparison of FTR Auction Prices and Congestion Value
WUMS Area,2013 2014 Off-peak Hours
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Figure A91: Comparison of FTR Auction Prices and Congestion Value
WUMS Area,2013 2014 Peak Hours
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Figure A92: Comparison of FTR Auction Prices and Congestion Value
Minnesota Hub2013 2014 Off-peak Hours
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Figure A93: Comparison of FTR Auction Prices and Congestion Value
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Figure A94: Comparison of FTR Auction Prices and Congestion Value
Arkansas Hub2013 2014 Off-Peak Hours
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Figure A95;: Comparison of FTR Auction Prices and Congestion Value
Arkansas Hub2013 2014 Peak Hours
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Figure A96: Comparison of FTR Auction Prices and Congestion Value
Louisiana Hub2013 2014 Off-Peak Hours

Avg

O DA Congestion
A Auction Price
A;mA-;---AA--AA+==+|:| Dlﬂmmmmm
AT A A AT A A AT A A A A AR ... .
12‘13‘14 J‘F‘M‘A‘M‘J‘J‘A‘S‘O‘N‘D J‘F‘M‘A‘M‘J‘J‘A‘S‘O‘N‘D

2013

2014

Figure A97: Comparison of FTR Auction Prices and Congestion Value
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Figure A98: Comparison of FTR Auction Prices and Congestion Value
Texas Hub2013 2014 Off-Peak Hours
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Figure A99: Comparison of FTR Auction Prices and Congestion Value
Texas Hub2013 2014 Peak Hours
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G. Market-to-Market Coordination with PIJM

The Joint Operating Agreement between MISO and PJM establishes a-toarieket process

for coordinating congestion management of designated transmission constraints on each of the

R T @@8ystems. The process provides congestion management relief on coordinated flowgates

in a leastcost manner, ensures efficient generation dispatch on these constraints, and ensures that
prices are consistent between the markets.

Under the terms of the X)when a marketo-market constraint is activated, the monitoring

RTO is responsible for coordinating reliability for the constraint and provides its shadow price
and the quantity of relief requested (i.e., the desired reduction in flow) from the otliket.ma

This shadow price measures the marginal cost of the monitoring RTO for relieving the
constraint. The relief requested varies considerably by constraint as well as over the course of
the coordinated hours for each constraint. The process to detetmeiappropriate relief request

is based on prevailing market conditions and is generally automated (though it can be manually
selected by Reliability Coordinators). The RTOs continue to make gradual improvements in the
marketto-market process, includg improved reatime data exchange and better

communication procedures.

When the reciprocating RTO receives the shadow price and requested relief quantity, it

incorporates both values into its reéimhe market to provide as much of the requested redief a
possible at a cost up to the monitoring RTOOGS
market is allocated a Firm Flow Entitlement (FFE) on each of the raiarkearket constraints.
Settlements are made between the RTOs based on their bmuisab¥er the constraint relative

to their FFE.

Figure ALOC. Marketto-Market Events

Figure ALOOshows the total number of marketmarket constrainhours (i.e., instanceshen a
constraint was active and binding)d@13and2014 The top panel represents coordinated
flowgates located in PJM and the bottom panel represents flowgates liocstiD. The

darker shade in the stacked bars represents the total number of peak hours in the month when
coordinated flowgates were active. The lighter shade represents the totaigealofiours.
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Figure A100 Market -to-Mark et Events
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Figure ALOL Marketto-Market Settlements

Figure ALO1summarizes the finaml settlement of markdb-market coordination. Settlement

i s based on the reciprocating RTOO0s actual ma
reci procating RTO6s mar ket flow is below its
itsinternalc o st of providing relief. Al ternatively,
FFE, then it owes the cost of the monitoring

In the figure, positive values represent payments made to MISO on coordioaigates and
negative values represent payments to PJM on coordinated flowgates. The diamond marker
shows net payment to (or from) MISO in each month.
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Figure A101 Market -to-Market Settlements
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Figure ALO2andFigure ALO3 Marketto-Market Outcomes

Successful markdéb-market coordination should leadtotwau t ¢ 0 me s . First, t
shadow prices should converge after activation of a coordinated constraint. Second, the shadow
prices should decrease from the initial value as the two RTOs jointly manage the constraint.

The next two figures examine thedimost frequently coordinated marketmarket constraints

by PJM and MISO, respectively. The analysis is intended to show the extent to which shadow
prices on coordinated constraints converge between the two RTOs. We calculated average
shadow prices anthe amount of relief requested during matketmarket events, including:

1 Aninitial shadow price representing the average shadow price of the monitoring
RTO that was logged prior to the first response from the reciprocating RTO; and

1 Postactivation shade prices for both the monitoring and reciprocating RTOs,
which are the average prices in each RTO after the requested relief associated with
the marketo-market process was provided.

The share of active constraint periods that were coordinated is sletawnthe horizontal axis.
When coordinating, the reciprocating RTO can provide relief by limiting market flow in its real
time dispatch.
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Figure A102 PJM Market -to-Market Constraints
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H. Congestion on External Constraints

This subsectioprovides analysis afongestion that occurs on external constraints, which are
corstraints monitored by adjacent RTOs or control area operators. MISO incurs congestion on
external constraints when a neighboring system calls Transmissiohaduéng Relief (TLR)
procedures for a constraint. When this occurs, MISO activates the auressrd would an

internal constraint, seeking to reduce its flow over the constraint by the amount of the required
relief.

This process will be efficient only if the cost of the relief provided by MISO is equal to or less

than the cost of the neighborisgstem operator to manage the flow on the constraint.

Unfortunately, this has historically not been true. One contributing factor is the fact that MISO
receives relief obligations based on its forwandy flows. In other words, generators that are

rumni ng to serve MISO6s needs that are reducing
when the relief obligation is calculated. It
generation is reducing the flow on the TLR constraint and MISO tililfeceive a relief

obligation. Because the relief obligation is outsized, it is frequently very costly for MISO to
provide the relief requested and MI SO6s mar gi
LMPs.

Figure ALO4andFigure ALOS TLR Process

To evaluate the efficiency of this proceBggure Al0O4c o mpar es MI SO06s shadow
SPP6s TLR fl owgates c¢compar ealvgateewhénR&ivated ferh a d o w
TLR. The horizontal axis in the figure groups observations by MISO shadow price level, while

the bars associated with each MISO shadow price level show the distribution of corresponding

fl owgat e shadow p rhechartsexciudes adBypEriods whea thekgen . T
flowgate was binding in SPP but MISO did not receive a TLR obligation.

Because external constraints can cause substantial changes in LMPs within MISO, we estimate
the effects of these changes by calculatingdhed increase in redglme payments by loads and

the reduction in payments to generators caused by the external constraints. External constraints
also affect interface prices and the payments made to participants scheduling imports and
exports, an issuinat is further evaluated in SectivihH.

Figure ALO5shows increases and decreases in hourly revenues that result from TLR constraints
binding i n MI Shaket floB onrexteznal Mowga@$ is generally low or negative,

the reported congestion value for these constraints is correspondingly low. That metric masks

the | arger i mpact that these constraints have
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Figure A104 Average MISO and SPP Shadow Prices
SPP TLR Flowgates, March 2014
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VIl. External Transactions

MISO relies on imports to supply the energy andac#ty markets and is a net importer of power
during nearly all hours and seasons. Given its reliance on imports, the processes to schedule and
price interchange transactions can have a substantial effect on the performance and reliability of
MI SO6s smar ket

Imports and exports can be scheduled on-mithite basis, although the schedules are fixed 30

minutes before the transactions occur. The scheduling notification period was reduced from 30
minutes to 20 minutes on October 15, 2013, to satisfy therrequne nt s of FERCOGs Or
Participants must reserve ramp capability in order to schedule a transaction and MISO will refuse
transactions that place too large a ramp demand on its system. Currently, participants cannot
submit a pricesensitive offer foexternal transactions in the raéahe marketThis section of the

Appendix reviews the magnitude of these transactions and the efficiency (or inefficiencies) of

the scheduling process.

A. Import and Export Quantities
Figure ALO6to Figure ALO9 Average Hourly Imports

The following four figures show the daily average of hourly net imports (i.e., imports net of
exports) scheduled in the dapead and redgime markets in total anoly interface. The first
figure shows the total net imports in the gdyead market, distinguishing between weekdays
(when demands are greater) and weekends.

Figure A106 Average Hourly Day-Ahead Net Imports
2014

= Weekend
7,000 Weekday

Net Imports (MW)

=l
Ul
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The second figure shows reahe netimports and changes from dapead net import levels.

When net imports decline substantially in real time, MISO may be compelled to commit
additional generation (often peaking resource
fourth figures show the same information by interface.

Figure A107: Average Hourly RealTime Net Imports
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Figure A108 Average Hourly Day-Ahead Net Imports

2014 by Interface
9,000

8,000 mOthers mEEI ~ SPP mONT =PJMC =MHEB
7,000 ;

6,000 ,ll 1| L,
5,000 111 1 b 10,
4,000 J] |
3,000 |

2,000 '

B
1,000 | ! i

Average Net Imports (MW)

-1,000 | _E
-2,000 |-
-3,000
-4,000

N

A N

NG,
ﬂ

¢ NG\
WP

. ’

» e e > e e
R A L e

Figure A109 Average Hourly RealTime Net Imports
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Figure AL10andFigure AL11 Hourly Average Realime Net Imports by Interface

The next two figures examine net réiahe imports by interface. The interface between MISO

and PJM, both of whicbhperate LMP markets over wide geographic areas, is one of the most
significant interfaces for MISO because the interface can support interchange in excess of 5 GW
per hour. Since relative prices in adjoining areas govern net interchange, price movamsnts c
incentives to import or export to change over time.

Accordingly, Figure AL10shows the average quantity of net imports scheduled across the
MISO-PJM interface in each hour of the day2il3and2014 along with the standard deviation

of such import$8 The subsequent figure shows the same results for the two Canadian interfaces
(Manitoba Hydro, at left, and Ontario).

Figure A110 Average Hourly ReatTime Net Imports from PIM
2013 2014
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28  Wheeled transactions, predominantly from Ontario to PJM, are included in the figures.
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Figure A111 Average Hourly ReatTime Net Imports, from Canada
20132014
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B. Interface Pricing and External Transactions

Each RTO posts its owntirface price at which it will settle with physical schedulers wishing to

sell and buy power from the neighboring RTO. Participants will schedule between the RTOs to
take advantage of differentials between the two interface prices. Establishing efiigdate

prices would be simple in the absence of transmission congestion and leasesRTO would

simply post the interface price as the cost of the marginal resource on their system (the system
mar gi nal price, or @S MPby3cheduling romtthe lowepsa nt s wo u |
system to the higharost system until the system marginal prices come into equilibrium (and
generation costs equalized). However, congestion is pervasive on these systems and so the
fundamental issue with interface prigiis estimating the congestion costs and benefits from
crossborder transfers (imports and exports). Like the locational marginal price at all generation
and load locations, the interface price includes: a) the SMP; b) a marginal loss component; and c)
acongestion component.

For generators, the source of the power is known so congestion effects can be accurately

calculated. In contrast, the source of an import (or sink for an export) is not known so it must be
assumed in order to calculate the congestioe f f ect s . This is known as
Using this interface definition, the RTOs calculate the congestion effects for imports and exports

by running a power flow model that includes a representation of both their network and portions

of the Eastern Interconnect surrounding their network.

This approach to setting interface prices is efficient as long as the congestion components of the
prices estimated by each RTO on their own system are reasonably accurate, which depends
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entirely on thenterface definition. If they are accurate, the interface price will reflect the
marginal benefit (or cost) of a transfer into or out of the system. In other words, the congestion

component is the net congest i oownsystesmabythencurr ed
transfer from or to its neighboring RTO. As power moves from one RTO area to the other, it
will change the flow on the RTOs6 transmissio

aggravate congestion on multiple constrained transmissiditiés. The sum of the net

congestion effects from a transfer is the congestion component of the interface price. When
calcul ated accurately, traders6é responses to
efficient outcome and lower the totalsts for both systems.

Figure Al12andFigure A113 lllustration of Interface Pricing

The followingtwo figures illustratethe purpose and application of interface pricgshowing

prices and settlements for a ARorarketto-marketconstraint binding in MISO. Although it is

not material to the exampl e, fwirde ifmpydtcamymanr
priceo (SMP) is equal to $40 per MWh.

Figure A112 Interface Pricing for a Non-Market -to-Market Constraint
SEAM

PIM
<ieatie: 520

MISO SMP Interface | Interface PJM SMP =

MISO

= $40/MWh Price = | Price = 40/MWh
$40+ |$40/MWh 5

$20 CC
60/MWh

In this example, we assume that a binding constraint in MISO is relieved by an import into

MISO from PJM. MISO estimates the value of the relief ($20 in this example) and ttiecate

price will include a congestion component to create an efficient incentive for participants to
schedule the transaction. PIJM6s interface pr
this because it is a MISO constraint.

However, when MISO ahPJM independently calculate interface prices that include the cost of
congestion on t he stamaeetffowgate, the total settlesnend wilhoger k e t

pay or overcharge the market participant for the congestion effects of the transathisns

illustrated in the=igureA113 Under marketo-marketand t he RTOOG6s current i
protocols, this constraint wil/l appear in bot
estimates offte relief the transaction will provide.
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Figure A113 Interface Pricing for a Market -to-Market Constraint
SEAM

PIM
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MISO SMP Interface | Interface PJM SMP =

= $40/MWh Price = | Price = 40/MWh
$40+ | $40- 5

$20CC | $20CC
60/MWh1n$20/MWh

MISO

MI SO6s settlement is unchanged, but PJMOs set
component in its interface price, whics redundant. This doubles the incentive to $40 per MWh

for participants to schedule the transaction {$80). PJM makes a $20 payment to the

participant by charging it only $20 per MWh to leave the PJM system (rather than the $40 per
MWhitcoststogener at e the power being exported). P
uplifted to its customers because the impact of the transaction is not included in its market flow
calculation. In other words, PJIM (asthemmo ni t ori ng RTO or nd NMRTOO0)
credit in the marketo-market settlement process for this fiade transaction or the payment it

has made to motivate it to be scheduled.

One solution to this problem, which we believe resolves all of the efficiency and equity concerns
associated witlthis pricing flaw, is for PIM to simply stop making the $20 payment in this
example. This would ensure that the incentive to transact reflects the value of the relief to MISO
who is managing the constraint and eliminates the need for settlement rulesufthgive PIJM

credit for making these types of payments. While there has been wide agreement that interface
pricing should be coordinated in order to rectify this gv@yment of congestion costs, the RTOs
have not achieved a consensus on the prefeniedion.

For example, if MISO estimates a shift factor on the constraint for an exp@fl pércent (it
provides relief) and the constraint has a shadow cost of $500 per MWh, MISO congestion
component for the PIM interface will B850. This will emourage the export. If PJIM estimates
the same shift factor and has the same shadow cost for the MISO-toariatket constraint, it

will have also calculated a congestion component for the MISO interface of $50. Assuming the
internal system marginal jges are the same, this participant will receive a congestion payment
of $100 per MWh to schedule this transaction even though it is only providing relief on the
constraint worth $50 per MWh.

Examples of Interface Price Distortions

To establish empiricallthis double settlement, we identified hours when no constraints were
binding in PJM or MISO except a single common matkanarket constraint. The following

two examples are such cases. By focusing on the prices in these cases, it is relatively
straighforward to evaluate this issue because the congestion component of the interface prices in
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both PIJM and MISO will solely reflect the estimated effects related to the single binding-market
to-market constraint.

In the first example below, we show an hadrere the only binding constraint was a MISO
marketto-market constraint. The example then shows the settlements that would result for a
transaction scheduled from IESO to PJM (wheeled through MISO). This transaction would help
relieve the MISO constraiirso it would receive congestion payments from MISO and PJM.

In the second example, we show an hour where the only binding constraint was a PJM market
to-market constraint. The example then shows the settlements that would result for a transaction
schedutd from PJM to MISO. This transaction would help relieve the PIJM constraint so it

would receive congestion payments from MISO and PJM.

To better understand the prices and settlements, we show each interface LMP along with the
congestion component of thd/IP and the Generation Shift Factor (GSF). The GSF indicates

the marginal constraifftow impact of transactions over that interface. The congestion
component of the interface price should equal the GSF times the shadow price of the constraint.
The LMP dso includes a marginal loss component that is not shown.

Example #1: MISO as Monitoring RTO for a Wheel from IESO-PJM Wheel
M2M Constraint: Monroe 1 Wayne flo Monroe - Brownstown
Date: 8/7/2012 in HourEnding 11pm

ice: Settlement for Transaction
IESO Interface \\Hourly IESO Price: $28.00
LMP: $72.50~ IESO IESO Price (paid): ($28.00)
Congestion Componen$ 28.92 MISO Wheel Payment:  $51.55
Shift Factor: -5.4% PJM IESO LMP: $74.54
MISO SMP: $44.11 Net Settlement $98.09
Constraint Shadow Price: $54M1SO NYISO
PJM Interface Congestion Payment and Value
LMP: $20.95
Congestion Componen$-22.37 PIM MISO CongestioiPmt  $51.29
Shift Factor: +4.2% PJM Congestion Paymen$45.22
" IESO Interface Total CongestiofPmt ~ $96.71
LMP: $7454 .
Congestion Componen$ 45.22 MISO Congestion Yalue$51.29
Shift Factor: 9. 8% Total Overpayment:  $45.42
Overpayment (%): 89%
PJM SMP: $28.78 _
Constraint Shadow Price: $461 Result: PIM ECF
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Example #2: MISO as Non-Monitoring RTO for an Import from PJM
M2M Constraint: Crete-St . J o Hlen@umonfli \ilton Center
Date: 4/14/2012 in HoutEnding 3am

Settlement for Transaction

IESO PJM Price (paid): -$4.71
MISO Price (received): +$26.82
MISO SMP: $18.20 Net Settlement +$31.53
Constraint Shadow Price: $ 160
MISO « NYISO

Congestion Payment and Value

PJM Interface

LMP: $26.82 MISO CongestiorPmt  $ 8.70

Congestion Componen§ 8.70 PJM Congestion Paymer§21.66
Shift Factor: -5.4% . PJM Total Congestio®mt $30.36
.~ MISO Interface PJM Congestion Valu&21.66
- LmPe $4.71 ) Total Overpayment: $8.70
Congestion Componen$-21.66 o) 40%
Shift Factor: +8.9%

PJM SMP: $17.91 Result; MISO ECF
Constraint Shadow Price: $ 243

Figure AL14 Excess M2M Congestion Settlements

Figure AL14summarizes the overpayments and overchalggsite estimate occurred 2014
by type of marketo-market constraint. Positive values are overpayments and negative values
are transactions that were o\adrarged.

In addition to the overpayments for transacsithat are expected to help relieve the constraint,
this issue causes transactions to be overcharged for congestion when they are expected to
aggravate a constraint. Although this effect will not result in uplift, it serves as an economic
barrier to effcient external transactions.
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Figure A114 Excess M2M Congestion Settlements
By Type of Constraint, 20132014
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We continue to work with MISO and PJM, and their respective stakeholders through the JCM
process to address the prahland have now largely achieved a consensus between the RTOs on
the problem and continue to discuss potential solutions. We have taken the lead in using actual
data to examine the benefits and unintended consequences of the two solutions advanced by
MISO and PJM. These are the only two solutions that have been praposeaxther ones have

been proposed by the stakeholders in either area. We discuss the two alternatives below.

1. MISO IMM ProposedSolution

Our proposed interface definition is based on @ogrimports and sinking exports at the non

moni t or i n gwelRhied teferenceob&8dEffectively, this assumes an interface

definition where the power would source from locations throughoutthermm i t or i ng RT O¢
footprint. By calculating the cgestion component assuming power is injected in the exporting

RTO across a broad range of locations and is withdrawn in the importing region across a broad

range of locations, the congestion effects will reflect how power actually flows between the

areas.In reality, the source of the power for an export will be every marginal unit in the
exporting RTO6s area, which are generally dis

This approach is consistent with the way all RTOs measure locational congestion(ieffects
generation and | oad buses and interfaces) rel
calculate the congestion component of the interface price for a constraint, the RTO first

29 The loadweighted reference bususedby thenon-monitoring RTOto calculatethe congestion effects for
all of its own genettégon and load.
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calcul ates the marginal f | ofw ifnepcatcar co)n afh ei ncjoe

megawatt at the MISO reference bus and withdrawing it at specified locations (known as the

Ai nterface definitionod) in the adjacent area.

Figure AL15 MISO Interface Rcing Proposal

Figure AL15shows MISO using the PJM reference bus as its interface definition. This results in
congestion effects that correspond to moving power from the reference bus in one area to the
reference bus in the other area.

Figure A115 MISO Interface Definition
The congetson component is equal to
the shift factor multiplied by the
shadow price for the constraint. At
any given time, the interchange
transaction may affect multiple
binding constraints, relieving some
and aggravating others. The
congestion component showetnet
impact of all of these individual
effects.

SEAM

Genl

MISO PIM

MISO
Reference
Bus

PJM
Reference
Bus

By establishing an interface price that
includes the congestion effects of a
transfer between MISO and PJM, the congestion benefits and costs will be fully priced and
settled. This is essential becaugerdvides efficient incentives for participants to schedule
transactions between the two areas. Our proposed solution, which has been endorsed by MISO,
would simply call for each RTO to estimate and price the full congestion effects for their own
constraih s, and remove the interface congestion
coordinated flowgates. This interface price would conform directly to the efficient interface
pricing described above, i.e., it represents the marginal value to the systenmgfort or export

and would eliminate the redundant settlement by thenrmamitoring RTOs.

In addition, the MISO IMM proposal also is straightforward and would ensures efficient pricing.
As we explain below, the PJM proposal also solves the daaitlement problem, but
introduces other potentially serious problems.

2. The PJM ProposedSolution
Figure A116. PJM Interface Pricing Proposal

As an alternative to the MISO IMM proposal, PIM proposes to define a cosehof interface
buses that would act as the assumed sources and sinks for estimating transfers. This would

ef

el iminatecoheptndgabb®e congestion in the sett]l

severe problems. The PJM proposal is illusttanFigureA116.
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We agree that utilizing a common Figure A116 PJM Interface Definition
interface definition can eliminate the
redundant congestion pricing because
the ultimate source and sink are the
same as in the MISO IMM proposal
the referene buses of the two RTOs.
However, under this proposal, MISO
would price the congestion effects
from its Reference Bus to A, B, C,
and D, while PJM prices the same
effects from the seam to its Reference
Bus. In reality, what happens under
this proposald the RTOs calculate
shift factors that tend to be larger and
offsetting so they sum to the same shift factor (i.e., flow effect on the constraint) as injecting at
one reference bus and withdrawing at the other.

While this may have intuitive appeal, thidwwion will produce an efficient settlement only if

both RTOsd® markets produce the same shadow pr
congestion component for each RTO is equal to the shift factor times the shadow price. With the
inflated shift fators this proposal produces, it is vénportant that both RTOs are using the

same shadow price. We have evaluated this solution and found that this necessary condition

often does not hold, particularly in the dalyead market. Therefore, this solutwould distort

the incentive to schedule imports and exports when mévketrket constraints are binding.

It also introduces serious concerns for some of the constraints that are not coordinated as market
to-market constraints because only the momgpRTO settles the congestion effects of

transactions with the participant for these constraints. Assuming power sources/sinks at a small
number of points at the seam sharply inflates the congestion payments for some constraints and
reverses the sign dii¢ congestion settlement for others. PJM has shown power flow analysis
results that demonstrate these concerns on the PIJM system as well.

Ultimately, the distorted and volatile congestion settlements that would occur under the PIJM
proposal would resulh two significant problems:

1 They would cause participants to schedule transactions inefficiently over thiMFIM
interface; and

T They will <create balancing congestion upl:i
would make payments for flow reliefahthe transactions will not produce.

We do not believe these problems can be effectively addressed under the PJM proposal and no
party has identified any legitimate concerns wiitt MISOproposal. Therefore, we continue
recommend that both PJM and MI&@plement the approach we have developed.
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Similar discussions have begun with SPP because MISO implemented a-toamleeket
process with SPP in March of 2015. However, SPP has not yet taken a position on any particular
interface pricing proposal.

Table At andTableA5: lllustration of Interface Pricing Alternatives
The PJM solutioproduce an efficient settlement if two conditions are satisfied:

1 First, the flow effects ofach half of the transaction must sum to equal the total effect. In
ot her words, MI SO shift factor plus PJMO6s
MISO would have calculated under Alternative #1 discussed above (where MISO would
price the entie path from reference bus to reference bus).

1T Second, for the prici ngdimdnarkdisanustdstimatei ent , b
similar shadow prices for the constraint.

If these two conditions hold, Alternative #1 (our recommendation) and Alterdave ( PJ M6 s
proposal) will produce the same congestion settlement with the transaction, which is illustrated
in the tables below.

Table A4: lllustrations of Alternative Interface Pricing

Example 1- Alternative #1

MISO PIM Balancing Congestion/FTR Underfunding
Shadow Cost $500 0
Shift Factor -10% 0
Congestion Payment $50 0 None
Total Payment $50 Payment is efficient

Example 2- Alternative #2 with Equal Shadow Prices

MISO PIM Balancing Congestion/FTR Underfunding
Shadow Cost 500 500
Shift Factor -20% 10%
Congestion Payment $100 ($50) MISO= $50 shortfall, PIM= $50 surplus
Total Payment $50 Payment is efficient

The table above showing the example for Ative #2 exhibits larger shift factors in absolute

value terms. They sum to thED percent in Alternative #1 because they have offsetting effects
(opposite signs). These | arger shift factors
interface definition, which consists of 10 points on the seam between MISO and PJM. For

example, MISO calculated shift factors for one of the Benton Hd&?hbisades constraints (the

most valuable markeb-market constraint in early 2014. The shift factor @&6 percent under

MI SO6s current interface definition for PJM b
proposed interface definition, where the shift factors are based on select buses at the seam, the

shift factor was 9.20 percent.
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This indicates tha!l SO6s congestion component when this

ti mes | arger under PJMO6s proposed definition
hours when this constraint is binding, it would increase the interface price by $6 pemiiléh,
under PJMO6s proposal the interface price woul

The inflation in the interface price described above will not necessarily create an inefficient
incentive to engage in external transactions if it is offset by a comparabggehan n P J M&6 s
interface price. There are at least three problems with relying on this offsetting change:

1 The RTO that overpays due to the inflated shift factors would generate balancing
congestion or FTR underfunding. There is not settlement mechanisne @l O that is
benefiting from the inflated shift factors to provide a reimbursement.

f Thenommoni t oring RTO6s shadow price (PJMO6s ir
monitoring RTO6s shadow price. Whem t hat
becausethenemoni t ori ng RTOOG6s congestion componer
congestion component of the monitoring RTO.

1 If the constraint is a not a marketmarket constraint, there will be no offsetting
settlement by the nemonitoring RTO s the inflated shift factor will simply provide an

inefficient incentive to schedule transactions. This will generate balancing congestion or
FTR underfunding for the monitoring RTO.

These latter two problems are illustrated in the following table.
Table A5: Issues Associated with Alternative #2

Example 3- Alternative #2 with Non-Convergent Shadow Prices

MISO PJM Balancing Congestion/FTR Underfunding
Shadow Cost 500 100
Shift Factor -20% 10%
Congestion Payment $100 ($10) MISO= $50 shortfall, PIM= $10 surplus
Total Payment $90 Transaction overpaid

Example 4- Alternative #2 for Non-M2M Constraints

MISO Balancing Congestion/FTR Underfunding
Shadow Cost 500
Shift Factor -20%
Congestion Payment $100 MISO= $50 shortfall
Total Payment $100 Transaction significantly overpaid

We do not believe these problems can be effectively addressed under the PIM proposal to
establish a common interface at the seam. Further, we have yet to identify any potential issues or
inefficiencies withMISO proposal (Alternative #1)
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3. Interface Pricing and External TLR Constraints

Marketto-market constraints activated by PJM are one type of external constraint that MISO
activates in its reaime market. It also activates corashts located in external areas when the
external system operator calls a TLR.

't i s appropriate for ext er nédihnedspacsandidernalt s t o
LMPs because this enables MISO to respond to TLR relief requests as #ffiagepossible.

While redispatching internal generation is required to respond to TLRs, MISO is not obligated to

pay participants to schedule transactions that relieve constraints in external areas. In fact, the
effects of reatime physical schedulesee excl uded from MI SO6s mar ke
credit for any relief that these external transactions pré¥idgecause MISO receives no credit

for this relief and no rei mbursements for the
customers to édar these costs. Most of these costs are paid in the form of balancing congestion

that is uplifted to MISO load.

In addition to the inequity of these congestion payments, they motivate participants to schedule
transactions inefficiently for three reasons.most cases, these beneficial transactions are

already being fully compensated by the area where the constraint is located. For example, when

an SPP constraint binds and it calls a TLR, it will establish an interface price for MISO that
includesthemr gi nal effect of the transaction on it:
payment is duplicative and inefficient.

Second, the TLR process assigns market flow obligations and curtails physical schedules to

enable the owner to manage a given flowgakny reduction in flow above these amounts
results in a decrease in the monitoring areabo
unbinding of the transmission constraint in t
pricing encourages and coernsates additional relief from physical schedulers that benefits the
flowgate owner.

Finally, MISO6s shadow cost for external TLR
versus the monitoring system opengestiomonthse tr ue
constraint. As shown in Secti®di.H, this causes the congestion component associated with

TLR constraints that is included in the interface prices to be highly distortionary and provide
inefficient scheduling incentives. One should expect that is will result in inefficient schedules

and higher costs for MISO customers.

Figure AL17. Excess TLR Congestion Settlements for External Transactions

Figure AL17shows the costs incurred by MISO customers associated with the external TLR
congestion embedded in MISOO6s interface price
categories. The first category contains costs yback dayahead physical schedules curtailed

in real time. Since the LMPs at affected interfaces during TLR events will be reduced,

30 Likewise, transact i oahsadwmarketar curtaled via TLR dhlaisextéreal fldvaggte
are compensated by MISO as if they are relieving the constraint even though this effect is excluded from
MI SO6s mar katibn. fl ow cal cul
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schedulers often profit from being curtailed. The second category shows paymentsintcereal
physical schedulers for TLBonstraint relief. Both categories contribute to balancing congestion
costs since the impact of these schedules is not considered in MISO market flow.

Figure A117: Excess TLR Congestion Settlements for External Transactions

2012-2014
$8 M |
$7M mm Congestion Paid for RT NSI Relief
== Buying-back Curtailed DA Interchange
$6 M ¢ Balacing Congestion on External Flowgates
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50 M ”MTL
-$1 M
1213143 FMAMI JA SONDIJFMAMI JASOND
Avg. 2013 2014

C. Price Convergence Between MISO and Adjacent Markets

Like other markets, MISO relies on participants to increase or decrease net imports to cause
prices between MISO and adjacent markets to converge. Given uncertainty regarding price
differencedrom transactions being scheduled in advance, perfect convergence should not be
expected.

Transactions can start and stop at 15 minute intervals during an hour, but are settled on an hourly
basis. This discrepancy between the hourly settlement andhbéuwing timeframe can create
incentives for participants to schedule transactions that are uneconomic when flowing, but are
nonetheless profitable under hourly settlement.

MISO and PJM modified their scheduling rules in 2009 to address problems cakesving
participants to schedule 4Binute transactions at the end of the hour after they have observed
prices at the beginning of the hour that would be included in the hourly settlement. MISO
prohibited changes to schedules within the hour while Baleld the duration of schedules to
no less than 45 minutes.
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To comply with FERC6s Order 764, MI SO reduced
to 20 minutes in advance of the operating period. It filed to continue restrictingpanira
schedulehanges, however, until it can implement fiminute settlements.

Figure AL18andFigure AL19 RealTime Prices and Interface Schedules

Our analysis of these schedules is presgnt two figures, each with two panels. The left panel

is a scatter plot of regime price differences and net imports during all unconstrained hours.
Good market performance would be characterized by net imports into MISO when its prices are
higher tlan those in neighboring markets. The right side of each figure shows monthly averages
for hourly realtime price differences between adjacent regions and the monthly average
magnitude of the hourly price differences (average absolute differences).

In anefficient market, prices should converge when the interfaces between regions are not
congested. The first figure shows these results for the NAE® interface; the second figure
shows the same for the IES@ISO interface.

Figure A118 Real-Time Prices and Interface Schedules
PJM and MISO2014
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MISO Price - IESO Price ($/MWh)

Figure A119 Real-Time Prices and Interface Schedules
IESO and MISO2014
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VIIl.  Competitive Assessment

This section evaluates the competitive struct
various measures to identify the presence of market power and, more importantly, to assess
whether market power has been exercised. Such assgssreeparticularly important for LMP

markets because while the market as a whole may normally be highly competitive, local market
power associated with chronic or transitory transmission constraints can make these markets

highly susceptible to the exesei of market power.

A. Market Structure

This first subsection provides three structural analyses of the markets. The first is a market
power indicator based on the concentration of generation ownership in MISO as a whole and in
each of the regions within MG

The second and third analyses address the fre
and are needed to serve load reliably or to resolve transmission congestion. In general, the two
pivotal supplier analyses provide more accurate indicaitddmmarket power in electricity

markets than the market concentration analysis.

Figure AL20. Market Shares and Market Concentration by Region

The first analysis evaluates the market concentration using the Herfidolatihman Index

(HHI). The HHI is a standard measure of market concentration calculated by summing the
sqguare of each participantdéds mar ket share (in
characterize markets with an HHI greater than 1,800 tadmerately concentrated, while those

with an HHI in excess of 2,500 are considered to be highly concentrated.

The HHI is only a general indicator of market concentration and not a definitive measure of

mar ket power . T he HHIng ®ridentifcdtion ®fimgrket powecim nt s h o
electricity markets is that it generally does not account for demand or network constraints. In
wholesale electricity markets, these factors have a profound effect on competitiveness. We also
calculate a threérm concentration ratio which calculates the total share of capacity of the

largest three suppliers.

Figure AL20shows generating capacibased market shares and HHI calculations for MISO as a
whole and within each regn.
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Figure A120 Market Shares and Market Concentration by Region
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Because the subregions of MISO analyzed above do not recognize the physical characteristics of
electricity that can cause a supplier to have market power wadeus conditions, the HHI

alone does not allow for conclusive inferences regarding the overall competitiveness of

electricity markets. The next two analyses more accurately reveal potential competitive concerns
in the MISO markets.

Figure AL21 Pivotal Supplier Frequency by Load Level

The first pivotal supplier metric is the Residual Demand Index (RDI), which measures the part of

the load in an area that can be satisfied without the resources of its lapgpdistr surhe RDI is

calculated based on the internal capacity and all import capability into the area, not just the

imports actually scheduled. In general, the RDI decreases as load increases. An RDI greater

than one means that the load can be satigfiedt hout t he | argest supplie
less than one indicates that a supplier is pivotal and a monopolist over some portion of the load.

Figure AL21summarizes the results of this analysis, showing theeptge of total hours with a
pivotal supplier (e.g., RDI less than 1) by region and load level. Prices are most sensitive to
withholding under highoad conditions, which makes it more likely that a supplier could
profitably exercise market power in thdsaurs. The percentages shown below the horizontal
axis indicate the share of hours that comprise eachlévatitranche.
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Figure A121: Pivotal Supplier Frequency by Region and Load Level
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i's useful

approach for identifying local market power requires a still more detailed analysis focused on
specifictransmission constraints that can isolate locations on the transmission grid. Such
analyses, by specifying when a supplier is pivotal relative to a particular transmission constraint,
measure local market power more precisely than either the HHI or RDI ca

A supplier is pivotal on a constraint when it has the resources to overload the constraint to such
an extent that all other suppliers combined are unable to relieve the constraint. This is frequently
the case for lowevoltage constraints because tesources that most affect the flow over the
constraint are those nearest to the constraint. If the same supplier owns all of these resources,
that supplier is likely pivotal for managing the congestion on the constraint. As a result, such a
supplier carpotentially manipulate congestion and control prices.

Two types of constrained areas are defined for purposes of market power mitigation: Broad
Constrained Areas (BCAs) and Narrow Constrained Areas (NCAs). The definitions of BCAs
and NCAs are based oretklectrical properties of the transmission network that can lead to local
market power. NCAs are chronically constrained areas where one or more suppliers are
frequently pivotal. As such, they can be defined in advance and are subject to tighter market
power mitigation thresholds than BCAs. There are three NCAs in the Midwest Region (the
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Minnesota NCA, the WUMS NCH, and the North WUMS NCA) and two in the South Region
(WOTAB and Amite South NCAS).

Market power associated with BCA constraints can la¢ssignificant. A BCA is defined
dynamically when notNCA transmission constraints bind, and includes all generating units with
significant impact on power flows over the constraint. BCA constraints are not chronic like
NCA constraints are; however, thean raise competitive concerns. Due to the vast number of
potential constraints and the fact that the topology of the transmission network can change
significantly when outages occur, it is neither feasible nor desirable to define all possible BCAs
in advance.

Figure AL22to Figure AL25 Pivotal Suppliers

The next four figures evaluate potential local market power by showing the frequency with

which suppliers are pivotal andividual NCA and BCA constraintd-igure AL22and A106

show, by region, the percentage of all market intervals by month during which at least one
supplier was pivotal for each type of constraifigure AL23show, of the intervals with active
constraints in each month, the percentage with at least one pivotal supplier. For the purposes of
this analysis, the WUMS and North WUMS NCAs are combined.

Figure A122 Percent of Intervals with at Least One Pivotal Supplier
Midwest Region2014
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31 Based on the results of the NCA threshold calculation specified in Tariff Section 64.1.2.d, the thresholds that
appied to the NCAs for most of 2014 ranged from $23.78 per MWh in Minnesota to $87.31 per MWh in
WUMS. The WOTAB and Amite South NCt#resholds were $30.89 and $31.20 per MWh, respectively.
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Figure A123 Percent of Intervals with at Least One Pivotal Supplier
South Region2014
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Figure A124 Percentage of Active Constraints with a Pivotal Supplier
Midwest Region2014
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Figure A125 Percentage of Active Constraing with a Pivotal Supplier
South Region2014
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B. Participant Conduct i Price-Cost Mark-Up

The structural analyses in the prior subsection indicate the likely presence of local market power
associated with transmissi@constraints in the MISO market area. In the next three subsections,
we analyze participant conduct to determine whether it was consistent with competitive behavior
or whether there were attempts to exercise market power. We test for two types of conduc
consistent with the exercise of market power: economic withholding and physical withholding.
Economic withholding occurs when a participant offers resources at prices substantially above
competitive levels in an effort to raise market clearing pricésonease RSG payments.

Physical withholding occurs when an economic unit is unavailable to produce some or all of its
output. Such withholding is generally achieved by claiming an outage or derating a resource,
although other physical parameters camiamipulated to achieve a similar outcome.

One metric to evaluate the competitive performance of the market is thegstomarkup,

which esti mapesottihneee &rearrkket prices over suppli
compares a simulated SMRder two separate sets of assumptions: (1) suppliers offer at prices
equal to their reference | evels; and (2) supp
weighted average of the estimated SMP under each scenario. The percentage difference i

estimated SMPs is the maulp. This analysis does not account for physical restrictions on units

and transmission constraints, or potential changes in the commitment of resources, both of which
would require reunning market software.

This metric isuseful in evaluating the competitive performance of the market. A competitive
market should produce a small mank because suppliers should have incentives to offer at their
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