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Appendix: Introduction

l. | NTRODUCTION

This Analytical Appendix provides an extended analysis of the topics raised in the main body of
the Report. We@resent the methods and motivation for each of the analyses. However, our
conclusions from these analyses and how they relate to performance of the markets are discussed
in the main body of the Report. In addition, the body of the Report includes asistaf our
recommendations to improve the design and competitiveness of the market.

MISO has operated competitive wholesale electricity markets for enerdinandial

transmission rightdHTR9 since April 2005.MISO added regulating and contingenegerve
products (jointly known as ancillary services) in January 2009 and added a capacity market in
June 2009. The capacity market was replaced in June 2013 by the annual Planning Resource
Auction (PRA).

Key changes or improvements implemented0d9included:

T I'n February, FERC approved tariff changes
by allowing MISO to schedule LMRs in advance of an anticipated emergency and
requiring LMRSs to register availability congat with their seasonal capability.

1 In April, MISO implemented capacity accreditation changes that treat generator planned
outages during emergencies that were not scheduled far in advance as forced outages,
although these changes have had very smalitsffe

1 In May, MISO implemented a number of key changes that have significantly improved
generatorsdé incentives to follow MISO6s di
performance of the system overall. These chamgptuded:

- Changes in th&ninstructed Deviation thresholds and rules;

- Improvements in the Price Volatility Mak&hole Payment settlement formulas
affecting units that are not performing well in following dispatch instructions;

- Modi fications to MI SO6 s torregluceitheavdlime of ¢ 0 mm
regulationbased deratings, while expanding the units available to schedule to
provide regulation.

1 In October, MISO filed tariff changes that would prevent resources from qualifying to
provide capacity if they are on outage durihg peak summer months.

1 In November, MISO modified the ELMP framework to allow the costs ofdftast
resources scheduled in the eityead market to participate in setting 1t&ale prices.

1 In December, MISO lifted the energy offer cap from $1,000 per NO\$2,000 per
MWh as mandated by FERC.

1 MISO also proposed a number of recommended improvements to the market power
mitigation provisions in Module D in December that were approved by FERC and
implemented in early 2020.

1 | 2019 State of the Market Report



Appendix: Prices and Load Trends

In this sectiony e

reattime energy markets.

A. Market Pricesin 2019

In a wellfunctioning, competitive markesupplers have an incentive to offer at their marginal

provide our

PRICES AND L OAD TRENDS

anal

yses

o fdayalead apdr i c e s

costs. Therefore, energy prices shaddespond closelwithr e s o umargieakproduction

costs which are primarily comprised of fuel costs for most resources. Althoaaffired
resourcesistoricdly have beemmarginalin a large share of hours, low natural gas prices in

recent years have caused-fjasd units to be marginal in most peak hours. Additionally,
congestion frequently causes g@ed units to set prices in local areas.

Figure Al shows thanonthlyfi ail h 0

Figure AL: All-In Price of Electricity

price

o f2018td 201®4dlong waeththie pricef r o m

of natural gasit the Cltago Citygate trading hubThe leftmost section shows the annual
average prices for 2010 througf1Q The altin price represents the cost of serving load in
MI S CGetedricitymarket. It includes the loageighted reatime energycost as well as real
time ancillary servicecosts, uplift costs, and capacity coRRRA clearingoricemultiplied by

the capacity requirement) per MWh of rdahe load. We separately show the portion of the all

in energy pricehat is associated with shortage pricing for one or more products.
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Appendix: Prices and Load Trends

Figure A2: Cross Market AHIn Price Comparison

To provide perspective on how the MISO markets compare to the other easterri-RjUEA2

shows the alln price for each market from 2017 through 2019. These markets have migrated to
similar market designs, including locational energy markets, operating reserves and regulation
markets, and capacity markets (with the exception of ERCE8®yvever, the details of the

market rules can vary substantially.

Figure A2: Cross Market All-In Price Comparison
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Figure A3: RealTime Energy Pricdduration Curves

Figure A3 shows the redime hourly prices asevernrepresentative locations in MISO in the

form of a priceduration curve.A price-duration curve shows the numbédraurs (on the

horizontal axis) when the LMP is greater than or equal to a particular price level (on the vertical
axis). The differences between the curves in this figure are due to congestion andNbgges
cause energy prices to vary by location.

The table inset in the figure provides the percentage of hours with prices greater than $200,
greater than $100, and less than $0 per MWh in the three most recentlyealsghest prices
often occur during pedkad periodsvhenshortage conditionare nost common. Prices in
these hours ar@n important component of the economic signals that govern investment and
retirement decisions.
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Appendix: Prices and Load Trends

Broad changes in prices are generally driven by changes in underlying fuel prices that affect
many hours. In contrasthanges in prices at the high end of the duration curve are usually
attributable to differences in weathredated peak loads that impact the frequency of shortage
conditions.

Figure A3: Real-Time Energy PriceDuration Curve

2019
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Figure A4: MISO Fuel Prices

As we havenoted, fuel prices are a primary determinant of overall electricity poieesusehey
constitutemost oftheg e ner at or s 6 Hemae, lgpcansa haturel gfaed resources set
energy prices in a large share of hours, electricity prices terelhably correlated with natural
gas prices. Codlred units frequently set prices in gfeak hours.

Figure A4 shows the prices for natural gas, oil, and two sygiecoal in the MISO region since
the beginning 020181 Thefigure shows nominal prices in dollars paillion British thermal
units (MMBLtu). The table below the figure shows the annual average nominal 207
for each type of fuel.

1 Although output from oifired generation is typically minimal, it can become significant if natural gas
supplies are interrupted duripgak winter load conditions. The majority of MISO ebiedd generators have
historically received supplies from the Powder River Basin or other Western supply areas.
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Figure A4: MISO Fuel Prices
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2018 2019
Annual Average 2017 | 2018 | 2019 Annual Average 2017 | 2018 | 2019
— Chicago NG $2.90 | $3.02 | $2.41 IB Coal §1.46 | $1.61 | $1.55
—— Henry NG 82.96 | 3$3.12 | 82.51 PRB Coal $0.67 | 30.71 | $0.70

Figure A6: Fuel-Price-Adjusted System Marginal Price

Fluctuations in marginal fuel prices can obscure the underlying trends and performance of the
electricity marlets. In Figure A5, we calculate a fugbrice-adjustedsystem marginal price

(SMP). The SMP indicates the systemide marginal cost of energy (excluding congestiod a
losses). The fuel adjustmeasblates variations in prices that are due to factors other than
fluctuations in fuel prices, such as changes in load, net imporasailable generation. The
available generation can charfgem period to perio@s a reult of unit additions or retirements
and from interval to interval becauseuniit outage®r deratingscongestion management needs
or output by intermittent resources.

To calculate this metrithe SMP ofeach reatime intervalwasindexed to the arage fuel price

of the marginal fuelrom 2017through2019 Downward adjustmestwerethegreatest when

fuel priceswere thehighest and vice versaultiple fuels may be marginal, so we calculate

each interval 6s S MPweightep basidTmsemethodaogy daesmgpu ant i t y
account for some impacts of fuel price variability, such as changes in generator commitinent an
dispatch patterns or relative irtegional price differencéstheresultof differences in regional
generation mi@ thatwould impact the economics of interchangéh neighboring areas
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Figure A5: Fuel Price-Adjusted System Margnal Price
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B. Fuel Prices and Energy Production
Figure A6: Price Setting by Unit Type

Figure A6 examines the frequeneyith whichdifferent types of generating resourcestket
reattime SMPin MISO. Thetop panein thefigure shows the average prices when each type of
unit wason the marginandthe bottom paneshows the share of market intervals thath type

of unit set the redime price.

While baseload codlred units have historically set price in the majority of hours, that share has
been declining over time. The year 2018 was the first year that coal resources set the marginal
energy price less frequently than geed resourcesNearly all wind resources cée

economically curtailed when contributing to transmission congestion. Because their incremental
costs are mostly a function of lost production tax credits, wind units often set negative prices in
exportconstrained areas when they must be ramped dowrahage congestion.
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Figure A6: Price-Setting by Unit Type
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TableAl: Capacity,Energy Output, and Prie8etting by Fuel Type
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TableAl summarizes how changes in fuel prices have affected the share of energy produced by
fuel-type, as well as the generators that set thetiraal energy prices iB019compared t@018
The lowest marginal cost resources (coal and nuclear) produce most of the energy. Because
natural gadired units are higher marginabst resources, they tend to produce a lowaresbf
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Table Al: Capacity, Energy Output, and Price-Setting by Fuel Type

2018 2019
Unforced Capacity Energy Output Price Setting
Total (MW) Share (%) Share (%) SMP (%) LMP (%)
2018 2019 | 2018 2019| 2018 2019 | 2018 2019 2018 2019

Nuclear 12,225 12,107 10% 9% 16% 17% 0% 0% 0% 0%
Coal 48,775 46,864 38% 37% 47% 39% 45% 47% 78% 81%
Natural Gas 55,240 56,673| 43% 449 27% 31% 54% 51% 87% 89%
oil 1,691 1,568 1% 1% 0% 0% 0% 0% 0% 0%
Hydro 3,966 4,034 3% 3% 1% 2% 1% 1% 1% 2%
Wind 3,005 3,660 2% 3% 8% 9% 0% 1% 31% 38%
Other 2,678 2,703 2% 2% 2% 1% 0% 0% 2% 2%
Total 127,580 127,608
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C. Load and WeatherPatterns
Figure A7: Load Duraton Curvesand2019 Peak Load

Although market conditions can still be tight in the winter and shoulder seasons because of
generation and transmission outages and fuel supply i34, continues tdea summer
peaking market.To show the hourly variation in loaBigure A7 shows load levels f&2019and
prior yearsn the form ofhourly load duration cunge The load duration curveshow the

number of hours on the horiztal axis in which load is greattranor equal tahe level

indicated on the vertical axis. Vgbowcurves for2017through2019separately

These curves reveal the chasgn load that are due to economic activity and weather conditions,
among other thingsTheinsettable indicates the number and percentage of hours when load
exceededO, 90, 100, and 11GW of load. The figure shows the actual and predicated peak

loadfor 2019 The APredicted Peak ( R01Lvh&gMISO s t he p
expected the | oad could be higher oPredicedver t h
Peak (90/10)0 is the predicted peak | oad wher

percent probability (i.e., there is only a 10 percent probability of load peaking above this level).

Figure A7: Load Duration Curvesand 2019Peak Load
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Figure A8: Heating and Cooling DegrePays

MI SOO6s | oad sensitiva. FegorpAsS illusttates thee influence of weather on load by
showing heating and cooling degr@aysthat area proxy for watherdriven demand for energy.
These are shown alongth the monthly average load levels for the prior three years.
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The top panel shows the monthly average loads in the bars and the peak monthly load in the
diamonds. The bottom panel shows monthly Heating Ddgags (HDD) and Cooling Degree
Days (CDD) averagdover the 10 years prior @017across four representaticgiesin MISO
Midwest and two cities in MISO SouthThe table athebottom shows the yeaveryear

changes in average load and degtags.

Figure A8: Heating and Cooling DegreeDays
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D. Ancillary Services Markets

Scheduling of energy and operating reserves, which include regulating reserves and contingency
reserves, i s | oi nt {inge margetsaftwarez Asd resuit, opddrten@yacaest r e a |
tradeoffs result in higher energy prices and reserve prices. Energy and ancillary services

markets (ASM) prices are additionally affected by reserve shortages. When the market is short

of one or more ancillary séaces products, the demand curve for that product will set the rharket

wide price for that product and be included in the price of higher valued reserves and energy.

The three main ancillary services products are regulation, spinning reserves, and esiaplem

reserves. Total Operating Reserves are the sum of these three pr&gurmtsng and

supplemental reserves are both categories of contingency reserves.

2 HDDs and CDDs are defined using aggregate daily temperature observations rektdaséademperature
(in this case, 65 degrees Fahrenheit). For example, a mean temperature of 25 degrees Fahrenheit in a
particular week in Minneapolis results in (@5) * 7 days = 280 HDDs. To account for the relative impact of
HDDs and CDDs, HDDs araflated by a factor of 6.07 to normalize the effects on load (i.e., so that one
adjustedHDD has the same impact on load as one CDD). This factor was estimated using a regression
analysis.
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The demand curves for the various ancillary services produgldwere:

T Regulation: varies monthly according to th
$132.49 per MWh 2019

1 Spinning Reserves: $65 per MWh (for shortages betwermand 10 percent of the
marketwide requirement) and $98 per MWh (for shortages greater than 10 pércent).

1 Total Operating Reservés:

- For cleared reserves less than four percent of the maittetrequirement, the Value
of Lost Load ($3,500 per MWh) minus the monthly demand curiee [for
regulation.

- For cleared reserves between four and twelve percent, the estimated probability of
lost load based on a single large resource contingency.

- For cleared reserves between twelve percent and the Most Severe Single Contingency
(MSSCQC), the curve is flat at $2,100 per MWh and then steps down to $1,100 per
MWh through 96 percent of the requiremeRbr cleared reserves more than 96
percent of the méaetwide requirement: $200er MWh

The most important reserve constraint is the maskeé operating reserve requirement

(contingency reserves plus regulation). This is because a shortage of total operating reserves has
the greatest potential impact geliability. Accordingly, the total operating reserve constraint

has the highegtriced reserve demand curve. To the extent that increasing load and unit
retirements reduce the capacity surplus in MISO, more frequent operating reserve shortages will
play a key role in providing longerm economic signals to invest in new resources.

Figure A0: RealTime Ancillary Service ClearingPrices and Shortages

Figure A9 shows monthly average retine clearing prices for the three ancillary service
products in2019 regulation, spinning reserves, and supplementatves.

Supplemental reserves are the lowest quality reserve because the technical requirements are less
stringent than for regulation and spinning reserves. But because supplemental reserves will be

short in conjunction with total reserves, a shortagaupplemental reserves is an operating

reserve shortage and will result in the largest shofpaigeng component in each of the other

reserve prices and in the energy pri€ggure A shows the frequency with which the system

was short of each class of resenaswellastt e | mpact of each product 0:¢

3 There is an additional $50 RegShkWhPpemblttyyocall ed tF

4 There is no separate demand curve for Supplemental Reserves. Prices for Supplemental Reserves during
shortages are established by the Total Reserve demand curve (known as the operating reserve demand curve
or ORDC).
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Figure A9: Real-Time Ancillary Services Clearing Prices and Shortages
2019
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Note Supplemental Reserve shortages in the figure reflect Operating Reserve shortages.

Additionally, higherquality reserves can always be substituteddwer-quality reserves.
Therefore, the price for spinning reserves will always be equal to or higher than supplemental
reserves. Likewise, when a shortage occurs in a tfqwality reserve product, it appears in the
price of all highemquality reserves.

Figure ALO: Regulation Offers and Scheduling

ASM offer prices and quantities attee primary determinants of ASM outcomeiigure ALO
examines average regulation capabitityMISO resources. Regulation capabilgyess than
spinning reserve capability because (a) it can only be provided by regidapiahle resources
and (b) it is limited to five minutes ofdlirectional ramgapability.

Clearing prices for regulating reserves can be considerably higher than the-bliguest
regulationoffer prices because the prices reflect opportunity costs incurred when resources must
be dispatched up or down from their economic lévglrovide bidirectional regulation

capability. In addition, as the higheapiality ancillary service, regulation can substitute for

either spinning or supplemental reserves. Hence, any shortage in those products will be reflected
in the regulating resee price as well.
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Figure A10: Regulation Offers and Scheduling
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Figure ALL: Contingency Reserve Offers and Scheduling

MISO has two classes of contingency resergpgining Reseves andSupplementaReserves.
SpinningReserves caonly be provided by online resources for ud@minutes of ramp
capability(limited by available headroom above their output level). SupplenResarves are
provided by offline units that can reggbwithin 10 minutesncludingtheir startup and
notification times. The contingency reserve requirement is satisfied by the sungpirthiag
Reserves an8upplementaReserves.

As noted above, highafalued reserves can be used to fulfill the resmients of loweguality
reserves. Therefore, prices ®egulationalways equal or exceed those 8pinningReserves,
which in turn always equal or exceed prit@msSupplementaReserves. As witRRegulation,
Spinning andSupplementateserve prices caexceed the highest cleared offer as a result of
opportunity costs or shortage pricing.

Figure ALl shows the quantity @&pinning andSupplementaReserve offers by offer price. Of
the capability not availablier dispatch, the figure distinguishes between quantities not offered,
derated, and limited by dispatch level.
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Figure A11: Contingency Reserve Offers and&cheduling
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Figure A12: Deployment Costs and Spinning Reserve Clearing

When selecting and clearing resources to provide reserves, MISO does not consider the costs to
produce energy during reserve deployment events. Resources are deployed for Spinning

Reserves on a pro rata basis, and they are made whole to their enegyy Hfismesults in

scheduling inefficiencies because suppliers that receive-mha&ke payments have no incentive

to incorporate expected deployment costs in t
previous recommendation that MISO consieepected deployment costs when scheduling

reserves because increased participation fromdesandl e r esour ces has rais
exposure to deploymenelated uplift costs. These resources generally have unusually high

energy costs driven by opponity costs of curtailed load, which should be considered when
scheduling them to provide reserves.

We provide a case study using hourly spin offer data from December 17, 2019 and assume a 6:20
a.m. spin deployment to illustrate this issue. In our examye calculated the incremental

depl oyment costs by taking the difference bet
deployment, based on theirpstee p| oy ment output | evel, and r esc
with a full spin deployment, oa per MWh basis. We assumed that LMPs were constant. We

divided one hour of incremental energy-oftmarket costs by the spinning reserve schedule

awarded for each resource in that interval.

In FigureA12, we illustrate the results of our analysis. On the left axis, we show unit hourly
uplift on a $ per MWh basis, and on the right axis we plot the spinning reserve offers. The
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individual units are wered orthehorizonal axis in merit order, based on the spin availability
offers. Selischeduled resources are on the far left of the offer curve and are treated as though
they submitted $0 availability offers. Resources whose offers were not sétecipth in this
interval are not shown in the chart.

Figure A12: Deployment Costs and Spinning Reserve Clearing
December 17, 2019 at 6:20 a.m.
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1. DAY-AHEAD M ARKET PERFORMANCE

In the dayahead marketarketparticipants makénancially bindingforward purchases and
sales of electric energy for delivery in real time. BRdwead transactions alldwBEsto procure
energy for their own demand, thereby managing risk by hedgiirgettosure to redime price
volatility. Participants also buy arsell energy in the dagthead market tarbitrage price
differences between the dapead andealtime markets.

Dayahead outcomes are i mportant because the bu
realtime is actually committed through the dalgead market, andimost allof the power

procured through MI SOO0 snthedaydnead market.sin ddditora nci al |
obligations to FTR holders are settled based on congestion outcomes in-tieeddymarket.

A. Day-Ahead Energy Prices
Figure AL3andFigure Al4: Day-Ahead Energydub Prices and SMP

Figure A13shows average deghead prices duringeak hours (6 a.m. to 10 p.m. on Husliday
weekdays) at six representative hub locations in MISO anassciated daghead System
Marginal Price (SMP)Figure Al4 shows similar results for effeak hours (10 p.m. to 6 a.m. on
weekdays and all hours on weekends and holidaym)her prices in one location relative to
another indicate congestion and loss factor differebetseen thosarea.

Figure A13: Day-Ahead Hub Prices andSMP
Peak Hours2018 2019
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Figure A14: Day-Ahead Hub Prices andSMP
Off-Peak Hours2018 2019
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B. Price Convergencewith the RealTime Market

This subsection evaluates the convergence of prices in theheéayl and redagime energy and
ancillary services markets. Convergence betweeratlagd and redime prices is a sign of a
well-functioning dayahead market, which is vital for overall markéiciency.

If the dayahead prices fail to converge with the riale pricesthen the reatime physical
dispatch is not being anticipated in the -@dyead marketThis can result in:

1 Generating resources not being efficiently commiliedausenod are committed
through the dayahead market;

1 Consumers and generators being substantially affected because most settlements occur
through the daaahead market; and

1 Payments to FTR holders not reflecting the true transmission congestion on the network,
which will ultimately distort future FTR prices and revenues.

Par t i ci -pheadmarket bdlsaayd offers should reflect their expectatidhe ofaltime
market the following day. However, a variety of factors can caus¢imeaprices to be
significantly higher or lower thathoseanticipatedn theday-aheadmnarket While a welt
performing market may not result in pricgmverging on an hourly basis, they shatddverge
on a longettermbasis.
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A modest dayahead price premium reflects rational &ebr because purchases in the-day
ahead market are subject to less price volatiityichis valuable to riskaverse buyers.
Additionally, purchases in the retiine market are subjettt theallocation of reatime Revenue
Sufficiency Guarantee (RS@pststhat aretypically much larger than deghead RS@osts
Mostday-ahead purchases can avoid these RSG costs.

Figure AL5to Figure A21: Day-Ahead and Re&lime Prices

The next seven figuresimmarize price convergence in the MISO marketshoying monthly
average prices in the dahead and redgime markets at representative locations in MISO, along
with the average RSG casdllocategper MWh?> The table below the figures shows the average
day-ahead and redime price differencgncludingandexcludingRSG chargesReattime RSG

is assessed to deviatiofrem theday-ahead schedulekat are settled through the réiahe

market including net virtual supply Reattime RSG chargearegenerallymuch higher than
day-ahead charges antierefor, shouldleadto modest dayaheadprice premiums.

Figure A15: Day-Ahead and RealTime Prices
2018 2019 Indiana Hub
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ExcludingRSG |0 | 1| 2 |-4|-7(0]|-2|-8]7|4|O0O|-3|10[3]|9|6|3|6J0]|5]2|0]|5]|-1]-3(-1]3
Including RSG |-1|-1| 1 |-6|-8| O |-4|-10| 4 |(2|-2| 4|7 |17 |3|1]|5 4 (1 |-114]-2|-4|-2]3

5

Management Charge (CMC) Rate and Pass 2 RSG.

The rate is th®ay-Ahead Deviation Charge (DDC) Rate, which excludes the locapesific Congestion
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Figure A16. Day-Ahead and RealTime Prices
2018 2019 Michigan Hub
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Figure A17. Day-Ahead and RealTime Prices
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Figure A19: Day-Ahead and RealTime Prices
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Figure A20: Day-Ahead and RealTime Prices
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Figure A21: Day-Ahead and RealTime Prices
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Figure A22: Day-Ahead Ancillary Services Res and Price Convergence

The figures above show the convergencklof S Geesgy market prices. Price convergence is

al so i mpor t anollary $ervice mdMietS Whiclsare jointly optimized with the

energy markets. These markets have operated without significant issues since their introduction
in January 2009Figure A22 shows monthly average dayead clearing prices 2019for each
ancillary services product, along with dalgeadandreattime price differences.

Figure A22: Day-Ahead Ancillary Services Pices and Price Convergence
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C. Day-Ahead Load Scheduling

Load schedulingNet Scheduled Interchange (N&hd virtual trading in the daghead market
play an important role in overall market efficiermy promoting optimal commitments and
improved price convergence between-digad and redime markets. Dawphead load is the

sum of physical load and virtual load. Physical load includes clearedsemnsgive load and

fixed load. Pricesensitive lad is scheduled (i.e., cleared) if the @dnead price is equal to or
less than the load bid. A fixddad schedule does not include a bid price, indicating a desire to
be scheduled regardless of the-@ead price.

Virtual trading in the dayahead maet consists of purchases or sales of energy that are not
associated with physical load or resources. Similar to4seasitive load, virtual load is cleared
if the dayahead price is equal to or less than the virtual load bid d&etheadoad is deihed
asday-ahead clearephysical loadplus cleared virtual loadhinus cleared virtual supplyplus
NSI. Thedifferencedhetweemetday-aheadoadandreattime loadis important because they
can undermine the efficiency of the generamnmitmens patterns andaise RSGosts.
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Whennetday-ahead load is significantly less than riale load, particularly in the pediad

hour of the day, MISO will frequently ne¢al commit peaking resourcafter the dayahead
marketto satisfyt h e s y s-tineedé@mand Desp@té improvements from expansion of
ELMP, peaking resources often do not set+tgak prices, even if those resources are effectively
marginal(see SectioIV.B). This can contribute to suboptimal réi@he pricing and can result

in inefficient outcomeswhen lowercost generation scheduled in the -@dyead market is

displaced by peaking units committed in real time. Because these peaking units fratpently
not set reatime prices (even though they are more expensive than other resources), the
economic feedback and incentive to schedule more fully in thaldegd market will be diluted.

Additionally, significant supply increases after the-@mgad mankt can lower realime prices
and create an incentive for participants to schedule net load at less than 100 percent. The most
common sources of increased supply in real time are:

1 Supplemental commitments made by MISO for reliability after theadeyad rarket;

1 Sel-commitments made by market participants after theathesad market;

1 Underscheduled wind output in the daypead market; and

1 Realtime net imports above dahead schedules.

Figure A23to Figure A25: Day-Ahead Scheduled Versus Actual Loads

To show netlay-aheadoad-scheduling patterngigure A23 compares the monthBveragelay-
ahead scheduled loaddwerage redimeload. The figure shows only the daily peak hours
when undetscheduling is most likely to require MISO to commit additiam@ts The table
belowthe figure shows the average scheduling levels in all hours and for the peak hour. We
show peak hour scheduling separatgfyregion inFigure A24 andFigure A25.

Figure A23: Day-Ahead Scheduled Versus Actual Loads
2018 2019 Daily Peak Hour
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Figure A24: MISO Midwest Day-Ahead Scheduled Versus Actual Loads

2018 2019 Daily Peak Hour
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Figure A25. MISO South Day-Ahead Scheduled Versus Actual Loads
2018 2019 Daily Peak Hour
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D. Load Forecasting

Load forecasting is a key element of an efficient forward commitment process. Accuracy of the
Mid-Term Load Forecast (MTLF) is particularly importéetcause it is an input tbe Forward
Reliability Assessment Commitment (FRAC) procesdamed after the daghead market

closes and before the red@he operating day begins. Inaccurate forecasts can cause MISO to
commit more or fewer resources than necessary to meet demand, both of which can be costly.

Figure A26: Daily MTLF Error in Peak Hour

Figure A26 shows the percentage difference between the MTLF used in the FRAEsprand
reattime actual load for the peak hour of each da30mh9

Figure A26: Daily MTLF Error in Peak Hour
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E. Hourly Day-Ahead Scheduling

The dayahead energy and ancillary services makletar o an hourly basis. As a restatl

day-ahead scheduled ramp demands coming into theine@aimarket, including unit

commitments, deommitments, and changes to physical schedules are concentrated at the top of
eachhour.

MISO has several options to manage the impact ebtagpe-hou changes in real time,

including staggering unit commitments (which can result in increased RSG payments) or
proactively using load offsets in order to reduce ramp impacts. Nonetheless,-timmeeamp
demands created by the current hourly resolutiche dayahead market can be substantial and
can produce significant reime price volatility. MISO should consider implementing a shorter
scheduling interval in the deghead market.
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Figure A27. Ramp Demand Impact of Hourly D&@head Market

Figure A27 below shows the implied generation ramp demand attrilutatwiayahead
commitments and physical schedules compared teimalload changes. When the sum of
these changes is negative, online generators are forced to ramgeaptimeto balance the
market. When the sunof these factorss positive, generators are forced to ramp dowreal
time. The greatest ramp demand periods occur at the top of the hour becausaluathy
commitment changes and changes in NSI.

Figure A27: Ramp Demand Impact of Hourly Day-Ahead Market
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F. Virtual Tra nsactions in the DayAhead Market

Virtual trading provides essential liquidity to the emtyead market because it constitutes a large
share of therice sensitivity at the margin that is needed to establish efficierdltzgd prices.
Virtual transactions scheduled in the gdyead market are settled aganest-time prices.

Virtual trading is profitable when the trader buys low and sells haghiiftual demand bid¢his

is when the reatime energy price is higher than the deyead price, whilér virtual supply
offersthis iswhen the dayahead energy price is higher than the-timaé price.

Accordingly, if virtual traders expeday-aheal prices to bénigherthanrealttime prices, they
sell virtual supplyforwardand buyit backfinancially in thereattime market.If they forecast
higherrealtime prices, they buy virtual load. This trading is one of the primary means to
arbitrage pries between the two marketSlumerous empirical studies have shown that this
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arbitrage converges dahead and redime prices and, in doing so, improves market efficiency
and mitigates market poweér.

Large sustained profits from virtual trading may indicate-alagad modeling inconsistencies,
while large losses may indicate an attempt to manipulat@kesd prices. Attempts to create
artificial congestion or other price movements in the-alagad maet using a virtual position
would cause prices to diverge from réiate prices This divergence would causie virtual
position tobe unprofitable.We monitor for such behavior and utilize mitigation authority to
restrict virtual activity when approjate.

Figure A28 andFigure A29: Day-AheadVirtual Transaction Volumes

Figure A28 shows the averagsgfered and clearedmounts of virtual supply and virtual demand

in the day-ahead market frorB018to 2019 Figure A29 separates th2019volumes by region.

The virtual bids and offers that did not clear are shown as dashed areas at the end points (top and
bottom) of the solid bars. These are virtual bids and offers that were not economic based on the
prevailing dayahead market prices (supmifered abovehe clearing price and demand bid

below the clearing price).

Figure A28: Day-Ahead Virtual Transaction Volumes
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Players. Working Paper, University of Chicago, October 2015.
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Figure A29: Day-Ahead Virtual Transaction Volumes by Region
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Priceinsensitive bids are those that are very likely to clear (supply offers priced well below the
expected realfime price and demand bids priced well abolve expected retime price). For
purposes of these figures, bids and offers submitted at more than $20 above or below an

expected realime price are considered pricesensitive. A subset of these transactions

contributed materially to an unexpectitference in the congestion between the-dagad and
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Figure A30to Figure A33: Virtual Transaction Volumes by Participant Type

nvest.i

The next figures show deghead virtual transactions by participant type. This is important
because participants erggain virtual trading for different purposes. Physical participants are
more likely to engage in virtual trading to hedge or manage the risks associated with their
physical positions. Financial participants are more likely to engage in speculativg tradin
intended to arbitrage differences between-ahgad and redgime markets. The latter class of
trading is the conduct that improves the performance of the mafkgisie A30 shows the same
results but additionally distinguishes between physical participants that own generation or serve
load (including their subsidiaries and affiliates) and finaramdy participants. Figure A31and

Figure A32 show the same values by region, &ngure A33 shows these values by type of

location.
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Figure A30: Virtual Transaction Volumes by Participant Type
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Figure A31: Virtual Transaction Volumes by Participant Type
MISO Midwest,2019
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Figure A32 Virtual Transaction Volumes by Participant Type
MISO South,2019
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Figure A33: Virtual T ransaction Volumes by Participant Type and Location
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Figure A33 abovedisaggregates transaction volumes further by type of participant and four types
of locations: hub locations, load zongsnerator nodes, and interfaces. Hubs, interfaces, and

load zones are aggregations of matgctricalnodes angtherefore are less prone to congestion
related price spikes than generator locations.

Figure A34: MatchedPrice-InsensitiveVirtual Transactions

Figure A34 shows monthly average cleared virtual transactions that are considered price

insensitive. As discussed above, piicgensitive bids and offers are priced to make them very
likely to clear. T h e
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1 A patticipant seekan energyneutral positiommelative toa particular constraintThis
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Figure A35: Comparison of Virtual Transactioevels

To compare trends in MISO to other RTGgure A35 showscleared virtual supply and
demand in MISO, ISENE, and NYISO as ahareof actual load.

Figure A35: Comparison of Virtual Transaction Levels
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G. Virtual Profitability

The next set of charts examines the profitability of virtual transactions in MISO. In-a well
arbitraged market, profitability is expected to be low. deer, in a market with a prevailing
day-ahead premium, virtual supply should generally be more profitable than virtual demand.

TableA2: Comparison of Virtual Trading Volumes and Profitability

To provide perspective on the virtual trading in MIS@bleA2 compares virtual trading in
MISO to trading in NYISO and ISO New England.
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Table A2: Comparison of Virtual Trading Volumes and Profitability

2019
Virtual Load Virtual Supply
Market MW as a Av MW as a % .
% of Load Pro?it of Load AT FE
MISO 10.8% -$0.07 11.3% $0.94
NYISO 6.7% $0.17 14.5% $0.43
ISO-NE 2.3% -$1.20 4.9% $1.26

Figure A36to Figure A37: Virtual Profitability

Figure A36 shows monthlyotal profits ancaverayegross profitability ofclearedvirtual

positions Gross profitability is the difference between the price at which virtual traders bought
and sold positions in the dahead market and the price at which these positions were covered
(i.e., settled finacially) in the reatime market. Gross profitability excludBSGcost

allocations, which vary according to the market wideC rate and the hourly net deviation
volume of a given participantigure A37 shows the same results disaggregated by type of
market participant: entities owning generation or serving load and finandiaparticipants.

Figure A36: Virtual Profitability
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Figure A37: Virtual Profitability by Participant Type

2019
-~ $I5
g m Suppl
= $10 PORRY
= @ Demand
£ 35
= e * GrOoss
=
S %0 et ot  wowellige o,
¥
-$5
-$10 s4 2
=
L
- ol "\\ N -~ J N 2 &
€e 007 ’ LA e 4 b VAN b . e .
. 05’0-4-00\’,"’0’0 ;“.’00\\,,*‘.’: o 50 =
N 4 - =)
Z
-$2 =
S
&
-34
171819 J FMAM J JASONDI7I1819J FMAMIJ JASOND
Avg. 2019 Avg. 2019
Financial-Only Participants Generators / LSEs

H. Benefits of Virtual Trading in 2019

We conducted an empirical analysis of virtual trading in MIS@0h9that evaluated virtual

transactoe 6 contri buti

on

t o

t he

ef f i c egerizedyirtual f

mar k

transactions into those that led to greater market efficiency as evidenced by their profitability on
consistently modeled constraints, those that did not improve efficeneyidenced by their

unprofitability, and those transactions thahile profitable, did not produce efficiency benefits.

We examined our results both in termsgjaantitiesMWh) and net profits.

The virtual transactions in each category provide an indication of what percentage of virtual

activity contributed to m&et efficiency. Net profitscalculated as the difference between the
profits and the losses on consistently modeled constraints, indibatker virtual transactions
contributed to better market efficiency in MIS® providing incrementally better comtmients
in the dayaheadmarketand leading to better convergence.

To conduct our analysis, we first identified constraints that were modeled consistently in-the day
ahead and redime marketsand those that were notVe categorizedféiciency-enhancing

virtual transactios asthose that were profitable based on congestion that was modeled in the

day-ahead and redime markes, as well ahe marginal energy component (systemnde
energy price). We did not include transactions trerevprofitabldbecause ofinrrmodeled
constraints oday-ahead and redlme marginaloss factodivergence. Bfitsfrom these
factors do not lead to more efficient dalyead market outcomes. We also identified virtual

transactions that were unprofitabddut efficiencyenhancing because they led to improved price
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convergence. This happens when virtual transactions respond teimegeptice trend but
overshoatso they are ultimately unprofitable at the margin.

We designed tests basedamobservedransaction atimet and an associatethggedvalue(t-24

for observations imours G011 andt-48 for observations imours 1224). These lagged values
correspond to the reéiime prices a participant would have observed by the time the participant
submited bids or offers for the next day in the gdyead market. We us#tee tests to identify
unprofitable #iciency-enhancing virtualransactios:

1 Convergence TestWhether the absolute value of the difference between thaltzgd
and realtime LMPs atimet was less than the absolute value of the differences between
the dayahead and redgime LMPs in the lagged time period.

1 Day-Ahead Price Movement Test: Whether the movement in thelesd price
improved convergendewhetherthe absolute valuef the difference between the day
ahead and redgime LMP at timet was smaller than the absolute value of the difference
between the lagged dahead price and the current réale price.

1 Virtual DirectionalTest: To determine whether the virtiildehelped move the day
ahead price in the right direction, we tegtether the virtual bid or offer would have been
profitable based on the lagged difference between thaldegd and redaime price.

Virtual transactions that did not improve efficienggrethose that were unprofitable based on
the energy and congestion on modeled constramdsdid not contribute to price convergence
Table ABto Table A: Efficient and Inefficient Virtual Transactions 2019

The following three tablesummarize the virtual transaction quantities, profits, and losses in the
efficiency-enhancing and neefficiency-enhancing categories in 201%able A3 shows all
participants combined;able A shows financial participants, afi@ble A5 shows physical
participants.

Table A3: Efficient and Inefficient Virtual Transactions in 2019

All Participants
MWh Conve_rgent Rent-Seeking Rent-See_king
Profits Loss Congestion
Efficiency Enhancing (Profitable) 73,781,722 $522.7M $.6M -$8.9M
Efficiency Enhancing (Unprofitable) 11,310,674 -$42.1M $3.8M $3.7M
Total Efficiency 85,092,395 $480.5M $4.4M -$5.2M
Not Efficiency Enhancing (Profitable) 4,826,223 -$19.8M $6.2M $31.4M
Not Efficiency Enhancing (Unprofitable) 58,335,271 -$428.1M $4.9M -$8.1M
Total Inefficiency 63,161,493 -$447.9M $11.1M $23.3M
Total 148,253,889 $32.6M $15.5M $18.1M
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Table A4: Efficient and Inefficient Virtual Transactionsin 20197 Financial Participants

Financial Participants

Convergent Rent-Seeking Rent-Seeking

MWh Profits Loss Congestion

Efficiency Enhancing (Profitable) 66,782,554 $481.1M $.4M $8.3M
Efficiency Enhancing (Unprofitable) 10,149,592 -$39.0M $3.4M $3.5M

Total Efficiency 76,932,146 $442.1M $3.8M $4.9M
Not Efficiency Enhancing (Profitable) 4,247,529 -$18.9M $5.6M $30.1M
Not Efficiency Enhancing (Unprofitable) 52,491,005 -$393.4M $4.4M $7.6M

Total Inefficiency 56,738,534 -$412.2M $10.0M $22.5M
Total 133,670,680 $29.9M $13.8M $17.6M

Table A5: Efficient and Inefficient Virtual Transactions in 20197 Physical Participants

Physical Participants

Convergent Rent-Seeking Rent-Seeking

MWh Profits Loss Congestion
Efficiency Enhancing (Profitable) 6,999,168 $41.6M $.2M -$.6M
Efficiency Enhancing (Unprofitable) 1,161,082 -$3.2M $.4M $.2M
Total Efficiency 8,160,250 $38.4M $.6M -$.3M
Not Efficiency Enhancing (Profitable) 578,694 -$.9M $.5M $1.3M
Not Efficiency Enhancing (Unprofitable) 5,844,266 -$34.8M $.5M -$.5M
Total Inefficiency 6,422,959 -$35.7M $1.0M $.8M
Total 14,583,209 $2.8M $1.6M $.5M

The profis and losses shown in the tables above are useful because they account for the fact that
some transactions are relatively more efficient or relatively more inefficient than others. Each
table also shows rents earned by virtual transactions, which dits gvat do noproduce

efficiency benefits. Therentsreflect profitsassociated with umodeledday-aheadconstraints

and differences in the loss components between the two maiketserentsdo notgenerally

indicate a concern with virtual trading but rather opportunities for MISO to improve the
consistency of its modeling between the-daygad and redime markets.

Importantly, the total benefits are much larger than the marginal net benefits shown above
because: a) profits of efficient virtual transactions become smaller as prices converge; and b)
losses of inefficient virtual transactions get larger as prices div@igeccurately calculate this
total benefit would require one to-ren all of the dayahead and reaime market cases for the
entire year.Nonethelessour analysis allows us to establish with a high degree of confidence
that virtual trading was beneficitd market efficiencyn 2019
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V. REAL-TIME MARKET PERFORMANCE

In this section, we evaluate reahe market outcomes, including prices, loads, and uplift
payments. Walso assess the dispatch of peaking resources and the ongoing integration of wind
generation Wind generation has continued to grow and set new output rec@0d2drthe last

of which was April 9, 2020 at 18.1\&

The realtime market performs the vital role of dispatching resources to minimizettie
productioncost of satisfying energy and operating reserve needs while observing generator and
transmission network limitations. Every five minutes, the-tiead market utilizes the latest
information regarding generation, load, transmission flows, and other system conditions to
produce new dispatch instructions and prices for each nodal location on the system.

While some RTOs clear their re@iine energy andncillary service markets every 15 minutes,

MI S O 6 smintite intexval permits more rapid and accurate response to changing conditions,
such as changing wind output or load. Shortening the dispatch interval reduces regulating
reserve requirements andrmits greater resource utilization. These benefits sometimes come at
the cost of increased price volatility, which we evaluate in this section.

Although most generator commitments are made through thaldead market, redilme market
results are a dical determinant of efficient daghead market outcomes. Energy purchased in
the dayahead market (and other forward markets) is priced based on expectations of the real
time market prices. Higher retne prices, therefore, can lead to higher-daga and other
forward market prices. Because forward purchasipgitly a riskmanagement tool for
participants, increased volatility in the reéghe market can also lead to higher forward prices by
raising risk premiums in the daahead market.

A. RealTime Price Volatility

Substantial volatility in reafime markets is expected because the demands of the system can
change rapidly, and supply flexibility is res
subsection evaluates and discusses the vojaiilireattime prices. Sharp pricghangs

frequently occur when the market is racgnstrained (when a large share of the resources are

moving as quickly as possible), which occurs when the system is moving to accommodate large
changes in load, NSI, generation startup or shutdown. This is exacerbated by generator

inflexibility arising from lower offered ramp limits or reduced dispatch ranges.

Figure A38: FifteenMinute RealTime Price Volatility

Figure A38 provides a comparative analysis of price volatility by showing the average

percentage change in ra¢ahe pices betweed5-minute intervals for several locations in MISO

and other RTO markets. Each of these markets has a distinct set of operating characteristics that
factor into price volatility.MISO and NYISO are true fiveninute markets with a fiveninute

dispatch horizon. Ramp constraints are more prevalent in these markets as a result of the shorter
time to move gener at i-timadispatchidis anneulperiod,optilMixatioB O6 s r e
that looks ahead more than one hour, so it can better argicgrap needs and begin moving

generation to accommodate them. We are recommending MISO adopt a similar approach.
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Although they produce fiveninute prices using epost pricing models, PIJM and ISXE

generally produce a retime dispatch every 10 to 15 mutes. As a result, these systems are less
likely to be rampconstrained because they have more ramp capability to serve system demands.
Becauséhe systems are-dispatched less frequently, they are apt to satisfy skerter

changes in load and sugphore heavily with regulation. This is likely to be less efficient than
more frequent dispatch cycie®nergy prices in these markets do not reflect prevailing

conditions as accurately as fimg@inute markets.

Figure A38: Fifteen-Minute RealTime Price Volatility
MISO and Other RTO Market2019
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B. Evaluation of ELMP Effects

MISO introduced pricing reforms for ikay-ahead and redaime energymarkets througkhe
implementation of the Extended Locational Marginal Pricing algorithm (ELdbRYlarch 1,
2015 In May 2017, MIS implemented ELMP Phase 2. In November 2019, MISO further
expanded ELMP to incorporate F&tart Resources committed in the gdyead market to
participate in reatime price setting ELMP is intended to improve price formation in the -day
ahead and rédime energy and ancillary services markets by hakM@s better reflect the true
marginal costs of supplyg the system at each locatioBLMP is a pricesetting engine that
affects prices but does not affect the dispatebMP reforms pricingn two main ways

1 It allows orine, inflexible resources to set the LMP if the inflexible unit is economic.
These resour ces-StarnResbuceBe (acrulrirreentA yastncl udi n
start within 60 minutesAnd demand response resources.

1 It allows offline FastStartResources to be eligible to set prices during transmission
violationsor energyshortageconditions.
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The firstelement of ELMPaddresssa longstanding recommendation to remedy issues that we

first identified shortly after thetart of the MISO energy markets in 2008he pricing algorithm

in UDS does not always reflect the true marginal cost of the system because inflexideghigh
resources are frequently not recognized as marginal, even though they are needed toesatisfy t
systembébs energy demand. The most pfreeval ent ¢
turbines that often have a narrow dispatch range. Because it is frequently not economic to turn

them off (they are the lowest cost means to satisfy the enegglsrof the system), it is

appropriate for the energy prices to reflect the running cost of these units.

There are several adverse market effects when economic units supplying incremental energy are
not included in price setting:

1 MISO willgenerallyneedd pay RSG t o c ov-aferedicdste;se unit so

1 Reattime prices will be understated and will not provide efficient incentives to schedule
energy in the dayhead market, when loweost resources could be scheduled that
would reduce or eliminate ¢éhneed to rely on higbost peaking resources in real time;
and

1 The market will not provide efficient incentives for participants to schedule exports or
imports, which can prevent lowepst energy from being imported to displace the
highercost peaking sources.

Accordingly, the objective of the online pricing reforms in ELMP is to allow certain inflexible
resources to set prices in the MISO energy markets.

The secon@lement of ELMP allows offline Fa§tart Resources to set prices under shortage
condifons. Shortages include transmission violations and operating reserves shdtteges.
efficient for offline resources to set the price only when a) they are feasible (can be started
quickly), and b) they are economic for addressing the shortage. However, when units that are
either not feasible or not economic to start set energysptice resulting prices will be

inefficiently low. We review and discuss both of thesfermsin this section.

Figure A39to Figure A1 ELMP Price Effects

Figure A39to Figure A1 summarize the effects of ELMP by showing the average upward
effects via the online pricing, average downward effects via the offline pricing, and the
frequency that the ELMP model altered thegsi upward and downward.

These metrics are shown for the system marginal price (i.e., the madesénergy price) in the
reattime market and daghead market, as well as for the LMP at the most affected locations
(i.e., congestiomelated effects). Aditionally, to show the size of the ELMP price adjustments,
the tables below each of the first two figures show the size of the adjustments in those intervals
that the ELMP model affected the price.
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Figure A39: Average Market-Wide Price Effects of ELMP
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Figure A41: Price Effects of ELMP at Most Affected Locations
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The primary focus of our recommendation to expand ELMP to date has been selecting which
resources should be eligible to set prices in the ELMP model. However, it is equally important
to addresfiowresources participate in ELMP. The first three phas&.bfP do not allow

resources to set prices when the dispatch model seeks to ramp them down at their maximum
ramp rate, even if the resources continue to provide marginal energy to the grid. This ramp test
substantially reduces tmimber ofresources thajualify as marginal, priceetting resources.

In both the ISGNE and NYISO variants of ELMP, a resource may be considered marginal and
set prices unless it is dispatched to zero.
approach, which we evaligbelow inFigure A42.

Figure A42. Energy Price Effects of ELMP Expansion

The following figure shows the estimated hourly SMP effects of various ELMP assumptions in
2019 In each reatime market interval, we modeled energy demand clearing with three sets of
assumptions. The first saio replicated ELMP Phase Il that existed up until November 1,

2019 is shown by the dashed maroon line. The second scenario depicted in the green dashed line
shows the effects of expanding the eligible-&att resources to include resources schednled

the dayahead market, which was implemented by MISO on November 1, 2019. The last

scenario shown by the blue line approximated ELMP outcomes assuming unlimited ramp down
capability, which the IMM has recommended that MISO consider implementing. [iese

show the average price differences between prices in the ELMP scenarios andriteeices.

The inset table identifies the average SMP effect for each of the scenarios and the proportion of
market intervals when the eligible resources were ewkéalmeet generation demand.
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Figure A42: Energy Price Effects of ELMP Expansion
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Figure A43: Evaluation of Offline Units Setting Prices

ELMP also includes provisions for allowing offline F&ttart Resources to set price under
shortage conditions. Shortages include transmission violations and opezaéng shortages.
Prior to the implementation of ELMP, offline units could not set prices because UDS only
optimizes the schedules from online resources.

When an operating reserve shortage or a transmission violation  dbeuEd MPsoftware may
setpricesbased on thbypothetical commitment of an offline unitatMISO could utilize to
address thshortage This is only efficient when the offline resource is: a) feasible (can be
started quickly enough to help), and b) economic for addressingdhtagh When units that
are either not feasible or not economic to start set prices, the prices will be inefficiently low.

Whencommitting an offlineunit is feasibleand is theeconomic action to take during a

transmission violation or operating resesmrtage, we expetitatthe unitwill be startedy

MISO. When resources are not started, we infer that the operators did not believe the unit could
be online in time to help resolve the shortage and/or that the operator did not expect that the unit
would be economic to operate for the remainder of its minimum runtime. Theréigues A43
summarizes whether the offline units that set pric&dit®were a) economic, b) started by

MISO, and c) both startemhdeconomic. The maroon bar on the right in the figure indicates
whether the resources actually resolved a transmission violation. The figure shows operating
reserve shortages in the left panel and transmission violations in the right panel.
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Figure A43: Evaluation of Offline Units Setting Prices
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To determine whether the usiivereeconomiggreen bar)we compare the realtime market
revenueshe unit would have received to thetal dispatch costsThe total costgcluded start
up and ndoad costs fot h e  minimumsuintime starting with the interval after the interval
that they were committed/Ne identified the units that startéolue bar) by whether théDS
recognized the urgias online in the three intervals following tleeommended commitment
intervak. If the conditions for economic commitments and MISO starts were met, we
determined that the units were both started andaua (blue and green bar).

We alsodetermine whether the offline units setting prices in the ELMP cases for transmission
violations actually resolved th@olations(maroon bar). This is important because if an offline
unit does not resolve the violafi, it may alter the systemide energy price inefficiently

without significantly changing the congestion pricing associated with the violated constraint.

C. Emergency Pricing in ELMP

TableA6: Extreme Values of Emergency Offer Floor Prices

During emergency events, MISO can access supply outside of the market that is unavailable

during noremergency conditions, some of which is not dispatchable. In order to prevent the
emergency supply from depressi ngtappliesces, MI SO
Emergency Offer Floor Prices to these emergency MWs in the ELMP pricing engine to allow

them to set prices.

An efficient Emergency Offer Floor Price should satisfy the following criteria:

1 The value should reflect the costrefiability requirements or constraints that would not
be satisfied without the emergency MWs;
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M The value should be stable and knowable in advance; and

1 The value should not be subject to manipulation by any single entity.

Proxy offers are currently formeda t he maxi mum of the resourceods
Emergency Tier | or Tier Il Offer Floor Price. The Tier | floor, equal to the highest available
economic offer of any resource in the emergency area, applies to emergency resources available
under EEA level 1 events. The Tier Il floor applies to EEA Level 2 emergency resources and is
calculated as the highest available economic or emergency offer in the area. Because these offer
floors are set by a suppliersdé offer, the flo

MISO declaredtwo regionalemergencies i2019, and on another occasion failed to declare a

regional emergency despite meeting the operational criteria for doirlg sach of these

emergency events, Emergency Offer Floor Prices were established. In nesteofdses, we

believe the floor prices substantially understated the true value of emergency plowever,

the risk remains that a single entity could r
proxy Emergency Offer Floor Price.

We conduatd an analysis to determine the extent of the volatility of calculated emergency offer
floor prices in2019 based on resource offers. This analysis shows that emergency floor prices
that would have prevailed if MISO were to have declared an emergetiwy $outh or Midwest
regions. InTableA6, we show the minimum and maximum values that were calculated by
region, as well as the largest intesur chang.

Table A6: Extreme Values of Emergency Offer Floor Prices

2019
_ Extreme Values Largest
Region — :
Minimum Maximum Inter-hour Change
MIDWEST $122 $1,288 $783
SOUTH $79 $338 $234

D. Spinning Reserve Shortages
Figure Ad4: Market Spin Shortage Intervals vs. Rampable Spin Shohagerals

MISO operates with a minimum required amount of spinning reserves that can be deployed
immediately for contingency response. Market shortages generally lmecause the costs that
would be incurred to maintain the spinning reserves exceed the spinning reserve penalty factor
(i.e., the implicit value of spinning reserves in the-teak market).

Units scheduled for spinning reserves may temporarily be enmalgrovide the full quantity in

10 minutes iMISO isrampng themup to provide energy. To account for concerns that ramp

sharing between ASM products could lead to real ramp shortages, MISO maintains a market
scheduling requirement that exceeds itske fir ampab |l e 0 s pmaretham@ r equi |
MW. As a result, market shortages can occur when MISO does not schedule enough resources

in the realtime market to satisfy the market requirement but is not physically short of spinning
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reserved. To minimize such outcomes, MISO should set the market requirement to make
market results as consistent with real conditions as possible.

Figure Ad4 shows all intervalsn2019with a real (physical) shortage, a market shortage, or
both, as well as the physical and market requirements.

Intervals of Shortage

Figure A44. Market Spin Shortage Intervals vs. Rampable Spin Shortagitervals
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E. Supplemental Reserve Deployments

Supplemental reserves are deployed during Disturbance Control Standard (DCS) and Area
Reserve Sharing (ARS) eventsigure A45 shows offline supplemental reserve response during
thelldeployments ir2019and 11 in2018 separately indicating those that were successfully

Figure A5: Supplemental Reserve Deployments
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The figure includes the RSG payments to deployed offline reseBecause their commitment
costs are not considered when scheduling supplemental reserves, high uplift payments could
indicate a need to consider expected deployment costs when scheelsdings.
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Figure A45: Supplemental Reserve Deployments
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F. Shortage Pricing in MISO

Efficient shortage priceslay a key role in establishing economignalsto guideinvestmenand
retirement decisions in the lotgrm, facilitating optimal interchangand generator

commitments in the sherun, and efficiently compensating flexible oesces. Compensating

flexible resources efficiently will be increasingly important as the penetration of renewable
resources increases. The output of most renewable resources is intermittent and increases supply
uncertainty, which will likely increase ¢hfrequency of reserve shortages.

Virtually all shortages in (coptimized) energy and ancillary markets are of reserve products

(i.e., RTOs will hold less reserves than required rather than not serving the energy demand).
MISO also experiences capacityostages. When an RTO is short of reserves, the value of the
foregone reserves should set the reserve market clearing price and be embedded in-all higher
value products, including energy. This value is established in the reserve demand curve for each
reserve product, sefficient shortage pricingequires properly valuegserve demand curves

The most highly valued reserve demand curve in MISO is the total Operating Reserve Demand
Curve (ORDC). Shortages of total operating reserves are the most ssesve ishortages and

the most likely to impact pricing during capacity emergenchasefficient ORDC should: a)

reflect themarginalreliability value of reserves at each shortage tdvetonsideall supply
contingenciesincluding multiple simultarmuscontingenciesandc) have naoartificial

discontinuities thatanlead toexcessivelyolatile outcomes.The marginal reliability value of
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reserves at any shortage level is equal to the expected value of lost load. This is equal to the
following product at each reserve level:

Net value of lost load (VOLL) the probability of losing load

MI SO06 s QRDCdoes ndt reflect the value of reserves because:
The slope of the ORDC is not based onphabability of losing load

Only a small portion othe curves based on the probability of losing loadver 90
percent of the current ORDC is set by administrative override2atf fer MWh, $,100
per MWh, and $2,100 per MWh; and

c u r r3$3,500per\Wi/his sigoificantly understated

T MI SO06s

This subsection shows and discusses an improved, more accurate ORDC and compares it to

MI SOb6 s

current

ORDC. It then shows t he

beginning with a more reasonable VOLL and then providing this larsan improved
simulation of the probability of losing load.

Figure A46: Current and Proposed OperatirReservddemand Curve

Figure A46 below shows the current ORDC and a curveithatratest h e | elbbvaims
ORDC. The shape of the current curve is initially downward slgpinigt then flattens out for
an extaeded range atZ100per MWh thers1,100per MWh Small shortages of less thimur
percent are priced at thenlest step of $200 per MWh. As shortdgeels increase on the
$1,100per MWhstep of the current ORD@®he prices remain fixed and do not aately reflect
the fact that the probability of losing load is increasing.

$/MWh

Figure A46. Current and Proposed OperatingReserveDemand Curve
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The IMM6 sconomicORDC reflects the marginal value of lost load based on an assumed
VOLL of $23,000 per MWh and a probabilitf losing load that the IMM estimated usiag
Monte Carlo simulatiof The inputs to this simulation are described below.

TableA7: Summary of Direct Survey Outage Costs Studies

VOLL is a widely understood concept that represents the lost value to consumers when
electricity service is interruptedt can be thought of as the value of reliable service and it is
usually measured by estimating interruption or outage c@ittage costare typically
estimatedhrough survey methods, although many studies have been conducted using only
macroeconomianalysis. Althoughmacroeconomic analysis has the advantage of relying on
widely available datat also tends to be much less accurdtkee survey studies have the distinct
advantage of creating data using actual customer experiences regarding doitages.

methods underpin the major benchmark studies of outage costs in US jurisdictions including key
meta studies that have established versatile outage cost estimators.

The most widely referenced meta studies have been conducted by Sullivaof #teBerkeley
National Laboratory An initial study was conducted in 2009 (2009 Berkeley Study) and later
updated in 2015 (2015 Berkeley Study) precursor to the Berkeley studies (Lawton and

Sullivan 2001) was used as the basis for the 2005 MISO V@ldys The estimated

coefficients of the econometric model from Lawton and Sullivan were used to establish a range
of outage cost values in MISO using 2005 MiS@ecific data. Some significastirveybased

outage cost studies hasksobeen conductenh other countries.

TableA7 summarizes the results of these suraged studiesThe results in th&able are

organized in two sections based on the different serviesedawithin the studies. The first set

of studies listed in the table divide the classes between Residential, Large Commercial/Industrial,
and Small Commercial/Industrial. The secasetbf studies divide the classes between

Residential, Commercial, anddustrial.

The table showthat the averageutage costs range frons800 per MWhfor residential

customes to up to $87,000 per MWh for small commercial and industrial custon@ven

MI SO6s current VOLL assumption of $3,500 per
and update the VOLL assumption to a more reasonable level.

We believe the most reasonable means to do this is to use the Berkeley model with updated data
for MISO. The Berkeleymodelrelieson previous survepased outage studies that form a meta
data set used as a basisaneconometric model.

8 The simulation will estimate the conditional probabilities across 10,000 iterations. This simulation will be
updated once per yeasing historical data from the prior calendar year where applicable.
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Table A7: Summary of Direct Survey Outage Costs Studies

System Wide  Residential Large C/I Small C/I Source
US Southwest $ - $ 10,280 $ 41,497 Berkely - LEI ERCOT
US (2009) $ 125 $ 9,653 $ 19,933 Berkely - LEI ERCOT
US (2015) $ 3,791 $ 25,041 $ 338,862 Berkely (2015)
US-MISO $ 2,033 $ 34,328 $ 49,510 SAIC - LEI ERCOT
NZ 2018 (lower) $ 2,430 $ 4,741 $ 25,337 NZ Power/PWC
NZ 2018 (upper) $ 5011 $ 24,083 $ 49,180 NZ Power/PWC

Commercial Industrial

New Zealand (2012) $ 48,353 $ 13,288 $ 91,023 $ 36,174 NZEA - LEI ERCOT
Australia Victoria $ 52,066 $ 4,853 $ 33,535 $ 12,252 LEI ERCOT
Autralia $ 53,554 $ LEI ERCOT

Ireland (2010) $ 11,175 $ 21,062 $ 12,035 $ 3,869 LEI ERCOT
Ireland (2007) $ 19,057 LEI ERCOT
Average $ 36,841 $ 5,844

Average (Large C/I and Small C/I) 18,021 $ 87,386

Average (Commercial Industrial) 45,531 $ 13,074

$

$
Average Non-Residential $ 43,228
Average Commercial/Small C/I, excl.Berkely 2015, NZ 2012) $ 41,255
Note: All values in 2020 $/MWh

The econometric model in tiigerkeley studies estimates the effects on outage ftost key
parameters specific fodividual customer classedn particular, he estimated coefficients of the
econometric model can be applied to estimate outage costs for specific regions, tae pad
customer classes. We used 2018 MISO data and assumedeunrmeitageand found:

1 Residential customersThe outage costs range from $3,@@0MWh to $3,900per
MWh, depending on customer income.

1 Large nonresidential customer The aitagecosts ranged from $32,0@@rMWh for a
nonmanufacturing customer to $73,008rMWh for a manufacturing customer.

1 Small commercial/industrial customerutage costsange from $84,00per MWh for
nonmanufacturing customers to $184,qi¥y MWh for mandacturing customers.

The small commercial/industrial estimates auéside the range of valuésund by all other
studies. Accordingly, to identify a reasonable VOIfar MISO, we use the average of the
residential and large commerciatdustrial valuedrbm the Berkley Model. We weighted the
outage cost estimate for the two groups in accordance with annual MWh of consumption in
MISO in 2018. This weighted average yielded a MIS@de outage cost of 000 per MWh.
We propose that MISO use this as YHeLL in the ORDC.

Figure A47: Participation of Resources in Loss of Load Probability

The current ORDC includes all resources greater than 100 MVé iogk of load estimation.

This equal treatment ignores the reality that some resources and technology types operate more
often and have a greater contribution to system reliability. Our propdteedativeParticipation

Factor (PF) for each generatitethnology type is similar to the NERf&fined Weighted

Service Factor It equals the sum of the online capacity of that type divided by the sum of the
installed capacity of that type across all hours of the historical pefiod. metric is different
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from a traditional capacity factor, which measures energy output as a share of generation
capability. The PF assumes resources are contributing their full capacity to satisfying energy,
ancillary services, headroom, and ramp capability needs.

As shown inFigure A47, these two methodologies result in modest differencparticipation

factors Becausall nuclear resowes are larger than 100 M\We curent methodology has a

100 percent participation factoOur alternativelMM approach has a lower participation factor

that reflects outages during the study period. The most significant differences impact
combustion turbines, gas steam yratsd comimed-cycle resources. These intermediate load
technologies have higher shares of large resources than the share of capacity committed. Since
an uncommitted, offline resource is not at risk of taking a forced outage, this is the appropriate
means to measa participation.

Figure A47: Participation of Resources in Loss of Load Probability
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Figure A48: ORDGEstimated Unit Failure Risk

NERC GADS failure rates, measured by the Meani&eiTime to Unplanned Outage

(MSTUO), vary significantly among technology typéshis is a key input to the ORDC because

it determines how likely it is that contingencies will occur that cause a loss of Thad.
technologyspecific values, shown in blue, range from 30 hours peraanpd outage for

combustion turbines to over 4,086ursfor nuclearunitsUnder M|l S @O&BC,alur r ent
generators are assumed to have an equivalent rate of forced outage. As shown in the figure
below as the maroon bar, this assumption is inconsisiémt e s o wactualdadude rates.

Figure A48 ORDC i Estimated Unit Failure Risk
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Based ortheseproposed parametenrse estimatedhe generator forced outages as followsr
each simulation iteration, each naymd geneatorwasassigned a random number betweero
andone If the assigned random numlvesisless than 4PF * ORP/MSTUO) the generatowas
simulated tdoe forced out of serviceNe assumed a twibour aitagerecoveryperiod (ORP)
whichis the numberfothoursMISO needs tdully respond to suppigide contingencies in the
RAC process.

Intermittentresources and net impoxkteresimulated as supplygide forecast risks using similar
methodologies. First, a distribution of actual aggregate forecast eascslculated from the
historical period. The errors eqadthe difference between actual capability in hour t and the
forecasted capability scheduiero hours prior to t.Next, a distinct random number between
zeroandonewasassigned to each supply group fortederation. This number served the
distribution probability. The simulated forced outage equival@sthe maximum ofzeroand
the inverse of the normal cumulative distribution with mean and standard devéionlated
from the group forecast error distribution.

Figure A49: Distribution of Outage Risks by Technology Type

After calculatng aggregate forced outagatermittentresource forecasand NSI scheduling
risks, these valueseresummed by iteration g Monte Carlo simulation. Conditional
probailities at a given reserve lewskrecalculated as the number of iterations with forced
outages greater than or equal to that reserve level divided by the total number of iterations.
These probabilities accurately refledthe risk to reatime operatns of losing load at any
reserve shortage level.

Figure A49 showsthe average risassociated witleach resource type according to the current

and poposed methodologies. Thalativesize of the pie charts indicateg#iverage level of

risk estimated by each methodologshilet he sl i ces of the pie indica
contribution within the methodology.

Figure A49: Distribution of Outage Risks by Technology Type
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These results show a fetold increase in total outage risk under thM -proposed
methodologyin part because our methodology accounts for the risk of multiple simultaneous
outages While the risk increased fonost technologies, there are other notable differences
Wind resources accowdfor more than 50 percent of the totaitage risk in the proposed
model. The volatility of windcoupled with significant forecasting errbias creatednique
challenges. As wind and solar penetration increases over time, this formulation will better
capture thdoss of loadisks. The gratest decline shown in the figure is the contribution of
nuclear resourceslhese resources fail infrequently, so their risk to-tima¢ rdiability is

greatly reduced under the proposed methodology

G. Uplift Costs: RSG Payments

RSG payments compensatengeators committed by MISO when market revenues are
insufficient to cover 9tGbhnerally B® makdesoosktitesepr od u c t
out-of-merit commitments in redime to satisfy the reliability needs of the system and to

account for changs occurring after the daaheadmarket Becauseéhese commitments receive

market revenues from the reahe market, their production costs in excess of these revenues are
recovered under reime RSG payments. MISO commits resources intnes for many

reasonsincluding to (a)meet capacity needs that can arise during peak load or sharp ramping
periods, (bmeet reatime loadthat wasunderscheduledn theday-aheadmarket or (c) secure

a transmission constrajra local reliability neegor to maintain voltage in a location.

MISO malkesmany voltage and local reliability (VLR) commitmensedominantlyn the day
ahead marketMost VLR commitmentccur in theSouth regiorito manage load pocket
requirements In order b satisfy theerequirements andccommodatéhe startup times of the
required resources, MISO makes reliability commitments in advance of or in tadeag
markets. A significant portion of the daghead RSG is associated with these VLR nessu

Peaking resources are the most likely to receive RSG payments because they are theobighest
class of resources and, even when settiegrice,theyreceive minimal LMP margins to cover
their startup and ntwad costs. Additionally, peaking msces frequently do not set the energy
pricebecause they are operating at their economic mininsoihe price is set by a loweost

unit. This increases the likelihood that an RSG payment may be required.

Figure A0 andFigure A61: RSG Payments

Figure A60 showsthetotal dayahead RSG payments and distinguishes between payments made
for VLR andcapacity needs. In addition, capacity payments made to units in MISO South NCAs
are separately identified because these units are typically committed for VLR and are frequently
subject to the tighter VLR mitigation criterid.he results are adjusted fadnanges in fuel prices,
although nominal payments are indicated separatébyure A1 shows total realime RSG

payments and distinguishes among payments made tarcesaommitted for overall capacity
needs, to manage congestion, or for voltage support.

9 Speci fically, t hi scommitedtohaglisphtchedeoffereddostsa uni t 6s as
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RSG Payments (5 Millions)

RSG Payments (5 Millions)

Figure A50: Total Day-Ahead RSG Payments
FuelCostAdjusted,2018 2019

$25
2019 Total (S Millions) Midw est South Total
B Fuel-Adjusted RSG: VLR $3.49 $18.51 $21.99
$20 [ Fuel-Adjusted RSG: Capacity $7.36 $8.03 $15.39
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Figure A51: Total Real-Time RSG Payments
FuelCostAdjusted,2018 2019

$25 2019 Total (S Millions) Midwest South Total
B Fuel-Adjusted RSG: VLR §0.55 $3.92 54.46
B Fuel-Adjusted RSG: Congestion §5.00 514.09 £19.09
[_] Fuel-Adjusted RSG:RDT $0.16 $9.31 $£9.47
520 [ Fuel-Adjusted RSG: Capacity $39.28 $4.43 £43.70
@ Total Nominal RSG $45.25 $29.63 §74.05
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Figure A62: RSG for Units Committed for RDT

MISO hasmadea substantial number of resource commitmentleMidwest or South to

satisfy regional cap#y needs when thRegional Directional Transfer constraistbinding or
potentially binding. These commitments are not generally needed to manage the dispatch flows
over the RDT, but they ensure that sufficient capacity is available in the importiog.reg

These commitments are made outside of the mar
regional capacity requirements more recent months, particularly during periods of high

generator outages in MISO South, MISO has incurred significant RSGefee types of

commitments, and the costs of the commitments are allocated across the entire MISO footprint
under the DDC rate. We evaludtthe magnitude of these costs to determine the benefit of a

regional reserve product, which FERC approved in JarRG#29. Implementation of the

regi onafllerins hRoerster veo product is scheduled for

Figure A62 below shows the total RSG that MISO has incurred for tbesenitments since
January2018and in which region (Midwest or South) the commitments were located. The
maroon segment of the bars shows RSG payments to resources in the Midwest, and the blue bar
segments indicatthe resources that were committed in the South region.

Figure A52: RSG for Units Committed for RDT
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Figure A63: Allocation of RSG Charges

The RSG process was substantively revised in April 2011 to better reflect cost causation. Under
the revised alloation methodology, RS@ligible commitments are classified as satisfying either

a congestion management (or other local need) or a capacity need. When committing a resource
for congestion management, MISO operators identify the particular constraiist eatg

relieved. Supply and demand deviations from theatsad market that contribute to the need

for the commitmentor deviations that increase flow on the identified constrair allocated a

share of the RSG costs under @anstraint Manageme@harge(CMC) rate. Any residual

RSG cost is then allocated marketle onaloagd at i o sharel®basis (fiPass

Figure A63 summarizes how redime RSG costs werelatated among the DDC, CMC, and
Pass 2 charges in each mofrtdm 2017to 2012 Until March 2014, the CMC allocations were
inappropriately limited based on the GSF of¢benmitted unitwhichcaused a significant
portion of constraintelated RSG costs to be allocated under the DDC charge.

Figure A53: Allocation of RSG Charges
By Month,2017 2019

10 Anportionof constraint el at ed RSG costs may b eassadialedwittaredgbne t o A Pas
transmission derates or loop flow.
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