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I. INTRODUCTION  

This Analytical Appendix provides an extended analysis of the topics raised in the main body of 

the Report.  We present the methods and motivation for each of the analyses.  However, our 

conclusions from these analyses and how they relate to performance of the markets are discussed 

in the main body of the Report.  In addition, the body of the Report includes a discussion of our 

recommendations to improve the design and competitiveness of the market. 

MISO has operated competitive wholesale electricity markets for energy and financial 

transmission rights (FTRs) since April 2005.  MISO added regulating and contingency reserve 

products (jointly known as ancillary services) in January 2009 and added a capacity market in 

June 2009.  The capacity market was replaced in June 2013 by the annual Planning Resource 

Auction (PRA). 

Key changes or improvements implemented in 2019 included: 

¶ In February, FERC approved tariff changes to increase MISOôs market access to LMRs 
by allowing MISO to schedule LMRs in advance of an anticipated emergency and 

requiring LMRs to register availability consistent with their seasonal capability. 

¶ In April, MISO implemented capacity accreditation changes that treat generator planned 

outages during emergencies that were not scheduled far in advance as forced outages, 

although these changes have had very small effects.   

¶ In May, MISO implemented a number of key changes that have significantly improved 

generatorsô incentives to follow MISOôs dispatch instructions and the operational 

performance of the system overall.  These changes included: 

-  Changes in the Uninstructed Deviation thresholds and rules; 

-  Improvements in the Price Volatility Make-Whole Payment settlement formulas 

affecting units that are not performing well in following dispatch instructions; 

-  Modifications to MISOôs regulation commitment process to reduce the volume of 

regulation-based deratings, while expanding the units available to schedule to 

provide regulation. 

¶ In October, MISO filed tariff changes that would prevent resources from qualifying to 

provide capacity if they are on outage during the peak summer months. 

¶ In November, MISO modified the ELMP framework to allow the costs of fast-start 

resources scheduled in the day-ahead market to participate in setting real-time prices. 

¶ In December, MISO lifted the energy offer cap from $1,000 per MWh to $2,000 per 

MWh as mandated by FERC. 

¶ MISO also proposed a number of recommended improvements to the market power 

mitigation provisions in Module D in December that were approved by FERC and 

implemented in early 2020. 
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II.  PRICES AND LOAD TRENDS 

In this section, we provide our analyses of the prices and outcomes in MISOôs day-ahead and 

real-time energy markets. 

A. Market Prices in 2019 

In a well-functioning, competitive market, suppliers have an incentive to offer at their marginal 

costs.  Therefore, energy prices should correspond closely with resourcesô marginal production 

costs, which are primarily comprised of fuel costs for most resources.  Although coal-fired 

resources historically have been marginal in a large share of hours, low natural gas prices in 

recent years have caused gas-fired units to be marginal in most peak hours.  Additionally, 

congestion frequently causes gas-fired units to set prices in local areas. 

Figure A1: All-In Price of Electricity 

Figure A1 shows the monthly ñall-inò price of electricity from 2018 to 2019 along with the price 

of natural gas at the Chicago Citygate trading hub.  The leftmost section shows the annual 

average prices for 2010 through 2019.  The all-in price represents the cost of serving load in 

MISOôs electricity market.  It includes the load-weighted real-time energy cost, as well as real-

time ancillary services costs, uplift costs, and capacity costs (PRA clearing price multiplied by 

the capacity requirement) per MWh of real-time load.  We separately show the portion of the all-

in energy price that is associated with shortage pricing for one or more products.   

Figure A1: All -In Price of Electricity  

2018ï2019 
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 Figure A2: Cross Market All-In Price Comparison 

To provide perspective on how the MISO markets compare to the other eastern RTOs, Figure A2 

shows the all-in price for each market from 2017 through 2019.  These markets have migrated to 

similar market designs, including locational energy markets, operating reserves and regulation 

markets, and capacity markets (with the exception of ERCOT).  However, the details of the 

market rules can vary substantially.   

Figure A2: Cross Market All -In Price Comparison 

  2017-2019 

 

Figure A3: Real-Time Energy Price-Duration Curves 

Figure A3 shows the real-time hourly prices at seven representative locations in MISO in the 

form of a price-duration curve.  A price-duration curve shows the number of hours (on the 

horizontal axis) when the LMP is greater than or equal to a particular price level (on the vertical 

axis).  The differences between the curves in this figure are due to congestion and losses, which 

cause energy prices to vary by location. 

The table inset in the figure provides the percentage of hours with prices greater than $200, 

greater than $100, and less than $0 per MWh in the three most recent years.  The highest prices 

often occur during peak load periods when shortage conditions are most common.  Prices in 

these hours are an important component of the economic signals that govern investment and 

retirement decisions.   
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Broad changes in prices are generally driven by changes in underlying fuel prices that affect 

many hours.  In contrast, changes in prices at the high end of the duration curve are usually 

attributable to differences in weather-related peak loads that impact the frequency of shortage 

conditions. 

Figure A3: Real-Time Energy Price-Duration Curve 

2019 

 

Figure A4: MISO Fuel Prices 

As we have noted, fuel prices are a primary determinant of overall electricity prices because they 

constitute most of the generatorsô marginal costs.  Hence, because natural gas-fired resources set 

energy prices in a large share of hours, electricity prices tend to be highly correlated with natural 

gas prices.  Coal-fired units frequently set prices in off-peak hours.  

Figure A4 shows the prices for natural gas, oil, and two types of coal in the MISO region since 

the beginning of 2018.1  The figure shows nominal prices in dollars per million British thermal 

units (MMBtu).  The table below the figure shows the annual average nominal prices since 2017 

for each type of fuel.   

 
1  Although output from oil-fired generation is typically minimal, it can become significant if natural gas 

supplies are interrupted during peak winter load conditions.  The majority of MISO coal-fired generators have 

historically received supplies from the Powder River Basin or other Western supply areas. 
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Figure A4: MISO Fuel Prices 

2018ï2019 

 

Figure A5: Fuel-Price-Adjusted System Marginal Price  

Fluctuations in marginal fuel prices can obscure the underlying trends and performance of the 

electricity markets.  In Figure A5, we calculate a fuel-price-adjusted system marginal price 

(SMP).  The SMP indicates the system-wide marginal cost of energy (excluding congestion and 

losses).  The fuel adjustment isolates variations in prices that are due to factors other than 

fluctuations in fuel prices, such as changes in load, net imports, or available generation.  The 

available generation can change from period to period as a result of unit additions or retirements 

and from interval to interval because of unit outages or deratings, congestion management needs, 

or output by intermittent resources.   

To calculate this metric, the SMP of each real-time interval was indexed to the average fuel price 

of the marginal fuel from 2017 through 2019.  Downward adjustments were the greatest when 

fuel prices were the highest and vice versa.  Multiple fuels may be marginal, so we calculate 

each intervalôs SMP adjustment on a quantity-weighted basis.  This methodology does not 

account for some impacts of fuel price variability, such as changes in generator commitment and 

dispatch patterns or relative inter-regional price differencesðthe result of differences in regional 

generation mixðthat would impact the economics of interchange with neighboring areas. 
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Figure A5: Fuel Price-Adjusted System Marginal Price 

2018ï2019 

 

 

B. Fuel Prices and Energy Production 

Figure A6: Price Setting by Unit Type 

Figure A6 examines the frequency with which different types of generating resources set the 

real-time SMP in MISO.  The top panel in the figure shows the average prices when each type of 

unit was on the margin, and the bottom panel shows the share of market intervals that each type 

of unit set the real-time price. 

While baseload coal-fired units have historically set price in the majority of hours, that share has 

been declining over time.  The year 2018 was the first year that coal resources set the marginal 

energy price less frequently than gas-fired resources.  Nearly all wind resources can be 

economically curtailed when contributing to transmission congestion.  Because their incremental 

costs are mostly a function of lost production tax credits, wind units often set negative prices in 

export-constrained areas when they must be ramped down to manage congestion. 
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Figure A6: Price-Setting by Unit Type 

2018ï2019 

 

Table A1: Capacity, Energy Output, and Price-Setting by Fuel Type 

Table A1 summarizes how changes in fuel prices have affected the share of energy produced by 

fuel-type, as well as the generators that set the real-time energy prices in 2019 compared to 2018.  

The lowest marginal cost resources (coal and nuclear) produce most of the energy.  Because 

natural gas-fired units are higher marginal-cost resources, they tend to produce a lower share of 

MISOôs energy than their share of MISOôs installed capacity.  While wind resources comprise a 

small share of MISOôs unforced capacity because of their intermittent nature, their contribution 

to energy output is much higher. 

Table A1: Capacity, Energy Output, and Price-Setting by Fuel Type 

2018ï2019 

 

2018 2019 2018 2019 2018 2019 2018 2019 2018 2019

Nuclear 12,225     12,107     10% 9% 16% 17% 0% 0% 0% 0%

Coal 48,775     46,864     38% 37% 47% 39% 45% 47% 78% 81%

Natural Gas 55,240     56,673     43% 44% 27% 31% 54% 51% 87% 89%

Oil 1,691       1,568       1% 1% 0% 0% 0% 0% 0% 0%

Hydro 3,966       4,034       3% 3% 1% 2% 1% 1% 1% 2%

Wind 3,005       3,660       2% 3% 8% 9% 0% 1% 31% 38%

Other 2,678       2,703       2% 2% 2% 1% 0% 0% 2% 2%

Total 127,580   127,608   

SMP (%) LMP (%)

Price SettingUnforced Capacity

Total (MW) Share (%) Share (%)

Energy Output
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C. Load and Weather Patterns 

Figure A7: Load Duration Curves and 2019 Peak Load 

Although market conditions can still be tight in the winter and shoulder seasons because of 

generation and transmission outages and fuel supply issues, MISO continues to be a summer-

peaking market.  To show the hourly variation in load, Figure A7 shows load levels for 2019 and 

prior years in the form of hourly load duration curves.  The load duration curves show the 

number of hours on the horizontal axis in which load is greater than or equal to the level 

indicated on the vertical axis.  We show curves for 2017 through 2019 separately.   

These curves reveal the changes in load that are due to economic activity and weather conditions, 

among other things.  The inset table indicates the number and percentage of hours when load 

exceeded 80, 90, 100, and 110 GW of load.  The figure shows the actual and predicated peak 

load for 2019.  The ñPredicted Peak (50/50)ò is the predicted peak load in 2019 where MISO 

expected the load could be higher or lower than this level with equal probability.  The ñPredicted 

Peak (90/10)ò is the predicted peak load where actual peak will be at or below this level with 90 

percent probability (i.e., there is only a 10 percent probability of load peaking above this level).  

Figure A7: Load Durat ion Curves and 2019 Peak Load 

2017ï2019 

 

Figure A8: Heating and Cooling Degree-Days 

MISOôs load is temperature sensitive.  Figure A8 illustrates the influence of weather on load by 

showing heating and cooling degree-days that are a proxy for weather-driven demand for energy.  

These are shown along with the monthly average load levels for the prior three years. 
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The top panel shows the monthly average loads in the bars and the peak monthly load in the 

diamonds.  The bottom panel shows monthly Heating Degree-Days (HDD) and Cooling Degree-

Days (CDD) averaged over the 10 years prior to 2017 across four representative cities in MISO 

Midwest and two cities in MISO South.2  The table at the bottom shows the year-over-year 

changes in average load and degree-days. 

Figure A8: Heating and Cooling Degree-Days 

2017ï2019 

 

D. Ancillary Services Markets 

Scheduling of energy and operating reserves, which include regulating reserves and contingency 

reserves, is jointly optimized in MISOôs real-time market software.  As a result, opportunity cost 

trade-offs result in higher energy prices and reserve prices.  Energy and ancillary services 

markets (ASM) prices are additionally affected by reserve shortages.  When the market is short 

of one or more ancillary services products, the demand curve for that product will set the market-

wide price for that product and be included in the price of higher valued reserves and energy.  

The three main ancillary services products are regulation, spinning reserves, and supplemental 

reserves.  Total Operating Reserves are the sum of these three products.  Spinning and 

supplemental reserves are both categories of contingency reserves. 

 
2  HDDs and CDDs are defined using aggregate daily temperature observations relative to a base temperature 

(in this case, 65 degrees Fahrenheit).  For example, a mean temperature of 25 degrees Fahrenheit in a 

particular week in Minneapolis results in (65-25) * 7 days = 280 HDDs.  To account for the relative impact of 

HDDs and CDDs, HDDs are inflated by a factor of 6.07 to normalize the effects on load (i.e., so that one 

adjusted-HDD has the same impact on load as one CDD).  This factor was estimated using a regression 

analysis. 
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The demand curves for the various ancillary services products in 2019 were:   

¶ Regulation: varies monthly according to the prior monthôs gas prices and averaged 
$132.49 per MWh in 2019. 

¶ Spinning Reserves: $65 per MWh (for shortages between zero and 10 percent of the 

market-wide requirement) and $98 per MWh (for shortages greater than 10 percent).3 

¶ Total Operating Reserves:4 

- For cleared reserves less than four percent of the market-wide requirement, the Value 

of Lost Load ($3,500 per MWh) minus the monthly demand curve price for 

regulation. 

- For cleared reserves between four and twelve percent, the estimated probability of 

lost load based on a single large resource contingency. 

- For cleared reserves between twelve percent and the Most Severe Single Contingency 

(MSSC), the curve is flat at $2,100 per MWh and then steps down to $1,100 per 

MWh through 96 percent of the requirement.  For cleared reserves more than 96 

percent of the market-wide requirement: $200 per MWh. 

The most important reserve constraint is the market-wide operating reserve requirement 

(contingency reserves plus regulation).  This is because a shortage of total operating reserves has 

the greatest potential impact on reliability.  Accordingly, the total operating reserve constraint 

has the highest-priced reserve demand curve.  To the extent that increasing load and unit 

retirements reduce the capacity surplus in MISO, more frequent operating reserve shortages will 

play a key role in providing long-term economic signals to invest in new resources.   

Figure A9: Real-Time Ancillary Services Clearing Prices and Shortages 

Figure A9 shows monthly average real-time clearing prices for the three ancillary service 

products in 2019: regulation, spinning reserves, and supplemental reserves.  

Supplemental reserves are the lowest quality reserve because the technical requirements are less 

stringent than for regulation and spinning reserves.  But because supplemental reserves will be 

short in conjunction with total reserves, a shortage of supplemental reserves is an operating 

reserve shortage and will result in the largest shortage-pricing component in each of the other 

reserve prices and in the energy price.  Figure A9 shows the frequency with which the system 

was short of each class of reserves, as well as the impact of each productôs shortage pricing. 

 
3  There is an additional $50 per MWh penalty called the ñMinGenToRegSpinPenalty.ò 

4  There is no separate demand curve for Supplemental Reserves.  Prices for Supplemental Reserves during 

shortages are established by the Total Reserve demand curve (known as the operating reserve demand curve 

or ORDC). 
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Figure A9: Real-Time Ancillary Services Clearing Prices and Shortages 

2019  

 
Note:  Supplemental Reserve shortages in the figure reflect Operating Reserve shortages. 

Additionally, higher-quality reserves can always be substituted for lower-quality reserves.  

Therefore, the price for spinning reserves will always be equal to or higher than supplemental 

reserves.  Likewise, when a shortage occurs in a lower-quality reserve product, it appears in the 

price of all higher-quality reserves. 

Figure A10: Regulation Offers and Scheduling 

ASM offer prices and quantities are the primary determinants of ASM outcomes.  Figure A10 

examines average regulation capability on MISO resources.  Regulation capability is less than 

spinning reserve capability because (a) it can only be provided by regulation-capable resources, 

and (b) it is limited to five minutes of bi-directional ramp capability.   

Clearing prices for regulating reserves can be considerably higher than the highest-cleared 

regulation offer prices because the prices reflect opportunity costs incurred when resources must 

be dispatched up or down from their economic level to provide bi-directional regulation 

capability.  In addition, as the highest-quality ancillary service, regulation can substitute for 

either spinning or supplemental reserves.  Hence, any shortage in those products will be reflected 

in the regulating reserve price as well.   
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Figure A10: Regulation Offers and Scheduling 

2019  

 

The figure above distinguishes between the regulation that is available to the five-minute 

dispatch in the solid bars and quantities that are unavailable in the hashed bars.  The figure 

separately shows the quantities unavailable because they are not offered by participants, not 

committed by MISO, or limited by dispatch level (i.e., constrained by a unitôs operating limits). 

Figure A11: Contingency Reserve Offers and Scheduling  

MISO has two classes of contingency reserves: Spinning Reserves and Supplemental Reserves.  

Spinning Reserves can only be provided by online resources for up to 10 minutes of ramp 

capability (limited by available headroom above their output level).  Supplemental Reserves are 

provided by offline units that can respond within 10 minutes, including their startup and 

notification times.  The contingency reserve requirement is satisfied by the sum of the Spinning 

Reserves and Supplemental Reserves.   

As noted above, higher-valued reserves can be used to fulfill the requirements of lower-quality 

reserves.  Therefore, prices for Regulation always equal or exceed those for Spinning Reserves, 

which in turn always equal or exceed prices for Supplemental Reserves.  As with Regulation, 

Spinning and Supplemental reserve prices can exceed the highest cleared offer as a result of 

opportunity costs or shortage pricing. 

Figure A11 shows the quantity of Spinning and Supplemental Reserve offers by offer price.  Of 

the capability not available for dispatch, the figure distinguishes between quantities not offered, 

derated, and limited by dispatch level. 
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Figure A11: Contingency Reserve Offers and Scheduling 

2019  

 

Figure A12: Deployment Costs and Spinning Reserve Clearing 

When selecting and clearing resources to provide reserves, MISO does not consider the costs to 

produce energy during reserve deployment events.  Resources are deployed for Spinning 

Reserves on a pro rata basis, and they are made whole to their energy offers.  This results in 

scheduling inefficiencies because suppliers that receive make-whole payments have no incentive 

to incorporate expected deployment costs in their offers.  In this yearôs report, we reintroduce a 

previous recommendation that MISO consider expected deployment costs when scheduling 

reserves because increased participation from demand-side resources has raised the marketôs 

exposure to deployment-related uplift costs.  These resources generally have unusually high 

energy costs driven by opportunity costs of curtailed load, which should be considered when 

scheduling them to provide reserves.   

We provide a case study using hourly spin offer data from December 17, 2019 and assume a 6:20 

a.m. spin deployment to illustrate this issue.  In our example, we calculated the incremental 

deployment costs by taking the difference between resourcesô offered energy costs prior to the 

deployment, based on their pre-deployment output level, and resourcesô offered costs associated 

with a full spin deployment, on a per MWh basis.  We assumed that LMPs were constant.  We 

divided one hour of incremental energy out-of-market costs by the spinning reserve schedule 

awarded for each resource in that interval.  

In Figure A12, we illustrate the results of our analysis.  On the left axis, we show unit hourly 

uplift on a $ per MWh basis, and on the right axis we plot the spinning reserve offers.  The 
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individual units are ordered on the horizonal axis in merit order, based on the spin availability 

offers.  Self-scheduled resources are on the far left of the offer curve and are treated as though 

they submitted $0 availability offers.  Resources whose offers were not selected for spin in this 

interval are not shown in the chart.   

Figure A12: Deployment Costs and Spinning Reserve Clearing 

December 17, 2019 at 6:20 a.m. 
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III.  DAY-AHEAD MARKET PERFORMANCE  

In the day-ahead market, market participants make financially binding forward purchases and 

sales of electric energy for delivery in real time.  Day-ahead transactions allow LSEs to procure 

energy for their own demand, thereby managing risk by hedging their exposure to real-time price 

volatility.  Participants also buy and sell energy in the day-ahead market to arbitrage price 

differences between the day-ahead and real-time markets.  

Day-ahead outcomes are important because the bulk of MISOôs generating capacity available in 

real time is actually committed through the day-ahead market, and almost all of the power 

procured through MISOôs markets is financially settled in the day-ahead market.  In addition, 

obligations to FTR holders are settled based on congestion outcomes in the day-ahead market.  

A. Day-Ahead Energy Prices 

Figure A13 and Figure A14: Day-Ahead Energy Hub Prices and SMP 

Figure A13 shows average day-ahead prices during peak hours (6 a.m. to 10 p.m. on non-holiday 

weekdays) at six representative hub locations in MISO and the associated day-ahead System 

Marginal Price (SMP).  Figure A14 shows similar results for off-peak hours (10 p.m. to 6 a.m. on 

weekdays and all hours on weekends and holidays).  Higher prices in one location relative to 

another indicate congestion and loss factor differences between those areas. 

Figure A13: Day-Ahead Hub Prices and SMP 

Peak Hours, 2018ï2019 
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Figure A14: Day-Ahead Hub Prices and SMP 

Off-Peak Hours, 2018ï2019 

 

B. Price Convergence with the Real-Time Market  

This subsection evaluates the convergence of prices in the day-ahead and real-time energy and 

ancillary services markets.  Convergence between day-ahead and real-time prices is a sign of a 

well-functioning day-ahead market, which is vital for overall market efficiency.   

If the day-ahead prices fail to converge with the real-time prices, then the real-time physical 

dispatch is not being anticipated in the day-ahead market.  This can result in: 

¶ Generating resources not being efficiently committed because most are committed 

through the day-ahead market; 

¶ Consumers and generators being substantially affected because most settlements occur 

through the day-ahead market; and 

¶ Payments to FTR holders not reflecting the true transmission congestion on the network, 

which will ultimately distort future FTR prices and revenues. 

Participantsô day-ahead market bids and offers should reflect their expectations of the real-time 

market the following day.  However, a variety of factors can cause real-time prices to be 

significantly higher or lower than those anticipated in the day-ahead market.  While a well-

performing market may not result in prices converging on an hourly basis, they should converge 

on a longer-term basis. 
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A modest day-ahead price premium reflects rational behavior because purchases in the day-

ahead market are subject to less price volatility, which is valuable to risk-averse buyers.  

Additionally, purchases in the real-time market are subject to the allocation of real-time Revenue 

Sufficiency Guarantee (RSG) costs that are typically much larger than day-ahead RSG costs.  

Most day-ahead purchases can avoid these RSG costs. 

Figure A15 to Figure A21: Day-Ahead and Real-Time Prices 

The next seven figures summarize price convergence in the MISO markets by showing monthly 

average prices in the day-ahead and real-time markets at representative locations in MISO, along 

with the average RSG costs allocated per MWh.5  The table below the figures shows the average 

day-ahead and real-time price difference, including and excluding RSG charges.  Real-time RSG 

is assessed to deviations from the day-ahead schedules that are settled through the real-time 

market, including net virtual supply.  Real-time RSG charges are generally much higher than 

day-ahead charges and, therefore, should lead to modest day-ahead price premiums. 

Figure A15: Day-Ahead and Real-Time Prices 

2018ï2019: Indiana Hub 

 

 
5  The rate is the Day-Ahead Deviation Charge (DDC) Rate, which excludes the location-specific Congestion 

Management Charge (CMC) Rate and Pass 2 RSG. 
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Figure A16: Day-Ahead and Real-Time Prices 

2018ï2019: Michigan Hub  

 

Figure A17: Day-Ahead and Real-Time Prices 

2018ï2019: WUMS Area  
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Figure A18: Day-Ahead and Real-Time Prices 

2018ï2019: Minnesota Hub  

 

Figure A19: Day-Ahead and Real-Time Prices 

2018ï2019: Arkansas Hub  
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Figure A20: Day-Ahead and Real-Time Prices 

2018ï2019: Louisiana Hub  

 

Figure A21: Day-Ahead and Real-Time Prices 

2018ï2019: Texas Hub  
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Figure A22: Day-Ahead Ancillary Services Prices and Price Convergence 

The figures above show the convergence of MISOôs energy market prices.  Price convergence is 

also important for MISOôs ancillary services markets, which are jointly optimized with the 

energy markets.  These markets have operated without significant issues since their introduction 

in January 2009.  Figure A22 shows monthly average day-ahead clearing prices in 2019 for each 

ancillary services product, along with day-ahead and real-time price differences. 

Figure A22: Day-Ahead Ancillary Services Prices and Price Convergence 

2019  

 

C. Day-Ahead Load Scheduling 

Load scheduling, Net Scheduled Interchange (NSI), and virtual trading in the day-ahead market 

play an important role in overall market efficiency by promoting optimal commitments and 

improved price convergence between day-ahead and real-time markets.  Day-ahead load is the 

sum of physical load and virtual load.  Physical load includes cleared price-sensitive load and 

fixed load.  Price-sensitive load is scheduled (i.e., cleared) if the day-ahead price is equal to or 

less than the load bid.  A fixed-load schedule does not include a bid price, indicating a desire to 

be scheduled regardless of the day-ahead price.   

Virtual trading in the day-ahead market consists of purchases or sales of energy that are not 

associated with physical load or resources.  Similar to price-sensitive load, virtual load is cleared 

if the day-ahead price is equal to or less than the virtual load bid.  Net day-ahead load is defined 

as day-ahead cleared physical load, plus cleared virtual load minus cleared virtual supply, plus 

NSI.  The differences between net day-ahead load and real-time load is important because they 

can undermine the efficiency of the generator commitments patterns and raise RSG costs.   
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When net day-ahead load is significantly less than real-time load, particularly in the peak-load 

hour of the day, MISO will frequently need to commit peaking resources after the day-ahead 

market to satisfy the systemôs real-time demand.  Despite improvements from expansion of 

ELMP, peaking resources often do not set real-time prices, even if those resources are effectively 

marginal (see Section IV.B).  This can contribute to suboptimal real-time pricing and can result 

in inefficient outcomes when lower-cost generation scheduled in the day-ahead market is 

displaced by peaking units committed in real time.  Because these peaking units frequently do 

not set real-time prices (even though they are more expensive than other resources), the 

economic feedback and incentive to schedule more fully in the day-ahead market will be diluted.  

Additionally, significant supply increases after the day-ahead market can lower real-time prices 

and create an incentive for participants to schedule net load at less than 100 percent.  The most 

common sources of increased supply in real time are: 

¶ Supplemental commitments made by MISO for reliability after the day-ahead market;  

¶ Self-commitments made by market participants after the day-ahead market;  

¶ Under-scheduled wind output in the day-ahead market; and 

¶ Real-time net imports above day-ahead schedules. 

Figure A23 to Figure A25: Day-Ahead Scheduled Versus Actual Loads 

To show net day-ahead load-scheduling patterns, Figure A23 compares the monthly average day-

ahead scheduled load to average real-time load.  The figure shows only the daily peak hours 

when under-scheduling is most likely to require MISO to commit additional units.  The table 

below the figure shows the average scheduling levels in all hours and for the peak hour.  We 

show peak hour scheduling separately by region in Figure A24 and Figure A25.   

Figure A23: Day-Ahead Scheduled Versus Actual Loads 

2018ï2019, Daily Peak Hour  
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Figure A24: MISO Midwest Day-Ahead Scheduled Versus Actual Loads 

2018ï2019, Daily Peak Hour  

 

Figure A25: MISO South Day-Ahead Scheduled Versus Actual Loads 

2018ï2019, Daily Peak Hour  
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D. Load Forecasting 

Load forecasting is a key element of an efficient forward commitment process.  Accuracy of the 

Mid-Term Load Forecast (MTLF) is particularly important because it is an input to the Forward 

Reliability Assessment Commitment (FRAC) process performed after the day-ahead market 

closes and before the real-time operating day begins.  Inaccurate forecasts can cause MISO to 

commit more or fewer resources than necessary to meet demand, both of which can be costly. 

Figure A26: Daily MTLF Error in Peak Hour 

Figure A26 shows the percentage difference between the MTLF used in the FRAC process and 

real-time actual load for the peak hour of each day in 2019. 

Figure A26: Daily MTLF Error in Peak Hour  

 2019  

 

E. Hourly  Day-Ahead Scheduling 

The day-ahead energy and ancillary services markets clear on an hourly basis.  As a result, all 

day-ahead scheduled ramp demands coming into the real-time market, including unit 

commitments, de-commitments, and changes to physical schedules are concentrated at the top of 

each hour.   

MISO has several options to manage the impact of top-of-the-hour changes in real time, 

including staggering unit commitments (which can result in increased RSG payments) or 

proactively using load offsets in order to reduce ramp impacts.  Nonetheless, the real-time ramp 

demands created by the current hourly resolution of the day-ahead market can be substantial and 

can produce significant real-time price volatility.  MISO should consider implementing a shorter 

scheduling interval in the day-ahead market.   
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Figure A27: Ramp Demand Impact of Hourly Day-Ahead Market 

Figure A27 below shows the implied generation ramp demand attributable to day-ahead 

commitments and physical schedules compared to real-time load changes.  When the sum of 

these changes is negative, online generators are forced to ramp up in real time to balance the 

market.  When the sum of these factors is positive, generators are forced to ramp down in real 

time.  The greatest ramp demand periods occur at the top of the hour because of day-ahead 

commitment changes and changes in NSI. 

Figure A27: Ramp Demand Impact of Hourly Day-Ahead Market 

Summer 2019  

 

F. Virtual Tra nsactions in the Day-Ahead Market 

Virtual trading provides essential liquidity to the day-ahead market because it constitutes a large 

share of the price sensitivity at the margin that is needed to establish efficient day-ahead prices.  

Virtual transactions scheduled in the day-ahead market are settled against real-time prices.  

Virtual trading is profitable when the trader buys low and sells high: for virtual demand bids this 

is when the real-time energy price is higher than the day-ahead price, while for virtual supply 

offers this is when the day-ahead energy price is higher than the real-time price.   

Accordingly, if virtual traders expect day-ahead prices to be higher than real-time prices, they 

sell virtual supply forward and buy it back financially in the real-time market.  If  they forecast 

higher real-time prices, they buy virtual load.  This trading is one of the primary means to 

arbitrage prices between the two markets.  Numerous empirical studies have shown that this 
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arbitrage converges day-ahead and real-time prices and, in doing so, improves market efficiency 

and mitigates market power.6  

Large sustained profits from virtual trading may indicate day-ahead modeling inconsistencies, 

while large losses may indicate an attempt to manipulate day-ahead prices.  Attempts to create 

artificial congestion or other price movements in the day-ahead market using a virtual position 

would cause prices to diverge from real-time prices.  This divergence would cause the virtual 

position to be unprofitable.  We monitor for such behavior and utilize mitigation authority to 

restrict virtual activity when appropriate.   

Figure A28 and Figure A29: Day-Ahead Virtual Transaction Volumes 

Figure A28 shows the average offered and cleared amounts of virtual supply and virtual demand 

in the day-ahead market from 2018 to 2019.  Figure A29 separates the 2019 volumes by region.  

The virtual bids and offers that did not clear are shown as dashed areas at the end points (top and 

bottom) of the solid bars.  These are virtual bids and offers that were not economic based on the 

prevailing day-ahead market prices (supply offered above the clearing price and demand bid 

below the clearing price). 

Figure A28: Day-Ahead Virtual Transaction Volumes 

2018ï2019  

 

 
6  Chaves, Jose Pablo and Yannick Perez. 2010.  Virtual Bidding: A Mechanism to Mitigate Market Power in 

Electricity Markets: Some Evidence from New York Market, Working Paper. 

 Hadsell, Lester, and Hany A. Shawky. 2007.  One-Day Forward Premiums and the Impact of Virtual Bidding 

on the New York Wholesale Electricity Market Using Hourly Data, Journal of Futures Markets 27(11). 

 Mercadal, Ignacia.  2015.  Dynamic Competition and Arbitrage in Electricity Markets: The Role of Financial 

Players.  Working Paper, University of Chicago, October 2015.  
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Figure A29: Day-Ahead Virtual Transaction Volumes by Region 

2019 

 

The figures above separately distinguish between price-sensitive and price-insensitive bids.  

Price-insensitive bids are those that are very likely to clear (supply offers priced well below the 

expected real-time price and demand bids priced well above the expected real-time price).  For 

purposes of these figures, bids and offers submitted at more than $20 above or below an 

expected real-time price are considered price insensitive.  A subset of these transactions 

contributed materially to an unexpected difference in the congestion between the day-ahead and 

real-time markets and warranted further investigation.  These volumes are labeled óScreened 

Transactionsô in the figures. 

Figure A30 to Figure A33: Virtual Transaction Volumes by Participant Type 

The next figures show day-ahead virtual transactions by participant type.  This is important 

because participants engage in virtual trading for different purposes.  Physical participants are 

more likely to engage in virtual trading to hedge or manage the risks associated with their 

physical positions.  Financial participants are more likely to engage in speculative trading 

intended to arbitrage differences between day-ahead and real-time markets.  The latter class of 

trading is the conduct that improves the performance of the markets.  Figure A30 shows the same 

results but additionally distinguishes between physical participants that own generation or serve 

load (including their subsidiaries and affiliates) and financial-only participants.  Figure A31 and 

Figure A32 show the same values by region, and Figure A33 shows these values by type of 

location. 
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Figure A30: Virtual Transaction Volumes by Participant Type 

2019  

 

Figure A31: Virtual Transaction Volumes by Participant Type 

MISO Midwest, 2019  
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Figure A32: Virtual Transaction Volumes by Participant Type 

MISO South, 2019  

 

Figure A33: Virtual T ransaction Volumes by Participant Type and Location  

2017ï2019  
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Figure A33 above disaggregates transaction volumes further by type of participant and four types 

of locations: hub locations, load zones, generator nodes, and interfaces.  Hubs, interfaces, and 

load zones are aggregations of many electrical nodes and, therefore, are less prone to congestion-

related price spikes than generator locations.   

Figure A34: Matched Price-Insensitive Virtual Transactions 

Figure A34 shows monthly average cleared virtual transactions that are considered price 

insensitive.  As discussed above, price-insensitive bids and offers are priced to make them very 

likely to clear.  The figure also shows the subset of transactions that are ñmatched,ò which occur 

when the participant clears both insensitive supply and insensitive demand in a particular hour.   

Price-insensitive transactions are most often placed for two reasons: 

¶ A participant seeks an energy-neutral position relative to a particular constraint.  This 

allows the participant to arbitrage differences in congestion and losses between locations. 

¶ A participant seeks to balance their portfolio.  RSG or Day-Ahead Headroom and 

Deviation Charges (DDC) to virtual participants are assessed to net virtual supply, so 

participants can avoid such charges by clearing equal amounts of supply and demand.  

Such ñmatchedò transactions rose substantially after RSG revisions in April 2011. 

Figure A34: Matched Price-Insensitive Virtual Transactions 

2018ï2019  
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Figure A35: Comparison of Virtual Transaction Levels 

To compare trends in MISO to other RTOs, Figure A35 shows cleared virtual supply and 

demand in MISO, ISO-NE, and NYISO as a share of actual load.   

Figure A35: Comparison of Virtual Transaction Levels 

2018ï2019 

 

 

G. Virtual Profitability  

The next set of charts examines the profitability of virtual transactions in MISO.  In a well-

arbitraged market, profitability is expected to be low.  However, in a market with a prevailing 

day-ahead premium, virtual supply should generally be more profitable than virtual demand. 

 Table A2: Comparison of Virtual Trading Volumes and Profitability 

To provide perspective on the virtual trading in MISO, Table A2 compares virtual trading in 

MISO to trading in NYISO and ISO New England. 
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Table A2: Comparison of Virtual Trading Volumes and Profitability  

2019 

 

Figure A36 to Figure A37: Virtual Profitability 

Figure A36 shows monthly total profits and average gross profitability of cleared virtual 

positions.  Gross profitability is the difference between the price at which virtual traders bought 

and sold positions in the day-ahead market and the price at which these positions were covered 

(i.e., settled financially) in the real-time market.  Gross profitability excludes RSG cost 

allocations, which vary according to the market wide DDC rate and the hourly net deviation 

volume of a given participant.  Figure A37 shows the same results disaggregated by type of 

market participant: entities owning generation or serving load and financial-only participants. 

Figure A36: Virtual Profitability  

2018ï2019  

 

MW as a 

% of Load 

Avg 

Profit

MW as a % 

of Load 
Avg Profit

MISO 10.8% -$0.07 11.3% $0.94

NYISO 6.7% $0.17 14.5% $0.43

ISO-NE 2.3% -$1.20 4.9% $1.26

Market

Virtual Load Virtual Supply
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Figure A37: Virtual Profitability by Participant Type  

2019  

 

H. Benefits of Virtual Trading in 2019  

We conducted an empirical analysis of virtual trading in MISO in 2019 that evaluated virtual 

transactionsô contribution to the efficiency of market outcomes.  Our analysis categorized virtual 

transactions into those that led to greater market efficiency as evidenced by their profitability on 

consistently modeled constraints, those that did not improve efficiency as evidenced by their 

unprofitability, and those transactions that, while profitable, did not produce efficiency benefits.  

We examined our results both in terms of quantities (MWh) and net profits.   

The virtual transactions in each category provide an indication of what percentage of virtual 

activity contributed to market efficiency.  Net profits, calculated as the difference between the 

profits and the losses on consistently modeled constraints, indicate whether virtual transactions 

contributed to better market efficiency in MISO by providing incrementally better commitments 

in the day-ahead market and leading to better convergence.   

To conduct our analysis, we first identified constraints that were modeled consistently in the day-

ahead and real-time markets and those that were not.  We categorized efficiency-enhancing 

virtual transactions as those that were profitable based on congestion that was modeled in the 

day-ahead and real-time markets, as well as the marginal energy component (system-wide 

energy price).  We did not include transactions that were profitable because of un-modeled 

constraints or day-ahead and real-time marginal loss factor divergence.  Profits from these 

factors do not lead to more efficient day-ahead market outcomes.  We also identified virtual 

transactions that were unprofitable but efficiency-enhancing because they led to improved price 
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convergence.  This happens when virtual transactions respond to a real-time price trend but 

overshoot, so they are ultimately unprofitable at the margin. 

We designed tests based on an observed transaction at time t and an associated lagged value (t-24 

for observations in hours 0-11 and t-48 for observations in hours 12-24).  These lagged values 

correspond to the real-time prices a participant would have observed by the time the participant 

submitted bids or offers for the next day in the day-ahead market.  We used three tests to identify 

unprofitable efficiency-enhancing virtual transactions: 

¶ Convergence Test: Whether the absolute value of the difference between the day-ahead 

and real-time LMPs at time t was less than the absolute value of the differences between 

the day-ahead and real-time LMPs in the lagged time period.   

¶ Day-Ahead Price Movement Test: Whether the movement in the day-ahead price 

improved convergence ï whether the absolute value of the difference between the day-

ahead and real-time LMP at time t was smaller than the absolute value of the difference 

between the lagged day-ahead price and the current real-time price.   

¶ Virtual Directional Test: To determine whether the virtual trade helped move the day-

ahead price in the right direction, we test whether the virtual bid or offer would have been 

profitable based on the lagged difference between the day-ahead and real-time price.   

Virtual transactions that did not improve efficiency were those that were unprofitable based on 

the energy and congestion on modeled constraints and did not contribute to price convergence. 

Table A3 to Table A5: Efficient and Inefficient Virtual Transactions in 2019   

The following three tables summarize the virtual transaction quantities, profits, and losses in the 

efficiency-enhancing and non-efficiency-enhancing categories in 2019.  Table A3 shows all 

participants combined, Table A4 shows financial participants, and Table A5 shows physical 

participants. 

Table A3: Efficient and Inefficient Virtual Transactions in 2019 

 

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 73,781,722       $522.7M $.6M -$8.9M

Efficiency Enhancing (Unprofitable) 11,310,674       -$42.1M $3.8M $3.7M

Total Efficiency 85,092,395      $480.5M $4.4M -$5.2M

Not Efficiency Enhancing (Profitable) 4,826,223         -$19.8M $6.2M $31.4M

Not Efficiency Enhancing (Unprofitable) 58,335,271       -$428.1M $4.9M -$8.1M

Total Inefficiency 63,161,493      -$447.9M $11.1M $23.3M

Total 148,253,889     $32.6M $15.5M $18.1M

All Participants
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Table A4: Efficient and Inefficient Virtual Transactions in 2019 ï Financial Participants 

 

Table A5: Efficient and Inefficient Virtual Transactions in 2019 ï Physical Participants 

 

The profits and losses shown in the tables above are useful because they account for the fact that 

some transactions are relatively more efficient or relatively more inefficient than others.  Each 

table also shows rents earned by virtual transactions, which are profits that do not produce 

efficiency benefits.  The rents reflect profits associated with un-modeled day-ahead constraints 

and differences in the loss components between the two markets.  These rents do not generally 

indicate a concern with virtual trading but rather opportunities for MISO to improve the 

consistency of its modeling between the day-ahead and real-time markets. 

Importantly, the total benefits are much larger than the marginal net benefits shown above 

because: a) profits of efficient virtual transactions become smaller as prices converge; and b) 

losses of inefficient virtual transactions get larger as prices diverge.  To accurately calculate this 

total benefit would require one to re-run all of the day-ahead and real-time market cases for the 

entire year.  Nonetheless, our analysis allows us to establish with a high degree of confidence 

that virtual trading was beneficial to market efficiency in 2019. 

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 66,782,554       $481.1M $.4M $8.3M

Efficiency Enhancing (Unprofitable) 10,149,592       -$39.0M $3.4M $3.5M

Total Efficiency 76,932,146      $442.1M $3.8M $4.9M

Not Efficiency Enhancing (Profitable) 4,247,529         -$18.9M $5.6M $30.1M

Not Efficiency Enhancing (Unprofitable) 52,491,005       -$393.4M $4.4M $7.6M

Total Inefficiency 56,738,534      -$412.2M $10.0M $22.5M

Total 133,670,680     $29.9M $13.8M $17.6M

Financial Participants

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 6,999,168         $41.6M $.2M -$.6M

Efficiency Enhancing (Unprofitable) 1,161,082         -$3.2M $.4M $.2M

Total Efficiency 8,160,250        $38.4M $.6M -$.3M

Not Efficiency Enhancing (Profitable) 578,694            -$.9M $.5M $1.3M

Not Efficiency Enhancing (Unprofitable) 5,844,266         -$34.8M $.5M -$.5M

Total Inefficiency 6,422,959        -$35.7M $1.0M $.8M

Total 14,583,209       $2.8M $1.6M $.5M

Physical Participants
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IV.  REAL -TIME MARKET PERFORMANCE  

In this section, we evaluate real-time market outcomes, including prices, loads, and uplift 

payments.  We also assess the dispatch of peaking resources and the ongoing integration of wind 

generation.  Wind generation has continued to grow and set new output records in 2020, the last 

of which was April 9, 2020 at 18.1 GW.  

The real-time market performs the vital role of dispatching resources to minimize the total 

production cost of satisfying energy and operating reserve needs while observing generator and 

transmission network limitations.  Every five minutes, the real-time market utilizes the latest 

information regarding generation, load, transmission flows, and other system conditions to 

produce new dispatch instructions and prices for each nodal location on the system.   

While some RTOs clear their real-time energy and ancillary services markets every 15 minutes, 

MISOôs five-minute interval permits more rapid and accurate response to changing conditions, 

such as changing wind output or load.  Shortening the dispatch interval reduces regulating 

reserve requirements and permits greater resource utilization.  These benefits sometimes come at 

the cost of increased price volatility, which we evaluate in this section.  

Although most generator commitments are made through the day-ahead market, real-time market 

results are a critical determinant of efficient day-ahead market outcomes.  Energy purchased in 

the day-ahead market (and other forward markets) is priced based on expectations of the real-

time market prices.  Higher real-time prices, therefore, can lead to higher day-ahead and other 

forward market prices.  Because forward purchasing is partly a risk-management tool for 

participants, increased volatility in the real-time market can also lead to higher forward prices by 

raising risk premiums in the day-ahead market. 

A. Real-Time Price Volatility 

Substantial volatility in real-time markets is expected because the demands of the system can 

change rapidly, and supply flexibility is restricted by generatorsô physical limitations.  This 

subsection evaluates and discusses the volatility of real-time prices.  Sharp price changes 

frequently occur when the market is ramp-constrained (when a large share of the resources are 

moving as quickly as possible), which occurs when the system is moving to accommodate large 

changes in load, NSI, or generation startup or shutdown.  This is exacerbated by generator 

inflexibility arising from lower offered ramp limits or reduced dispatch ranges. 

Figure A38: Fifteen-Minute Real-Time Price Volatility 

Figure A38 provides a comparative analysis of price volatility by showing the average 

percentage change in real-time prices between 15-minute intervals for several locations in MISO 

and other RTO markets.  Each of these markets has a distinct set of operating characteristics that 

factor into price volatility.  MISO and NYISO are true five-minute markets with a five-minute 

dispatch horizon.  Ramp constraints are more prevalent in these markets as a result of the shorter 

time to move generation.  However, NYISOôs real-time dispatch is a multi-period optimization 

that looks ahead more than one hour, so it can better anticipate ramp needs and begin moving 

generation to accommodate them.  We are recommending MISO adopt a similar approach. 
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Although they produce five-minute prices using ex-post pricing models, PJM and ISO-NE 

generally produce a real-time dispatch every 10 to 15 minutes.  As a result, these systems are less 

likely to be ramp-constrained because they have more ramp capability to serve system demands.  

Because the systems are re-dispatched less frequently, they are apt to satisfy shorter-term 

changes in load and supply more heavily with regulation.  This is likely to be less efficient than 

more frequent dispatch cyclesðenergy prices in these markets do not reflect prevailing 

conditions as accurately as five-minute markets. 

Figure A38: Fifteen-Minute Real-Time Price Volatility  

MISO and Other RTO Markets, 2019 

 

B. Evaluation of ELMP Effects 

MISO introduced pricing reforms for its day-ahead and real-time energy markets through the 

implementation of the Extended Locational Marginal Pricing algorithm (ELMP) on March 1, 

2015.  In May 2017, MISO implemented ELMP Phase 2.  In November 2019, MISO further 

expanded ELMP to incorporate Fast-Start Resources committed in the day-ahead market to 

participate in real-time price setting.  ELMP is intended to improve price formation in the day-

ahead and real-time energy and ancillary services markets by having LMPs better reflect the true 

marginal costs of supplying the system at each location.  ELMP is a price-setting engine that 

affects prices but does not affect the dispatch.  ELMP reforms pricing in two main ways:   

¶ It allows online, inflexible resources to set the LMP if the inflexible unit is economic.  
These resources include online ñFast-Start Resourcesò (currently including units that can 
start within 60 minutes) and demand response resources.   

¶ It allows offline Fast-Start Resources to be eligible to set prices during transmission 
violations or energy shortage conditions. 
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The first element of ELMP addresses a long-standing recommendation to remedy issues that we 

first identified shortly after the start of the MISO energy markets in 2005.  The pricing algorithm 

in UDS does not always reflect the true marginal cost of the system because inflexible high-cost 

resources are frequently not recognized as marginal, even though they are needed to satisfy the 

systemôs energy demand.  The most prevalent class of such units is online natural gas-fired 

turbines that often have a narrow dispatch range.  Because it is frequently not economic to turn 

them off (they are the lowest cost means to satisfy the energy needs of the system), it is 

appropriate for the energy prices to reflect the running cost of these units. 

There are several adverse market effects when economic units supplying incremental energy are 

not included in price setting: 

¶ MISO will generally need to pay RSG to cover these unitsô full as-offered costs; 

¶ Real-time prices will be understated and will not provide efficient incentives to schedule 

energy in the day-ahead market, when lower-cost resources could be scheduled that 

would reduce or eliminate the need to rely on high-cost peaking resources in real time; 

and 

¶ The market will not provide efficient incentives for participants to schedule exports or 

imports, which can prevent lower-cost energy from being imported to displace the 

higher-cost peaking resources.  

Accordingly, the objective of the online pricing reforms in ELMP is to allow certain inflexible 

resources to set prices in the MISO energy markets. 

The second element of ELMP allows offline Fast-Start Resources to set prices under shortage 

conditions.  Shortages include transmission violations and operating reserves shortages.  It is 

efficient for offline resources to set the price only when a) they are feasible (can be started 

quickly), and b) they are economic for addressing the shortage.  However, when units that are 

either not feasible or not economic to start set energy prices, the resulting prices will be 

inefficiently low.  We review and discuss both of these reforms in this section. 

Figure A39 to Figure A41: ELMP Price Effects 

Figure A39 to Figure A41 summarize the effects of ELMP by showing the average upward 

effects via the online pricing, average downward effects via the offline pricing, and the 

frequency that the ELMP model altered the prices upward and downward.   

These metrics are shown for the system marginal price (i.e., the market-wide energy price) in the 

real-time market and day-ahead market, as well as for the LMP at the most affected locations 

(i.e., congestion-related effects).  Additionally, to show the size of the ELMP price adjustments, 

the tables below each of the first two figures show the size of the adjustments in those intervals 

that the ELMP model affected the price.   
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Figure A39: Average Market-Wide Price Effects of ELMP  

Real-Time Market, 2019  

 

Figure A40: Average Market-Wide Price Effects of ELMP  

Day-Ahead Market, 2019 
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Figure A41: Price Effects of ELMP at Most Affected Locations 

Real-Time Market, 2019 

 

The primary focus of our recommendation to expand ELMP to date has been selecting which 

resources should be eligible to set prices in the ELMP model.  However, it is equally important 

to address how resources participate in ELMP.  The first three phases of ELMP do not allow 

resources to set prices when the dispatch model seeks to ramp them down at their maximum 

ramp rate, even if the resources continue to provide marginal energy to the grid.  This ramp test 

substantially reduces the number of resources that qualify as marginal, price-setting resources.  

In both the ISO-NE and NYISO variants of ELMP, a resource may be considered marginal and 

set prices unless it is dispatched to zero.  This is a significant advantage over MISOôs ELMP 

approach, which we evaluate below in Figure A42. 

Figure A42: Energy Price Effects of ELMP Expansion 

The following figure shows the estimated hourly SMP effects of various ELMP assumptions in 

2019.  In each real-time market interval, we modeled energy demand clearing with three sets of 

assumptions.  The first scenario replicated ELMP Phase II that existed up until November 1, 

2019 is shown by the dashed maroon line.  The second scenario depicted in the green dashed line 

shows the effects of expanding the eligible fast-start resources to include resources scheduled in 

the day-ahead market, which was implemented by MISO on November 1, 2019.  The last 

scenario shown by the blue line approximated ELMP outcomes assuming unlimited ramp down 

capability, which the IMM has recommended that MISO consider implementing.  These lines 

show the average price differences between prices in the ELMP scenarios and the ex-ante prices.   

The inset table identifies the average SMP effect for each of the scenarios and the proportion of 

market intervals when the eligible resources were needed to meet generation demand. 
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Figure A42: Energy Price Effects of ELMP Expansion 

2019 

 

Figure A43: Evaluation of Offline Units Setting Prices 

ELMP also includes provisions for allowing offline Fast-Start Resources to set price under 

shortage conditions.  Shortages include transmission violations and operating reserve shortages.  

Prior to the implementation of ELMP, offline units could not set prices because UDS only 

optimizes the schedules from online resources.   

When an operating reserve shortage or a transmission violation occurs, the ELMP software may 

set prices based on the hypothetical commitment of an offline unit that MISO could utilize to 

address the shortage.  This is only efficient when the offline resource is: a) feasible (can be 

started quickly enough to help), and b) economic for addressing the shortage.  When units that 

are either not feasible or not economic to start set prices, the prices will be inefficiently low. 

When committing an offline unit is feasible and is the economic action to take during a 

transmission violation or operating reserve shortage, we expect that the unit will be started by 

MISO.  When resources are not started, we infer that the operators did not believe the unit could 

be online in time to help resolve the shortage and/or that the operator did not expect that the unit 

would be economic to operate for the remainder of its minimum runtime.  Therefore, Figure A43 

summarizes whether the offline units that set prices in 2019 were a) economic, b) started by 

MISO, and c) both started and economic.  The maroon bar on the right in the figure indicates 

whether the resources actually resolved a transmission violation.  The figure shows operating 

reserve shortages in the left panel and transmission violations in the right panel. 



  Appendix: Real-Time Market Performance 

  2019 State of the Market Report  |  42 

/ 

/ 

Figure A43: Evaluation of Offline Units Setting Prices 

2019  

 

To determine whether the units were economic (green bar), we compared the real-time market 

revenues the unit would have received to their total dispatch costs.  The total costs included start-

up and no-load costs for the unitsô minimum runtime, starting with the interval after the interval 

that they were committed.  We identified the units that started (blue bar) by whether the UDS 

recognized the units as online in the three intervals following the recommended commitment 

intervals.  If the conditions for economic commitments and MISO starts were met, we 

determined that the units were both started and economic (blue and green bar).  

We also determined whether the offline units setting prices in the ELMP cases for transmission 

violations actually resolved the violations (maroon bar).  This is important because if an offline 

unit does not resolve the violation, it may alter the system-wide energy price inefficiently 

without significantly changing the congestion pricing associated with the violated constraint.  

C. Emergency Pricing in ELMP 

Table A6: Extreme Values of Emergency Offer Floor Prices 

During emergency events, MISO can access supply outside of the market that is unavailable 

during non-emergency conditions, some of which is not dispatchable.  In order to prevent the 

emergency supply from depressing prices, MISOôs emergency pricing construct applies 

Emergency Offer Floor Prices to these emergency MWs in the ELMP pricing engine to allow 

them to set prices.   

An efficient Emergency Offer Floor Price should satisfy the following criteria: 

¶ The value should reflect the cost of reliability requirements or constraints that would not 

be satisfied without the emergency MWs; 
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¶ The value should be stable and knowable in advance; and 

¶ The value should not be subject to manipulation by any single entity. 

Proxy offers are currently formed as the maximum of the resourceôs offer and either the 

Emergency Tier I or Tier II Offer Floor Price.  The Tier I floor, equal to the highest available 

economic offer of any resource in the emergency area, applies to emergency resources available 

under EEA Level 1 events.  The Tier II floor applies to EEA Level 2 emergency resources and is 

calculated as the highest available economic or emergency offer in the area.  Because these offer 

floors are set by a suppliersô offer, the floors can vary widely.   

MISO declared two regional emergencies in 2019, and on another occasion failed to declare a 

regional emergency despite meeting the operational criteria for doing so.  In each of these 

emergency events, Emergency Offer Floor Prices were established.  In most of these cases, we 

believe the floor prices substantially understated the true value of emergency power.  However, 

the risk remains that a single entity could raise a single resourceôs offer and sharply inflate the 

proxy Emergency Offer Floor Price. 

We conducted an analysis to determine the extent of the volatility of calculated emergency offer 

floor prices in 2019, based on resource offers.  This analysis shows that emergency floor prices 

that would have prevailed if MISO were to have declared an emergency in the South or Midwest 

regions.  In Table A6, we show the minimum and maximum values that were calculated by 

region, as well as the largest inter-hour change.   

Table A6: Extreme Values of Emergency Offer Floor Prices 

2019 

 

D. Spinning Reserve Shortages 

Figure A44: Market Spin Shortage Intervals vs. Rampable Spin Shortage Intervals 

MISO operates with a minimum required amount of spinning reserves that can be deployed 

immediately for contingency response.  Market shortages generally occur because the costs that 

would be incurred to maintain the spinning reserves exceed the spinning reserve penalty factor 

(i.e., the implicit value of spinning reserves in the real-time market). 

Units scheduled for spinning reserves may temporarily be unable to provide the full quantity in 

10 minutes if MISO is ramping them up to provide energy.  To account for concerns that ramp-

sharing between ASM products could lead to real ramp shortages, MISO maintains a market 

scheduling requirement that exceeds its real ñrampableò spinning requirement by more than 200 

MW.  As a result, market shortages can occur when MISO does not schedule enough resources 

in the real-time market to satisfy the market requirement but is not physically short of spinning 

Minimum Maximum

MIDWEST $122 $1,288 $783

SOUTH $79 $338 $234

Region
Largest 

Inter-hour Change

Extreme Values
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reserves.7  To minimize such outcomes, MISO should set the market requirement to make 

market results as consistent with real conditions as possible. 

Figure A44 shows all intervals in 2019 with a real (physical) shortage, a market shortage, or 

both, as well as the physical and market requirements.   

Figure A44: Market Spin Shortage Intervals vs. Rampable Spin Shortage Intervals 

2019 

 

E. Supplemental Reserve Deployments 

Figure A45: Supplemental Reserve Deployments 

Supplemental reserves are deployed during Disturbance Control Standard (DCS) and Area 

Reserve Sharing (ARS) events.  Figure A45 shows offline supplemental reserve response during 

the 11 deployments in 2019 and 11 in 2018, separately indicating those that were successfully 

deployed within 10 minutes (as required by MISO) and within 30 minutes (as required by the 

North American Electric Reliability Corporation or ñNERCò).  The summary is valuable because 

it indicates how reliably MISOôs offline reserves respond when deployed.   

The figure includes the RSG payments to deployed offline reserves.  Because their commitment 

costs are not considered when scheduling supplemental reserves, high uplift payments could 

indicate a need to consider expected deployment costs when scheduling reserves. 

 
7  It is also possible for the system to be physically short temporarily, when units are ramping to provide energy, 

but not indicate a market shortage because ramp capability is shared between the markets.  
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Figure A45: Supplemental Reserve Deployments 

2018ï2019   

 

F. Shortage Pricing in MISO 

Efficient shortage prices play a key role in establishing economic signals to guide investment and 

retirement decisions in the long-term, facilitating optimal interchange and generator 

commitments in the short-run, and efficiently compensating flexible resources.  Compensating 

flexible resources efficiently will be increasingly important as the penetration of renewable 

resources increases.  The output of most renewable resources is intermittent and increases supply 

uncertainty, which will likely increase the frequency of reserve shortages. 

Virtually all shortages in (co-optimized) energy and ancillary markets are of reserve products 

(i.e., RTOs will hold less reserves than required rather than not serving the energy demand).  

MISO also experiences capacity shortages.  When an RTO is short of reserves, the value of the 

foregone reserves should set the reserve market clearing price and be embedded in all higher-

value products, including energy.  This value is established in the reserve demand curve for each 

reserve product, so efficient shortage pricing requires properly valued reserve demand curves. 

The most highly valued reserve demand curve in MISO is the total Operating Reserve Demand 

Curve (ORDC).  Shortages of total operating reserves are the most severe reserve shortages and 

the most likely to impact pricing during capacity emergencies.  An efficient ORDC should:  a) 

reflect the marginal reliability value of reserves at each shortage level; b) consider all supply 

contingencies, including multiple simultaneous contingencies; and c) have no artificial 

discontinuities that can lead to excessively volatile outcomes.  The marginal reliability value of 
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reserves at any shortage level is equal to the expected value of lost load.  This is equal to the 

following product at each reserve level: 

Net value of lost load (VOLL) *  the probability of losing load.   

MISOôs current ORDC does not reflect the value of reserves because: 

¶ The slope of the ORDC is not based on the probability of losing load; 

¶ Only a small portion of the curve is based on the probability of losing load ï over 90 

percent of the current ORDC is set by administrative overrides of $200 per MWh, $1,100 

per MWh, and $2,100 per MWh; and 

¶ MISOôs current VOLL of $3,500 per MWh is significantly understated. 

This subsection shows and discusses an improved, more accurate ORDC and compares it to 

MISOôs current ORDC.  It then shows the series of analyses that underly the proposed ORDC, 

beginning with a more reasonable VOLL and then providing the basis for an improved 

simulation of the probability of losing load. 

Figure A46: Current and Proposed Operating Reserve Demand Curve 

Figure A46 below shows the current ORDC and a curve that illustrates the IMMôs economic 

ORDC.  The shape of the current curve is initially downward sloping, but it then flattens out for 

an extended range at $2,100 per MWh then $1,100 per MWh.  Small shortages of less than four 

percent are priced at the lowest step of $200 per MWh.  As shortage levels increase on the 

$1,100 per MWh step of the current ORDC, the prices remain fixed and do not accurately reflect 

the fact that the probability of losing load is increasing. 

Figure A46: Current and Proposed Operating Reserve Demand Curve 
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The IMMôs economic ORDC reflects the marginal value of lost load based on an assumed 

VOLL of $23,000 per MWh and a probability of losing load that the IMM estimated using a 

Monte Carlo simulation.8  The inputs to this simulation are described below. 

 Table A7: Summary of Direct Survey Outage Costs Studies 

VOLL is a widely understood concept that represents the lost value to consumers when 

electricity service is interrupted.  It can be thought of as the value of reliable service and it is 

usually measured by estimating interruption or outage costs.  Outage costs are typically 

estimated through survey methods, although many studies have been conducted using only 

macroeconomic analysis.  Although macroeconomic analysis has the advantage of relying on 

widely available data, it also tends to be much less accurate.  The survey studies have the distinct 

advantage of creating data using actual customer experiences regarding outages.  Survey 

methods underpin the major benchmark studies of outage costs in US jurisdictions including key 

meta studies that have established versatile outage cost estimators.   

The most widely referenced meta studies have been conducted by Sullivan, et al. of the Berkeley 

National Laboratory.  An initial study was conducted in 2009 (2009 Berkeley Study) and later 

updated in 2015 (2015 Berkeley Study).  A precursor to the Berkeley studies (Lawton and 

Sullivan 2001) was used as the basis for the 2005 MISO VOLL study.  The estimated 

coefficients of the econometric model from Lawton and Sullivan were used to establish a range 

of outage cost values in MISO using 2005 MISO-specific data.  Some significant survey-based 

outage cost studies have also been conducted in other countries. 

Table A7 summarizes the results of these survey-based studies.  The results in the table are 

organized in two sections based on the different service classes within the studies.  The first set 

of studies listed in the table divide the classes between Residential, Large Commercial/Industrial, 

and Small Commercial/Industrial.  The second set of studies divide the classes between 

Residential, Commercial, and Industrial.   

The table shows that the average outage costs range from $5,800 per MWh for residential 

customers to up to $87,000 per MWh for small commercial and industrial customers.  Given 

MISOôs current VOLL assumption of $3,500 per MWh, these results indicate the need to revisit 

and update the VOLL assumption to a more reasonable level.   

We believe the most reasonable means to do this is to use the Berkeley model with updated data 

for MISO.  The Berkeley model relies on previous survey-based outage studies that form a meta 

data set used as a basis for an econometric model. 

 
8  The simulation will estimate the conditional probabilities across 10,000 iterations.  This simulation will be 

updated once per year using historical data from the prior calendar year where applicable. 
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Table A7: Summary of Direct Survey Outage Costs Studies 

 

The econometric model in the Berkeley studies estimates the effects on outage costs from key 

parameters specific to individual customer classes.  In particular, the estimated coefficients of the 

econometric model can be applied to estimate outage costs for specific regions, time periods, and 

customer classes.  We used 2018 MISO data and assumed a one-hour outage, and found: 

¶ Residential customers.  The outage costs range from $3,600 per MWh to $3,900 per 

MWh, depending on customer income.   

¶ Large non-residential customers.  The outage costs ranged from $32,000 per MWh for a 

non-manufacturing customer to $73,000 per MWh for a manufacturing customer. 

¶ Small commercial/industrial customers.  Outage costs range from $84,000 per MWh for 

non-manufacturing customers to $184,000 per MWh for manufacturing customers. 

The small commercial/industrial estimates are outside the range of values found by all other 

studies.  Accordingly, to identify a reasonable VOLL for MISO, we use the average of the 

residential and large commercial/industrial valued from the Berkley Model.  We weighted the 

outage cost estimate for the two groups in accordance with annual MWh of consumption in 

MISO in 2018.  This weighted average yielded a MISO-wide outage cost of $23,000 per MWh.  

We propose that MISO use this as the VOLL in the ORDC. 

Figure A47: Participation of Resources in Loss of Load Probability 

The current ORDC includes all resources greater than 100 MW in the loss of load estimation.  

This equal treatment ignores the reality that some resources and technology types operate more 

often and have a greater contribution to system reliability.  Our proposed alternative Participation 

Factor (PF) for each generation technology type is similar to the NERC-defined Weighted 

Service Factor.  It equals the sum of the online capacity of that type divided by the sum of the 

installed capacity of that type across all hours of the historical period.  This metric is different 

System Wide Residential Large C/I Small C/I Source

US Southwest -$              10,280$         41,497$         Berkely - LEI ERCOT

US (2009) 125$              9,653$           19,933$         Berkely - LEI ERCOT

US (2015) 3,791$           25,041$         338,862$       Berkely (2015)

US-MISO 2,033$           34,328$         49,510$         SAIC - LEI ERCOT

NZ 2018 (lower) 2,430$           4,741$           25,337$         NZ Power/PWC

NZ 2018 (upper) 5,011$           24,083$         49,180$         NZ Power/PWC

Commercial Industrial

New Zealand (2012) 48,353$              13,288$         91,023$         36,174$         NZEA - LEI ERCOT

Australia Victoria 52,066$              4,853$           33,535$         12,252$         LEI ERCOT

Autralia 53,554$              -$               LEI ERCOT

Ireland (2010) 11,175$              21,062$         12,035$         3,869$           LEI ERCOT

Ireland (2007) 19,057$              LEI ERCOT

Average 36,841$              5,844$           

Average (Large C/I and Small C/I) 18,021$         87,386$         

Average (Commercial Industrial) 45,531$         13,074$         

Average Non-Residential 43,228$         

Average Commercial/Small C/I, excl.Berkely 2015, NZ 2012) 41,255$         

Note: All values in 2020 $/MWh
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from a traditional capacity factor, which measures energy output as a share of generation 

capability.  The PF assumes resources are contributing their full capacity to satisfying energy, 

ancillary services, headroom, and ramp capability needs.  

As shown in Figure A47, these two methodologies result in modest differences in participation 

factors.  Because all nuclear resources are larger than 100 MW, the current methodology has a 

100 percent participation factor.  Our alternative, IMM approach has a lower participation factor 

that reflects outages during the study period.  The most significant differences impact 

combustion turbines, gas steam units, and combined-cycle resources.  These intermediate load 

technologies have higher shares of large resources than the share of capacity committed.  Since 

an uncommitted, offline resource is not at risk of taking a forced outage, this is the appropriate 

means to measure participation. 

Figure A47: Participation of Resources in Loss of Load Probability 

 

Figure A48: ORDC-Estimated Unit Failure Risk 

NERC GADS failure rates, measured by the Mean Service Time to Unplanned Outage 

(MSTUO), vary significantly among technology types.  This is a key input to the ORDC because 

it determines how likely it is that contingencies will occur that cause a loss of load.  The 

technology-specific values, shown in blue, range from 30 hours per unplanned outage for 

combustion turbines to over 4,000 hours for nuclear units.  Under MISOôs current ORDC, all 

generators are assumed to have an equivalent rate of forced outage.  As shown in the figure 

below as the maroon bar, this assumption is inconsistent with resourcesô actual failure rates.   

Figure A48: ORDC ï Estimated Unit Failure Risk 
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Based on these proposed parameters, we estimated the generator forced outages as follows.  For 

each simulation iteration, each non-wind generator was assigned a random number between zero 

and one.  If the assigned random number was less than 1-e(-PF * ORP / MSTUO), the generator was 

simulated to be forced out of service.  We assumed a two-hour outage recovery period (ORP), 

which is the number of hours MISO needs to fully respond to supply-side contingencies in the 

RAC process. 

Intermittent resources and net imports were simulated as supply-side forecast risks using similar 

methodologies.  First, a distribution of actual aggregate forecast errors was calculated from the 

historical period.  The errors equaled the difference between actual capability in hour t and the 

forecasted capability schedule two hours prior to t.  Next, a distinct random number between 

zero and one was assigned to each supply group for each iteration.  This number served as the 

distribution probability.  The simulated forced outage equivalent was the maximum of zero and 

the inverse of the normal cumulative distribution with mean and standard deviations calculated 

from the group forecast error distribution.  

Figure A49: Distribution of Outage Risks by Technology Type 

After calculating aggregate forced outage, intermittent resource forecast, and NSI scheduling 

risks, these values were summed by iteration of a Monte Carlo simulation.  Conditional 

probabilities at a given reserve level were calculated as the number of iterations with forced 

outages greater than or equal to that reserve level divided by the total number of iterations.  

These probabilities accurately reflected the risk to real-time operations of losing load at any 

reserve shortage level. 

Figure A49 shows the average risk associated with each resource type according to the current 

and proposed methodologies.  The relative size of the pie charts indicates the average level of 

risk estimated by each methodology, while the slices of the pie indicate each resource typeôs 

contribution within the methodology. 

Figure A49: Distribution of Outage Risks by Technology Type 
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These results show a four-fold increase in total outage risk under the IMM -proposed 

methodology, in part because our methodology accounts for the risk of multiple simultaneous 

outages.  While the risk increased for most technologies, there are other notable differences.  

Wind resources accounted for more than 50 percent of the total outage risk in the proposed 

model.  The volatility of wind, coupled with significant forecasting error, has created unique 

challenges.  As wind and solar penetration increases over time, this formulation will better 

capture the loss of load risks.  The greatest decline shown in the figure is the contribution of 

nuclear resources.  These resources fail infrequently, so their risk to real-time reliability is 

greatly reduced under the proposed methodology. 

G. Uplift Costs:  RSG Payments 

RSG payments compensate generators committed by MISO when market revenues are 

insufficient to cover the generatorsô production costs.9  Generally, MISO makes most of these 

out-of-merit commitments in real time to satisfy the reliability needs of the system and to 

account for changes occurring after the day-ahead market.  Because these commitments receive 

market revenues from the real-time market, their production costs in excess of these revenues are 

recovered under real-time RSG payments.  MISO commits resources in real time for many 

reasons, including to (a) meet capacity needs that can arise during peak load or sharp ramping 

periods, (b) meet real-time load that was under-scheduled in the day-ahead market, or (c) secure 

a transmission constraint, a local reliability need, or to maintain voltage in a location.   

MISO makes many voltage and local reliability (VLR) commitments, predominantly in the day-

ahead market.  Most VLR commitments occur in the South region to manage load pocket 

requirements.  In order to satisfy these requirements and accommodate the startup times of the 

required resources, MISO makes reliability commitments in advance of or in the day-ahead 

markets.  A significant portion of the day-ahead RSG is associated with these VLR resources. 

Peaking resources are the most likely to receive RSG payments because they are the highest-cost 

class of resources and, even when setting the price, they receive minimal LMP margins to cover 

their startup and no-load costs.  Additionally, peaking resources frequently do not set the energy 

price because they are operating at their economic minimum, so the price is set by a lower-cost 

unit.  This increases the likelihood that an RSG payment may be required.   

Figure A50 and Figure A51: RSG Payments 

Figure A50 shows the total day-ahead RSG payments and distinguishes between payments made 

for VLR and capacity needs.  In addition, capacity payments made to units in MISO South NCAs 

are separately identified because these units are typically committed for VLR and are frequently 

subject to the tighter VLR mitigation criteria.  The results are adjusted for changes in fuel prices, 

although nominal payments are indicated separately.  Figure A51 shows total real-time RSG 

payments and distinguishes among payments made to resources committed for overall capacity 

needs, to manage congestion, or for voltage support. 

 
9  Specifically, this is the lower of a unitôs as-committed or as-dispatched offered costs. 
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Figure A50: Total Day-Ahead RSG Payments 

Fuel-Cost Adjusted, 2018ï2019  

 

Figure A51: Total Real-Time RSG Payments 

Fuel-Cost Adjusted, 2018ï2019  
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Figure A52: RSG for Units Committed for RDT 

MISO has made a substantial number of resource commitments in the Midwest or South to 

satisfy regional capacity needs when the Regional Directional Transfer constraint is binding or 

potentially binding.  These commitments are not generally needed to manage the dispatch flows 

over the RDT, but they ensure that sufficient capacity is available in the importing region. 

These commitments are made outside of the market because MISOôs markets do not include 

regional capacity requirements.  In more recent months, particularly during periods of high 

generator outages in MISO South, MISO has incurred significant RSG for these types of 

commitments, and the costs of the commitments are allocated across the entire MISO footprint 

under the DDC rate.  We evaluated the magnitude of these costs to determine the benefit of a 

regional reserve product, which FERC approved in January 2020.  Implementation of the 

regional ñShort-Term Reserveò product is scheduled for December 2021. 

Figure A52 below shows the total RSG that MISO has incurred for these commitments since 

January 2018 and in which region (Midwest or South) the commitments were located.  The 

maroon segment of the bars shows RSG payments to resources in the Midwest, and the blue bar 

segments indicate the resources that were committed in the South region.   

Figure A52: RSG for Units Committed for RDT 

2018ï2019 
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Figure A53: Allocation of RSG Charges 

The RSG process was substantively revised in April 2011 to better reflect cost causation.  Under 

the revised allocation methodology, RSG-eligible commitments are classified as satisfying either 

a congestion management (or other local need) or a capacity need.  When committing a resource 

for congestion management, MISO operators identify the particular constraint that is being 

relieved.  Supply and demand deviations from the day-ahead market that contribute to the need 

for the commitment, or deviations that increase flow on the identified constraint, are allocated a 

share of the RSG costs under the Constraint Management Charge (CMC) rate.  Any residual 

RSG cost is then allocated market-wide on a load-ratio share basis (ñPass 2ò).10 

Figure A53 summarizes how real-time RSG costs were allocated among the DDC, CMC, and 

Pass 2 charges in each month from 2017 to 2019.  Until March 2014, the CMC allocations were 

inappropriately limited based on the GSF of the committed unit, which caused a significant 

portion of constraint-related RSG costs to be allocated under the DDC charge.   

Figure A53: Allocation of RSG Charges 

By Month, 2017ï2019 

 
 

 
10  A portion of constraint-related RSG costs may be allocated to ñPass 2ò if they are associated with real-time 

transmission derates or loop flow. 










































































































































































































































