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I. INTRODUCTION  

This Analytic Appendix provides an extended analysis of the topics raised in the main body of 

the State of the Market Report. We present the assumptions, methods, and motivation for each of 

the analyses. Therefore, it is intended to serve as a useful reference document to accompany the 

report since our conclusions from these analyses and how they relate to the performance of the 

markets are discussed in the report. In addition, the body of the report includes a discussion of 

our recommendations to improve the design and competitiveness of the market. 

The sections and analyses are intended to track the order of topics in the main body of the State 

of the Market Report. However, this appendix contains many figures and tables that are not 

included in the report. These figures and tables provide additional insight and detail or show the 

analytic results in a more disaggregated form. 

We want to express our appreciation to MISO staff for their cooperation and support in 

providing data, other information, and feedback on numerous topics and issues addressed in this 

report.  
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II.  PRICES AND LOAD TRENDS 

In this section, we provide our analyses of the prices and outcomes in MISOôs day-ahead and 

real-time energy markets. 

A. Market Prices 

In a well-functioning, competitive market, suppliers have an incentive to offer at their marginal 

costs. Therefore, energy prices should correspond closely with resourcesô marginal production 

costs, which are primarily comprised of fuel costs for most resources.  

Figure A1: All-In Price of Electricity 

Figure A1 shows the monthly ñall-inò price of electricity from 2023 to 2024 along with the price 

of natural gas at the Chicago Citygate trading hub. The leftmost section shows the annual 

average prices for 2014 through 2024. The all-in price represents the cost of serving load in 

MISOôs electricity market. It includes the load-weighted real-time energy cost, as well as real-

time ancillary services costs, uplift costs, and capacity costs (PRA clearing price multiplied by 

the capacity requirement) per MWh of real-time load. We separately show the portion of the all-

in energy price that is associated with shortage pricing for one or more products.  

Figure A1: All -In Price of Electricity  

2023ï2024 
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 Figure A2: Cross Market All-In Price Comparison 

To provide perspective on how the MISO markets compare to the other eastern RTOs, Figure A2 

shows the all-in price for each market from 2022 through 2024. These markets have migrated to 

similar market designs, including locational energy markets, operating reserves and regulation 

markets, and capacity markets (with the exception of ERCOT). However, the details of the 

market rules can vary substantially.  

Figure A2: Cross Market All -In Price Comparison 

  2022ï2024 

 

Figure A3: Real-Time Energy Price-Duration Curves 

Figure A3 shows the real-time hourly prices at seven representative locations in MISO in the 

form of a price-duration curve. A price-duration curve shows the number of hours (on the 

horizontal axis) when the LMP is greater than or equal to a particular price level (on the vertical 

axis). The differences between the curves in this figure are due to congestion and losses, which 

cause energy prices to vary by location. 

The table inset in the figure provides the percentage of hours with prices greater than $200, 

greater than $100, and less than $0 per MWh in the three most recent years. The highest prices 

often occur during peak load periods when shortage conditions are most common. Prices in these 

hours are an important component of the economic signals that govern investment and retirement 

decisions. Broad changes in prices are generally driven by changes in underlying fuel prices that 

affect many hours. In contrast, changes in prices at the high end of the duration curve are usually 

attributable to differences in weather-related peak loads that impact the frequency of shortage 

conditions. 
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Figure A3: Real-Time Energy Price-Duration Curve 

2022ï2024 

 
Figure A4: MISO Fuel Prices 

Fuel prices are a primary determinant of energy prices because they are the majority of most 

generatorsô marginal costs. Natural gas-fired resources set energy prices in most peak hours and 

coal-fired units in many off-peak hours. Figure A4 shows both fuel prices at multiple locations. 

Figure A4: MISO Fuel Prices 
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Figure A4 shows the prices for natural gas at Henry Hub and Chicago Citygate and two types of 

coal in the MISO region since the beginning of 2023. The figure shows nominal prices in dollars 

per million British thermal units (MMBtu). The table below the figure shows the annual average 

nominal prices between 2022 and 2024 for each type of fuel. 

Figure A5: Implied Marginal Heat Rate 

Fluctuations in marginal fuel prices can obscure the underlying trends and performance of the 

electricity markets. To estimate the effects on prices of factors other than the change in fuel 

prices, we calculate an ñimplied marginal heat rate.ò  This is calculated by dividing the real-time 

energy price by the natural gas price. Figure A5 shows the monthly and annual average implied 

marginal heat rates in the blue bars, plotted against the left axis, and the average nominal system 

marginal price (SMP) in the red diamonds plotted against the right axis. To calculate this metric, 

we first calculate a daily implied heat rate based on the daily average SMP divided by the daily 

maximum gas price between Chicago Citygate and the Henry Hub. We then average the daily 

values for each month to calculate the monthly averages.  

Figure A5: Implied Marginal Heat  Rate 

2023ï2024 

 

B. Fuel Prices and Energy Production 

Figure A6: Price Setting by Unit Type 

Figure A6 examines the frequency with which different types of generating resources set the 

real-time SMP in MISO. The top panel in the figure shows the average prices when each type of 
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unit was on the margin, and the bottom panel shows the share of market intervals that each type 

of unit set the real-time price. 

While baseload coal-fired units historically set prices in the majority of hours, that share has 

been declining over time. 2018 was the first year that coal resources set the marginal energy 

price less frequently than gas-fired resources. Nearly all wind resources can be economically 

curtailed when contributing to transmission congestion. Because their incremental costs are 

mostly a function of lost production tax credits, wind units often set negative prices in export-

constrained areas when they must be ramped down to manage congestion. 

Figure A6: Price-Setting by Unit Type 

2023ï2024 

 

Table A1: Capacity, Energy Output, and Price-Setting by Fuel Type 

Table A1 summarizes how changes in fuel prices have affected the share of energy produced by 

fuel-type, as well as the generators that set the real-time energy prices in 2024 compared to 2023. 

The lowest marginal cost resources (coal and nuclear) produce half of the total energy. Because 

natural gas-fired units are higher marginal-cost resources, they tend to produce a lower share of 

MISOôs energy than their share of MISOôs installed capacity. While wind and solar resources 

comprise a small share of MISOôs unforced capacity because of their intermittent nature, their 

contribution to energy output is much higher. 
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Table A1: Capacity, Energy Output, and Price-Setting by Fuel Type 

2023ï2024 

 

C. Load and Weather Patterns 

Figure A7: Load Duration Curves and 2024 Peak Load 

Although market conditions can still be tight in the winter and shoulder seasons because of 

generation, transmission outages, and fuel supply issues, MISO continues to be a summer-

peaking market. To show the hourly variation in load, Figure A7 shows load levels for 2024 and 

the prior two years in the form of hourly load duration curves. These curves show the number of 

hours on the horizontal axis in which load is greater than or equal to the level indicated on the 

vertical axis. We show curves for 2022 through 2024 separately.  

Figure A7: Load Duration Curves and 2024 Peak Load 

2022ï2024 

 

2023 2024 2023 2024 2023 2024 2023 2024 2023 2024

Nuclear 11,058     10,988     8% 8% 14% 14% 0% 0% 0% 0%

Coal 39,959     37,417     30% 28% 28% 26% 36% 36% 79% 77%

Natural Gas 64,588     63,636     49% 48% 39% 39% 63% 63% 94% 91%

Oil 1,476       1,436       1% 1% 0% 0% 0% 0% 1% 0%

Hydro 4,059       3,783       3% 3% 1% 1% 1% 1% 2% 2%

Wind 9,349       11,362     7% 9% 15% 15% 0% 0% 59% 64%

Solar 1,362       3,880       1% 3% 1% 2% 0% 0% 8% 10%

Other 674          823          1% 1% 1% 2% 0% 0% 1% 2%

Total 132,526   133,326   

Unforced Capacity Energy Output Price Setting

Total (MW) Share (%) Share (%) SMP (%) LMP (%)
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Load duration curves reveal the changes in load that are due to economic activity and weather 

conditions, among other things. The inset table indicates the number and percentage of hours 

when load exceeded 80, 90, 100, and 110 GW. The figure shows the actual and predicted peak 

load for 2024. The ñPredicted Peak (50/50)ò is the predicted peak load where MISO expected the 

load could be higher or lower than this level with equal probability. The ñPredicted Peak 

(90/10)ò is the predicted peak load where actual peak will be at or below this level with 90 

percent probability (i.e., there is only a 10 percent probability of load peaking above this level). 

Figure A8: Heating and Cooling Degree-Days 

MISOôs load is temperature sensitive. Figure A8 illustrates the influence of weather on load by 

showing heating and cooling degree-days that are a proxy for weather-driven demand for energy. 

These are shown along with the monthly average load levels for the prior three years. 

The top panel shows the monthly average loads in the bars and the peak monthly load in the 

diamonds. The bottom panel shows monthly Heating Degree-Days (HDD) and Cooling Degree-

Days (CDD) averaged over the 10 years prior to 2022 across four representative cities in MISO 

Midwest and two cities in MISO South.1 The table at the bottom shows the year-over-year 

changes in average load and degree-days.  

Figure A8: Heating and Cooling Degree-Days 

2022ï2024 

 

 
1  HDDs and CDDs are defined using daily temperature observations relative to a base temperature (in this case, 

65 degrees Fahrenheit). For example, a mean temperature of 25 degrees Fahrenheit in a particular week in 

Minneapolis results in (65-25) * 7 days = 280 HDDs. To account for the relative impact of HDDs and CDDs, 

HDDs are inflated by a factor of 6.07 to normalize the effects on load (i.e., so that one adjusted-HDD has the 

same impact on load as one CDD). This factor was estimated using a regression analysis. 
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D. Ancillary Services Markets 

Scheduling of energy and operating reserves, which include regulating reserves and contingency 

reserves, is jointly optimized in MISOôs real-time market software. As a result, opportunity cost 

trade-offs can result in higher energy prices and reserve prices. Energy and ancillary services 

markets (ASM) prices are additionally affected by reserve shortages. When the market is short of 

one or more ancillary services products, the demand curve for that product will set the market-

wide price for that product and be included in the price of higher valued reserves and energy. 

Ancillary services products include regulation, short-term reserves, and contingency reserves, 

which is comprised of spinning reserves and supplemental reserves.2  Total operating reserves 

are the sum of these products.  

The demand curves for the various ancillary services products in 2024 were:   

¶ Regulation: varies monthly according to the prior monthôs gas prices and averaged 
$139.76 per MWh. 

¶ Spinning Reserves: $65 per MWh (for shortages between zero and 10 percent of the 

market-wide requirement) and $98 per MWh (for shortages greater than 10 percent).3 

¶ Total Operating Reserves:4 

- For cleared reserves less than four percent of the market-wide requirement, the Value 

of Lost Load ($3,500 per MWh) minus the monthly demand curve price for 

regulation. 

- For cleared reserves between four and twelve percent, the estimated probability of 

lost load is based on a single large resource contingency. 

- For cleared reserves between twelve percent and the Most Severe Single Contingency 

(MSSC), the curve is flat at $2,100 per MWh and then steps down to $1,100 per 

MWh. 

¶ Short Term Reserves: In November 2022, MISO implemented a multi-step curve that 

reached a high step of $500 per MWh, replacing its previously curve set at $100 per MWh. 

The most important reserve constraint is the market-wide operating reserve requirement 

(contingency reserves plus regulation). This is because a shortage of total operating reserves has 

the greatest potential impact on reliability. Accordingly, the total operating reserve constraint has 

the highest-priced reserve demand curve. To the extent that increasing load and unit retirements 

reduce the capacity surplus in MISO, more frequent operating reserve shortages will play a key 

role in providing long-term economic signals to invest in new resources.  

 
2  Contingency Reserves provide a 10-minute response rate, whereas short-term reserves provide a 30-minute 

response rate. 

3  There is an additional $50 per MWh penalty called the ñMinGenToRegSpinPenalty.ò 

4  There is no separate demand curve for Supplemental Reserves. Prices for Supplemental Reserves during 

shortages are established by the Total Reserve demand curve (known as the operating reserve demand curve 

or ORDC). 
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Figure A9: Real-Time Ancillary Services Clearing Prices and Shortages 

Figure A9 shows monthly average real-time clearing prices for the four ancillary services 

products: regulation, spinning reserves, supplemental reserves, and short-term reserves.  

Supplemental reserves are the lowest quality contingency reserve because the technical 

requirements are less stringent than for regulation and spinning reserves. But because 

supplemental reserves will be short in conjunction with total reserves, a shortage of supplemental 

reserves is an operating reserve shortage. This will result in the largest shortage-pricing 

component in each of the other reserve prices and in the energy price. Figure A9 shows the 

frequency with which the system was short of each class of reserves, as well as the impact of 

each productôs shortage pricing. 

Figure A9: Real-Time ASM Prices and Shortage Frequency 

2024  

 
Note:  Supplemental Reserve shortages in the figure reflect Operating Reserve shortages. 

Additionally, higher-quality reserves can always be substituted for lower-quality reserves. 

Therefore, the price for spinning reserves will always be equal to or higher than supplemental 

reserves. Likewise, when a shortage occurs in a lower-quality reserve product, it appears in the 

price of all higher-quality reserves. 

Figure A10: Regulation Offers and Scheduling 

ASM offer prices and quantities are the primary determinants of ASM outcomes. Figure A10 

examines average regulation capability on MISO resources. Regulation capability is less than 
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spinning reserve capability because (a) it can only be provided by regulation-capable resources, 

and (b) it is limited to five minutes of bi-directional ramp capability.  

Clearing prices for regulating reserves can be considerably higher than the highest-cleared 

regulation offer prices because they reflect opportunity costs incurred when resources must be 

dispatched up or down from their economic level to provide bi-directional regulation capability. 

In addition, as the highest-quality ancillary service, regulation can substitute for either spinning 

or supplemental reserves. Hence, any shortage in those products will be reflected in the 

regulating reserve price as well.  

Figure A10: Regulation Offers and Scheduling 

2024  

 

The figure above distinguishes between the regulation that is available to the five-minute 

dispatch in the solid bars and quantities that are unavailable in the hashed bars. The figure 

separately shows the quantities unavailable because they are not offered by participants, not 

committed by MISO, or limited by dispatch level (i.e., constrained by a unitôs operating limits). 

Figure A11: Contingency Reserve Offers and Scheduling  

MISO has two classes of contingency reserves: spinning reserves and supplemental reserves. 

Spinning reserves can be provided by online resources for up to 10 minutes of ramp capability 

(limited by available headroom above their output level). Supplemental reserves are provided by 

offline units that can respond within 10 minutes, including their startup and notification times. 

The contingency reserve requirement is satisfied by the sum of the spinning reserves and 

supplemental reserves.  
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As noted above, higher-valued reserves can be used to fulfill the requirements of lower-quality 

reserves. Therefore, prices for regulation always equal or exceed those for spinning reserves, 

which in turn always equal or exceed prices for supplemental reserves. As with regulation, 

spinning and supplemental reserve prices can exceed the highest cleared offer as a result of 

opportunity costs or shortage pricing. 

Figure A11 shows the quantity of spinning and supplemental reserve offers by offer price. Of the 

capability not available for dispatch, the figure distinguishes between quantities not offered, 

derated, and limited by dispatch level. 

Figure A11: Contingency Reserve Offers and Scheduling 

2024  
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III.  FUTURE MARKET NEEDS  

In this section, we illustrate the dramatic changes in MISOôs generation portfolio and the 

implications of these changes. We then identify the key market issues, non-market issues, and 

improvements that will allow MISO to successfully navigate this transition. 

A. Future Market Needs 

Figure A12: Anticipated Resource Mix 

MISOôs supply portfolio is expected to change substantially over the next 20 years. MISOôs 

interconnection queue is comprised of mostly renewable resources. MISO currently has more 

than 1,900 active projects in the interconnection queue, totaling over 330 GW. Almost half of 

these are solar projects, and an additional 15 percent are hybrid projects, while 17 percent are 

battery storage, and another 12 percent are wind projects.5   

Over the past few years, MISO has been producing three potential Future Scenarios to bound its 

expectations regarding the future needs of the system.6 Future 2 is an intermediate case that is 

the primary basis for MISOôs long-range transmission planning. Figure A12 shows the mix of 

resources in the prior Future 2 case published two years ago, as well as the most recent Future 

2A published this year. The stacked bars indicate the amount of capacity by fuel type in each 

year and case, beginning with the 2022 resource mix.  

Figure A12: Anticipated Resource Mix: 2032 and 2042 

 

As described in the report, we find Future 2A to be an unrealistic case. It uses unreasonably high 

accreditation assumptions for wind and solar resources, which causes its capacity expansion 

 
5  See: https://www.misoenergy.org/planning/resource-utilization/GI_Queue/. Data downloaded March 3, 2025. 
6  See: https://cdn.misoenergy.org/Series1A_Futures_Report630735.pdf 
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model, EGEAS, to forecast that enormous quantities of these resources will be built to satisfy 

reliability objectives. The figure includes a modified Future 2A-IMM case that assumes 

intermittent resources would not be built to satisfy reliability objectives because their reliability 

value falls as more enter. To calculate the differences in the IMM case, we determine the amount 

of capacity credit assumed to be provided by wind and solar resources built by EGEAS, then 

calculated an amount of batteries, hybrid resources, and gas resources that would provide the 

same capacity value. The purpose of this case is to illustrate the sizable effects of the 

assumptions MISO used in the EGEAS model. 

Figure A13 and Figure A14:  Share of Load Served by Wind Generation  

We conducted an analysis to illustrate the cumulative share of MISOôs load served by wind and 

how this share has changed over the past five years. In our analysis, we determined for each hour 

the total real-time wind generation and MISOôs total real-time load, as well as regional 

calculations of the same metrics. The wind generation share of load for each hour was calculated 

by dividing the total wind generation in the hour by the total load for the same hour. For the 

regional calculation, the numerator was the wind generated in MISOôs Midwest, and the 

denominator used was the sum of MISOôs real-time load in the Central and North regions for the 

same hour. In Figure A13 and Figure A14 below, the x-axis represents the percentage of load 

served by wind, and the y-axis shows the percentage of hours during the year when at least that 

wind share of load prevailed. We indicate in the table the average, median, and maximum share 

of MISOôs load that was served by wind output in 2019, 2022, and 2024. In addition to the 

elements in the market-wide figure, the Midwest figure brings a dropline at 30 percent, which is 

the level noted in the RIIA studies as the point at which renewable penetration could require 

additional investment and market design changes.  

Figure A13: Share of MISO Load Served by Wind Generation Over Time 

2019ï2024 
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Figure A14: Midwest Load Share Served by Wind Generation Over Time 

2019ï2024  

 
Figure A15 and Figure A16: Daily Range of Wind Generation Output  

Operational challenges arise because of the substantial fluctuations of the wind output. As these 

fluctuations grow, so do the wind forecast errors. To illuminate these challenges, we examined 

the daily range in wind output along with the average wind output each day from January 

through April  in Figure A15, and May through December 2024 in Figure A16.  

Figure A15: Daily Range of Wind Generation Output  

January ï April  2024 
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Figure A16: Daily Range of Wind Generation Output  

May ï December 2024 

 
In the figures, we plot the range of hourly wind output (minimum to maximum) for each day in 

the blue and pink bars. The black line represents the average wind production each day. The pink 

bars represent days when wind output fluctuated by more than 10 GW.  

Figure A17: Net Load in MISO on a Representative Winter Day 

MISOôs interconnection queue is comprised of mostly renewable resources. Solar resources are 

forecasted to grow more rapidly than any other resource type in the next 20 years.7  Given the 

timing of the expected increases and decreases in the output from solar resources in MISO, a 

large quantity of these resources would likely lead to significant changes in the systemôs ramping 

needs. Once solar resource output increases in the late morning, the conventional resources will 

need to ramp down to balance the solar output. A second demand to ramp up conventional 

resources will occur as solar output falls off sharply in the evening hours. These patterns are 

sharpest in the winter because MISOôs load peaks in the early morning and in the evening.    

Figure A17 illustrates these changes in ramp demands. It shows the net load on January 3, 2032, 

in the black line. The maroon line shows the actual solar production. The dotted and solid orange 

lines represent forecasted hourly solar production in 2032 consistent with the 5th and 95th 

percentile output levels, respectively. The green dotted and solid lines at the top of the figure 

represent the 5th and 95th percentile net load in 2032, respectively. These forecasts are based on 

MISOôs Future Scenario 2A projected solar capacity. We used hourly projected solar production 

to calculate the 5th and 95th percentile of anticipated hourly solar production. We assumed that 

load growth and growth in wind would scale up proportionally.  

 
7  See:  Final Draft MTEP20 Full Report, https://cdn.misoenergy.org//MTEP20%20Full%20Report485662.pdf 
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Figure A17: Net Load in MISO on a Representative Winter Day 

 

B. The Evolution of the MISO Markets to Satisfy MISOôs Reliability Imperative 

Figure A18: Uncertainty and MISOôs Operating Requirements 

The current market structure may limit MISOôs ability to realize the potential benefits of high 

renewable growth over the next five to ten years. Renewable technologies offer clean and low 

marginal-cost electricity at the expense of greater uncertainty and lower reliability than 

conventional resources. While increases in supply uncertainty will affect MISOôs planning 

processes and operations, market systems and products may need to be modified in turn to 

compensate and send signals for flexible resource investment.  

Figure A18 shows the market-wide net uncertainty from the perspectives of one and four-hour 

forecast leads. This is calculated using historical data on the combined impact of generation 

resource forced outages and forecast errors from load and renewables. We calculate the 

uncertainty typically faced on the system (the 50th percentile) and in the hours when uncertainty 

is higher (higher percentiles). The figure shows the uncertainty one hour ahead and four hours 

ahead (blue bars). The red, green, and purple lines indicate the underlying contributing factors of 

load forecast error, renewable forecast error, and generating resource trips and derates. 
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Figure A18: Uncertainty and MISOôs Operating Requirements  

January 2023 to December 2024  
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IV.  ENERGY MARKET PERFORMANCE  AND OPERATIONS 

MISOôs electricity markets operate in a two-settlement system, clearing in the day-ahead and 

real-time timeframes. The day-ahead market is financially binding, establishing one-day forward 

contracts for energy and ancillary services. The real-time market clears based on actual physical 

supply and demand and settles any deviations from day-ahead contracts at real-time prices.  

A. Day-Ahead Energy Prices and Convergence with Real-Time Prices 

Figure A19 and Figure A20: Day-Ahead Energy Hub Prices and SMP 

Figure A19 shows average day-ahead prices during peak hours (6 a.m. to 10 p.m. on non-holiday 

weekdays) at six hub locations in MISO and the day-ahead System Marginal Price (SMP).  

Figure A19: Day-Ahead Hub Prices and SMP 

Peak Hours, 2023ï2024 

 

Figure A20 shows similar results for off-peak hours (10 p.m. to 6 a.m. on weekdays and all hours 

on weekends and holidays). Higher prices in one location relative to another indicate congestion 

and loss factor differences between those areas. 



Appendix: Market Performance and Operations 

22  |  2024 State of the Market Report 

 

/ 

Figure A20: Day-Ahead Hub Prices and SMP 

Off-Peak Hours, 2023ï2024 

 

Convergence between day-ahead and real-time prices is a sign of a well-functioning day-ahead 

market, which is vital for overall market efficiency. If the day-ahead prices fail to converge with 

the real-time prices, then the real-time physical dispatch is not being anticipated in the day-ahead 

market. This can result in a) Generating resources not being efficiently committed because most 

are committed through the day-ahead market; b) Consumers and generators being substantially 

affected because most settlements occur through the day-ahead market; and c) Payments to FTR 

holders not reflecting the true transmission congestion on the network, which will ultimately 

distort future FTR prices and revenues. 

Participantsô day-ahead market bids and offers should reflect their expectations of the real-time 

market the following day. However, a variety of factors can cause real-time prices to be 

significantly higher or lower than those anticipated in the day-ahead market. While a well-

performing market may not result in prices converging on an hourly basis, they should converge 

on a longer-term basis. 

Figure A21 to Figure A26: Day-Ahead and Real-Time Prices 

The next seven figures summarize price convergence in the MISO markets by showing monthly 

average prices in the day-ahead and real-time markets at representative locations in MISO, along 

with the average RSG costs allocated per MWh.8 The table below the figures shows the average 

 
8  The rate is the Day-Ahead Deviation Charge (DDC) Rate, which excludes the location-specific Congestion 

Management Charge (CMC) Rate and Pass 2 RSG. 
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day-ahead and real-time price difference, including and excluding RSG charges. Real-time RSG 

is assessed to deviations from the day-ahead schedules that are settled through the real-time 

market, including net virtual supply. Real-time RSG charges are generally much higher than day-

ahead charges and, therefore, should lead to modest day-ahead price premiums. 

Figure A21: Day-Ahead and Real-Time Prices 

2023ï2024: Indiana Hub 

 

Figure A22: Day-Ahead and Real-Time Prices 

2023ï2024: Michigan Hub  
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Figure A23: Day-Ahead and Real-Time Prices 

2023ï2024: Minnesota Hub  

 

Figure A24: Day-Ahead and Real-Time Prices 

2023ï2024: Arkansas Hub  
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Figure A25: Day-Ahead and Real-Time Prices 

2023ï2024: Louisiana Hub  

 

Figure A26: Day-Ahead and Real-Time Prices 

2023ï2024: Texas Hub  
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Figure A27: Day-Ahead Ancillary Services Prices and Price Convergence 

Price convergence is also important in the ancillary services markets, which are jointly optimized 

with the energy markets. Figure A27 shows monthly average day-ahead clearing prices for each 

ancillary services product, along with day-ahead and real-time price differences. 

Figure A27: Day-Ahead Ancillary Services Prices and Price Convergence 

2024  

 

B. Day-Ahead Load Scheduling 

Load scheduling, Net Scheduled Interchange (NSI), and virtual trading in the day-ahead market 

play an important role in overall market efficiency by promoting optimal commitments and 

improved price convergence between day-ahead and real-time markets. Day-ahead load is the 

sum of physical load and virtual load. Physical load includes cleared price-sensitive load and 

fixed load. Price-sensitive load is scheduled (i.e., cleared) if the day-ahead price is equal to or 

less than the load bid. A fixed-load schedule does not include a bid price, indicating a desire to 

be scheduled regardless of the day-ahead price.  

Virtual trading in the day-ahead market consists of purchases or sales of energy that are not 

associated with physical load or resources. Similar to price-sensitive load, virtual load is cleared 

if the day-ahead price is equal to or less than the virtual load bid. Net day-ahead load is defined 

as day-ahead cleared physical load, plus cleared virtual load minus cleared virtual supply, plus 

NSI. The differences between net day-ahead load and real-time load are important because they 

can undermine the efficiency of the generator commitment patterns and raise RSG costs.  
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When net day-ahead load is significantly less than real-time load, particularly in the peak-load 

hour of the day, MISO will frequently need to commit peaking resources after the day-ahead 

market to satisfy the systemôs real-time demand. This can contribute to suboptimal real-time 

pricing and can result in inefficient outcomes when lower-cost generation scheduled in the day-

ahead market is displaced by peaking units committed in real time. Because these peaking units 

frequently do not set real-time prices (even though they are more expensive than other 

resources), the economic feedback and incentive to schedule more fully in the day-ahead market 

will be diluted.  

Additionally, significant supply increases after the day-ahead market can lower real-time prices 

and create an incentive for participants to schedule net load at less than 100 percent. The most 

common sources of increased supply in real time are: 

¶ Supplemental commitments made by MISO for reliability after the day-ahead market;  

¶ Self-commitments made by market participants after the day-ahead market;  

¶ Under-scheduled wind output in the day-ahead market; and 

¶ Real-time net imports above day-ahead schedules. 

Figure A28 to Figure A30: Day-Ahead Scheduled Versus Actual Loads 

To show net day-ahead load-scheduling patterns, Figure A28 compares the monthly average day-

ahead scheduled load to average real-time load. The figure shows only the daily peak hours when 

under-scheduling is most likely to require MISO to commit additional units. The table below the 

figure shows the average scheduling levels in all hours and for the peak hour. We show peak 

hour scheduling separately by region in Figure A29 and Figure A30.  

Figure A28: Day-Ahead Scheduled Versus Actual Loads 

2023ï2024, Daily Peak Hour  
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Figure A29: MISO Midwest Day-Ahead Scheduled Versus Actual Loads 

2023ï2024, Daily Peak Hour  

 

Figure A30: MISO South Day-Ahead Scheduled Versus Actual Loads 

2023ï2024, Daily Peak Hour  
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C. Load Forecasting 

Load forecasting is a key element of an efficient forward commitment process. Accuracy of the 

Mid-Term Load Forecast (MTLF) is important because it is used by the Forward Reliability 

Assessment Commitment (FRAC) process.  

Figure A31: Daily MTLF Error in Peak Hour 

Figure A31 shows the MTLF error as a percent of actual load in the peak hour of each day. 

Figure A31: Daily MTLF Error in Peak Hour   

 

D. Hourly  Day-Ahead Scheduling 

The day-ahead energy and ancillary services markets clear on an hourly basis. As a result, all 

day-ahead scheduled ramp demands coming into the real-time market, including unit 

commitments, de-commitments, and changes to physical schedules are concentrated at the top of 

each hour.  

MISO has several options to manage the impact of top-of-the-hour changes in real time, 

including staggering unit commitments (which can result in increased RSG payments) or 

proactively using load offsets in order to reduce ramp impacts. Nonetheless, the real-time ramp 

demands created by the current hourly resolution of the day-ahead market can be substantial and 

can produce significant real-time price volatility. MISO should consider implementing a shorter 

scheduling interval in the day-ahead market.  
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Figure A32: Ramp Demand Impact of Hourly Day-Ahead Market 

Figure A32 below shows the implied generation ramp demand attributable to day-ahead 

commitments and physical schedules compared to real-time load changes. When the sum of 

these changes is negative, online generators are forced to ramp up in real time to balance the 

market. When the sum of these factors is positive, generators are forced to ramp down in real 

time. The greatest ramp demand periods occur at the top of the hour because of day-ahead 

commitment changes and changes in NSI. 

Figure A32: Ramp Demand Impact of Hourly Day-Ahead Market 

Summer 2024  

 

E. Virtual Tra nsactions in the Day-Ahead Market 

Virtual trading provides essential liquidity to the day-ahead market because it constitutes a large 

share of the price sensitivity at the margin that is needed to establish efficient day-ahead prices. 

Virtual transactions scheduled in the day-ahead market are settled against real-time prices. 

Virtual trading is profitable when a trader buys low and sells high. For virtual demand bids, this 

is when the real-time energy price is higher than the day-ahead price. For virtual supply offers, 

this is when the day-ahead energy price is higher than the real-time price.  

Accordingly, if virtual traders expect day-ahead prices to be higher than real-time prices, they 

sell virtual supply forward and buy it back financially in the real-time market. If  they forecast 

higher real-time prices, they buy virtual load. This trading is one of the primary means to 

arbitrage prices between the two markets. Numerous empirical studies have shown that this 
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arbitrage converges day-ahead and real-time prices and, in doing so, improves market efficiency 

and mitigates market power.9  

Large sustained profits from virtual trading may indicate day-ahead modeling inconsistencies, 

while large losses may indicate an attempt to manipulate day-ahead prices. Attempts to create 

artificial congestion or other price movements in the day-ahead market using a virtual position 

would cause prices to diverge from real-time prices. This divergence would cause the virtual 

position to be unprofitable. We monitor for such behavior and utilize mitigation authority to 

restrict virtual activity when appropriate.  

Figure A33 and Figure A34: Day-Ahead Virtual Transaction Volumes 

Figure A33 shows the average offered and cleared amounts of virtual supply and virtual demand 

in the day-ahead market from 2023 to 2024. Figure A34 separates the 2024 volumes by region. 

The virtual bids and offers that did not clear are shown as dashed areas at the end points (top and 

bottom) of the solid bars. These are virtual bids and offers that were not economic based on the 

prevailing day-ahead market prices (supply offered above the clearing price and demand bid 

below the clearing price). 

Figure A33: Day-Ahead Virtual Transaction Volumes 

2023ï2024  

 

 
9  Chaves, Jose Pablo and Yannick Perez. 2010. Virtual Bidding: A Mechanism to Mitigate Market Power in Electricity 

Markets: Some Evidence from New York Market, Working Paper. 

 Hadsell, Lester, and Hany A. Shawky. 2007. One-Day Forward Premiums and the Impact of Virtual Bidding on the New 

York Wholesale Electricity Market Using Hourly Data, Journal of Futures Markets 27(11). 

 Mercadal, Ignacia. 2015. Dynamic Competition and Arbitrage in Electricity Markets: The Role of Financial Players. 

Working Paper, University of Chicago, October 2015.  
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Figure A34: Day-Ahead Virtual Transaction Volumes by Region 

2024 

 

The figures above separately distinguish between price-sensitive and price-insensitive bids. 

Price-insensitive bids are those that are very likely to clear (supply offers priced well below the 

expected real-time price and demand bids priced well above the expected real-time price). For 

the purpose of these figures, bids and offers submitted at more than $20 above or below an 

expected real-time price are considered price insensitive. A subset of these transactions 

contributed materially to an unexpected difference in congestion between the day-ahead and real-

time markets and warranted further investigation. These volumes are labeled óScreened 

Transactionsô in the figures. 

Figure A35 to Figure A38: Virtual Transaction Volumes by Participant Type 

The next figures show day-ahead virtual transactions by participant type. This is important 

because participants engage in virtual trading for different purposes. Physical participants are 

more likely to engage in virtual trading to hedge or manage the risks associated with their 

physical positions. Financial participants are more likely to engage in speculative trading 

intended to arbitrage differences between day-ahead and real-time markets. The latter class of 

trading is the conduct that improves the performance of the markets. Figure A35 shows the same 

results but additionally distinguishes between physical participants that own generation or serve 

load (including their subsidiaries and affiliates) and financial-only participants. Figure A36 and 

Figure A37 show the same values by region, and Figure A38 shows these values by type of 

location. 
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Figure A35: Virtual Transaction Volumes by Participant Type 

2024  

 

Figure A36: Virtual Transaction Volumes by Participant Type 

MISO Midwest, 2024  
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Figure A37: Virtual Transaction Volumes by Participant Type 

MISO South, 2024  

 

Figure A38: Virtual Transaction Volumes by Participant Type and Location  

2022ï2024  
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Figure A38 above disaggregates transaction volumes further by type of participant and four types 

of locations: hub locations, load zones, generator nodes, and interfaces. Hubs, interfaces, and 

load zones are aggregations of many electrical nodes and, therefore, are less prone to congestion-

related price spikes than generator locations.  

Figure A39: Matched Price-Insensitive Virtual Transactions 

Figure A39 shows monthly average cleared virtual transactions that are considered price 

insensitive. As discussed above, price-insensitive bids and offers are priced to make them very 

likely to clear. The figure also shows the subset of transactions that are ñmatched,ò which occur 

when the participant clears both insensitive supply and insensitive demand in a particular hour.  

Price-insensitive transactions are most often placed for two reasons: 

¶ A participant seeks an energy-neutral position relative to a particular constraint. This 

allows the participant to arbitrage differences in congestion and losses between locations. 

¶ A participant seeks to balance their portfolio. RSG or Day-Ahead Headroom and 

Deviation Charges (DDC) to virtual participants are assessed to net virtual supply, so 

participants can avoid such charges by clearing equal amounts of supply and demand.  

Figure A39: Matched Price-Insensitive Virtual Transactions 

2023ï2024  

 

Figure A40: Comparison of Virtual Transaction Levels 

To compare trends in MISO to other RTOs, Figure A40 shows cleared virtual supply and 

demand in MISO, ISO-NE, and NYISO as a share of actual load.  
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Figure A40: Comparison of Virtual Transaction Levels 

2023ï2024 

 

F. Virtual Profitability  

The next set of charts examines the profitability of virtual transactions in MISO. In a well-

arbitraged market, profitability is expected to be low. However, in a market with a prevailing 

day-ahead premium, virtual supply should generally be more profitable than virtual demand. 

 Table A2: Comparison of Virtual Trading Volumes and Profitability 

To provide perspective on the virtual trading in MISO, Table A2 compares virtual trading in 

MISO to trading in NYISO, ISO New England, SPP, and PJM. 

Table A2: Comparison of Virtual Trading Volumes and Profitability  

2024 

 

Market
MW as a 

% of Load 

Avg 

Profit

MW as a % 

of Load 
Avg Profit

MISO 15.8% $0.39 14.5% $0.51

NYISO 6.3% -$0.64 7.4% $0.82

ISO-NE 3.1% -$2.64 6.6% $2.21

SPP 10.1% $0.64 15.9% $3.83

PJM 5.9% $0.05 5.6% $1.20

Virtual Load Virtual Supply
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Figure A41 to Figure A42: Virtual Profitability 

Figure A41 and A47 show monthly profits and average gross profitability of cleared virtuals in 

aggregate and by participant type. This is the difference between the day-ahead price and real-

time prices at which virtuals were cleared. Gross profitability excludes RSG cost allocations.  

Figure A41: Virtual Profitability  

2023ï2024  

 

Figure A42: Virtual Profitability by Participant Type  in 2024 
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G. Benefits of Virtual Trading   

We conducted an empirical analysis of virtual trading in 2024 that evaluated virtual transactionsô 

contribution to the efficiency of market outcomes. Our analysis categorized virtual transactions 

into those that led to greater market efficiency as evidenced by their profitability on consistently 

modeled constraints, those that did not improve efficiency as evidenced by their unprofitability, 

and those transactions that, while profitable, did not produce efficiency benefits. We examined 

our results both in terms of quantities (MWh) and net profits.  

The virtual transactions in each category provide an indication of what percentage of virtual 

activity contributed to market efficiency. Net profits, calculated as the difference between the 

profits and the losses on consistently modeled constraints, indicate whether virtual transactions 

contributed to better market efficiency in MISO by providing incrementally better commitments 

in the day-ahead market and leading to better convergence.  

To conduct our analysis, we first identified constraints that were modeled consistently in the day-

ahead and real-time markets and those that were not. We categorized efficiency-enhancing 

virtual transactions as those that were profitable based on congestion modeled in the day-ahead 

and real-time markets, as well as the marginal energy component (system-wide energy price). 

We did not include transactions that were profitable because of unmodeled constraints or day-

ahead and real-time marginal loss factor divergence. Profits from these factors do not lead to 

more efficient day-ahead market outcomes. We also identified virtual transactions that were 

unprofitable but efficiency-enhancing because they led to improved price convergence. This 

happens when virtual transactions respond to a real-time price trend but overshoot, so they are 

ultimately unprofitable at the margin. 

We designed tests based on an observed transaction at time t and an associated lagged value (t-24 

for observations in hours 0ï11 and t-48 for observations in hours 12ï24). These lagged values 

correspond to the real-time prices a participant would have observed by the time the participant 

submitted bids or offers for the next day in the day-ahead market. We used three tests to identify 

unprofitable efficiency-enhancing virtual transactions: 

¶ Convergence Test: Whether the absolute value of the difference between the day-ahead 

and real-time LMPs at time t was less than the absolute value of the differences between 

the day-ahead and real-time LMPs in the lagged time period.  

¶ Day-Ahead Price Movement Test: Whether the movement in the day-ahead price 

improved convergence as defined by the absolute value of the difference between the 

day-ahead and real-time LMP at time t being smaller than the absolute value of the 

difference between the lagged day-ahead price and the current real-time price.  

¶ Virtual Directional Test: Whether the virtual trade helped move the day-ahead price in 

the right directionðthe virtual bid or offer would have been profitable based on the 

lagged difference between the day-ahead and real-time price.  

Virtual transactions that did not improve efficiency were those that were unprofitable based on 

the energy and congestion on modeled constraints and did not contribute to price convergence. 
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Table A3 to Table A5: Efficient and Inefficient Virtual Transactions in 2024   

The following tables summarize the virtual transaction quantities, profits, and losses in the 

efficiency-enhancing and non-efficiency-enhancing categories in 2024. Table A3 to Table A5 

show all participants combined, financial participants, and physical participants. 

Table A3: Efficient and Inefficient Virtual Transactions in 2024 

 

Table A4: Efficient and Inefficient Virtual Transactions  in 2024 ï Financial Participants 

 

Table A5: Efficient and Inefficient Virtual Transactions in 2024 ï Physical Participants 

 

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 96,982,677       $1,246.4M $4.1M -$18.6M

Efficiency Enhancing (Unprofitable) 15,689,283       -$100.0M $5.7M $10.4M

Total Efficiency 112,671,960    $1,146.4M $9.8M -$8.2M

Not Efficiency Enhancing (Profitable) 5,991,445         -$24.3M $7.4M $45.7M

Not Efficiency Enhancing (Unprofitable) 83,043,217       -$1,097.1M $15.8M -$5.7M

Total Inefficiency 89,034,662      -$1,121.3M $23.3M $40.0M

Total 201,706,621     $25.1M $33.1M $31.8M

All Participants

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 86,466,568       $1,126.6M $3.8M -$18.6M

Efficiency Enhancing (Unprofitable) 13,720,911       -$89.7M $5.1M $9.3M

Total Efficiency 100,187,479    $1,036.9M $9.0M -$9.2M

Not Efficiency Enhancing (Profitable) 5,142,360         -$21.9M $6.6M $41.6M

Not Efficiency Enhancing (Unprofitable) 72,557,425       -$986.6M $14.7M -$6.5M

Total Inefficiency 77,699,785      -$1,008.5M $21.2M $35.1M

Total 177,887,264     $28.4M $30.2M $25.9M

Financial Participants

MWh
Convergent 

Profits

Rent-Seeking 

Loss

Rent-Seeking 

Congestion

Efficiency Enhancing (Profitable) 10,516,109       $119.8M $.3M $.0M

Efficiency Enhancing (Unprofitable) 1,968,372         -$10.3M $.6M $1.1M

Total Efficiency 12,484,481      $109.5M $.8M $1.1M

Not Efficiency Enhancing (Profitable) 849,085            -$2.4M $.9M $4.0M

Not Efficiency Enhancing (Unprofitable) 10,485,792       -$110.4M $1.2M $.8M

Total Inefficiency 11,334,877      -$112.9M $2.0M $4.8M

Total 23,819,358       -$3.4M $2.9M $5.9M

Physical Participants
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The profits and losses shown in the tables above are useful because they account for the fact that 

some transactions are relatively more efficient or relatively more inefficient than others. Each 

table also shows rents earned by virtual transactions, which are profits that do not produce 

efficiency benefits. The rents reflect profits associated with un-modeled day-ahead constraints 

and differences in the loss components between the two markets. These rents do not generally 

indicate a concern with virtual trading but rather opportunities for MISO to improve the 

consistency of its modeling between the day-ahead and real-time markets. 

Importantly, the total benefits are much larger than the marginal net benefits shown above 

because: a) profits of efficient virtual transactions become smaller as prices converge; and b) 

losses of inefficient virtual transactions get larger as prices diverge. To accurately calculate this 

total benefit would require one to re-run all of the day-ahead and real-time market cases for the 

entire year. Nonetheless, our analysis allows us to establish with a high degree of confidence that 

virtual trading was beneficial to market efficiency in 2024. 

H. Evaluation of ELMP Effects 

MISO reformed its day-ahead and real-time energy pricing through implementation of the 

Extended Locational Marginal Pricing algorithm (ELMP) in 2015. The purpose of ELMP is to 

ensure prices reflect the true system marginal costs ï it is needed because inflexible high-cost 

units are frequently not recognized as marginal, even though they are needed. The most prevalent 

class of such units is online natural gas-fired turbines. Because it is frequently not economic to 

turn them off (they are the lowest cost means to satisfy the energy needs of the system), it is 

appropriate for the energy prices to reflect the running cost of these units.  

ELMP is a price-setting engine that does not affect the dispatch. ELMP reforms pricing by 

allowing online inflexible resources to set the LMP if the inflexible unit is economic. These 

resources include online ñFast-Start Resourcesò (currently including units that can start within 60 

minutes) and demand response resources.  

In addition to FSRs, emergency actions and resources can set prices in ELMP during declared 

emergencies. In September 2021, MISO implemented recommended improvements to its 

emergency pricing by: (i) expanding the set of resources that can set prices during an emergency 

event10 and setting minimums on the Tier 1 and 2 Emergency Offer Floor Prices at $500 and 

$1,000 per MWh, respectively.11 MISO also updated the value of Reserve Procurement 

Enhancement (RPE) constraints to $200 per MWh during emergencies.  

Figure A43 to Figure A45: ELMP Price Effects 

Figure A43 to Figure A45 summarize the effects of ELMP by showing the average upward and 

downward effects and the frequency that the ELMP model altered the prices upward and 

downward. These metrics are shown for the market-wide ñsystem marginal priceò real-time and 

day-ahead energy price, as well as for the LMP at the most affected locations (i.e., congestion-

 
10  Resources offering up to four hours to start and a minimum run time up to four hours may now set the price 

during emergency conditions (Tier 0 Emergency Offer Floor Price) when MISO declares a Max Gen Alert. 
11   Tier 1 Emergency Offer Floor Prices apply when MISO declares a Max Gen Warning, while Tier 2 applies 

when MISO declares a Max Gen Event Step 2. 



Appendix: Market Performance and Operations 

2024 State of the Market Report  |  41   

 

/ 

related effects). Additionally, to show the size of the ELMP price adjustments, the tables below 

each of the first two figures show the size of the adjustments in those intervals that the ELMP 

model affected the price.  

Figure A43: The Effects of Fast Start Pricing in ELMP  

Real-Time Market, 2023 2024 

 

Figure A44: Average Market-Wide Price Effects of ELMP  

Day-Ahead Market, 2024 
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Figure A45: Price Effects of ELMP at Most Affected Locations 

Real-Time Market, 2023 2024 

 

Figure A46 and Figure A47: EEA2 Pricing and RDT Flows 

Figure A46 shows the ex-ante and ex-post pricing outcomes on June 10, 2021 when MISO 

declared an EEA2 event in the Midwest region and committed 3.2 GW of Midwest LMRs. The 

RDT flows are shown in the bottom panel with ex-post LMPs for the Midwest (red line) and 

South (blue) alongside the ex-ante SMP (black dashed) in the top panel.  

Figure A46: Actual EEA2 Pricing and RDT Flows 

June 10, 2021 
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Figure A47 below shows the same event after modeling our recommendation to model LMRs as 

STR demand in the ELMP model. The lines from the first figure are shown as semi-transparent 

to compare the alternative market solution. 

Figure A47: Simulated, Proposed EEA2 Pricing and RDT Flows 

June 10, 2021 

 

I. Spinning Reserve Shortages 

Figure A48: Market Spin Shortage Intervals Versus Rampable Spin Shortage Intervals 

MISO operates with a minimum required amount of spinning reserves that can be deployed 

immediately for a contingency response. Market shortages generally occur because the costs that 

would be incurred to maintain the spinning reserves exceed the spinning reserve penalty factor 

(i.e., the implicit value of spinning reserves in the real-time market). 

Units scheduled for spinning reserves may temporarily be unable to provide the full quantity in 

10 minutes if MISO is ramping them up to provide energy. To account for concerns that ramp-

sharing between ASM products could lead to real ramp shortages, MISO maintains a market 

scheduling requirement that exceeds its real ñrampableò spinning requirement by more than 200 

MW. As a result, market shortages can occur when MISO does not schedule enough resources in 

the real-time market to satisfy the market requirement but is not physically short of spinning 

reserves.12  To minimize such outcomes, MISO should set the market requirement to make 

market results as consistent with real conditions as much as possible.  Figure A48 shows all 

intervals in 2024 with a real (physical) shortage, a market shortage, or both, as well as the 

physical and market requirements.  

 
12  It is also possible for the system to be physically short temporarily, when units are ramping to provide energy, 

but not indicate a market shortage because ramp capability is shared between the markets.  
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Figure A48: Market Spin Shortage Intervals Versus Rampable Spin Shortage Intervals 

 

J. Supplemental Reserve Deployments 

Figure A49: Supplemental Reserve Deployments 

Supplemental reserves are deployed during Disturbance Control Standard (DCS) and Area 

Reserve Sharing (ARS) events. Figure A49 shows offline supplemental reserves deployed in 

2023 and 2024, separately showing those that were successful within 10 and 30 minutes.    

Figure A49: Supplemental Reserve Deployments 
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The figure includes the RSG payments to deployed offline reserves. Because their commitment 

costs are not considered when scheduling supplemental reserves, high uplift payments could 

indicate a need to consider expected deployment costs when scheduling reserves. 

K. Uplift Costs:  RSG Payments 

RSG payments compensate generators committed by MISO when market revenues are 

insufficient to cover the generatorsô production costs.13  Generally, MISO makes most of these 

out-of-merit commitments in real time to satisfy the reliability needs of the system and to 

account for changes occurring after the day-ahead market. Because these commitments receive 

market revenues from the real-time market, their production costs in excess of these revenues are 

recovered under real-time RSG payments. MISO commits resources in real time for many 

reasons, including to (a) meet capacity needs that can arise during peak load or sharp ramping 

periods, (b) meet real-time load that was under-scheduled in the day-ahead market, or (c) secure 

a transmission constraint, a local reliability need, or to maintain voltage in a location.  

MISO makes many voltage and local reliability (VLR) commitments, predominantly in the day-

ahead market. Most VLR commitments occur in the South region to manage load pocket 

requirements. In order to satisfy these requirements and accommodate the startup times of the 

required resources, MISO makes reliability commitments in advance of or in the day-ahead 

markets. A significant portion of the day-ahead RSG is associated with these VLR resources. 

Peaking resources are the most likely to receive RSG payments because they are the highest-cost 

class of resources and, even when setting the price, they receive minimal LMP margins to cover 

their startup and no-load costs. Additionally, peaking resources frequently do not set the energy 

price because they are operating at their economic minimum, so the price is set by a lower-cost 

unit. This increases the likelihood that an RSG payment may be required.  

Figure A50 and Figure A51: RSG Payments 

Figure A50 shows the total day-ahead RSG payments and distinguishes between payments made 

for VLR and capacity needs. In addition, capacity payments made to units in MISO South NCAs 

are separately identified because these units are typically committed for VLR and are frequently 

subject to the tighter VLR mitigation criteria. In August 2022, MISO implemented a new op 

guide to fully incorporate the impacts of the addition of a large, 1 GW combined-cycle facility in 

early 2021 in WOTAB. The categorized columns represent monthly nominal RSG, and the green 

circles are total monthly RSG adjusted for changes in fuel prices. Figure A51 shows total real-

time RSG payments and distinguishes among payments made to resources committed for overall 

capacity needs, to manage congestion, or for voltage support.  

 
13  Specifically, this is the lower of a unitôs as-committed or as-dispatched offered costs. 
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Figure A50: Day-Ahead RSG Payments 

2023ï2024  

 

Figure A51: Real-Time RSG Payments 

2023ï2024  

 



Appendix: Market Performance and Operations 

2024 State of the Market Report  |  47   

 

/ 

Figure A52: RSG for Units Committed for RDT 

MISO has made a substantial number of resource commitments in the both the Midwest and 

South to satisfy regional capacity needs when the Regional Directional Transfer constraint is 

binding or potentially binding. These commitments are not generally needed to manage the 

dispatch flows over the RDT, but they ensure that sufficient capacity is available in the importing 

region. 

These commitments are made outside of the market because MISOôs markets do not include 

regional capacity requirements. In more recent months, particularly during periods of high 

generator outages in MISO South, MISO has incurred significant RSG for these types of 

commitments, and the costs of the commitments are allocated across the entire MISO footprint 

under the DDC rate. We evaluated the magnitude of these costs to determine the benefit of a 

regional reserve product, which FERC approved in January 2020. MISO implemented the 

ñShort-Term Reserveò product in December 2021. 

Figure A52 below shows the total RSG that MISO has incurred for these commitments since 

January 2023 and in which region (Midwest or South) the commitments were located. The 

maroon segment of the bars shows RSG payments to resources in the Midwest, and the blue bar 

segments indicate the resources that were committed in the South region.  

Figure A52: RSG for Units Committed for RDT 

2023ï2024 

 



Appendix: Market Performance and Operations 

48  |  2024 State of the Market Report 

 

/ 

Figure A53: Allocation of RSG Charges 

The RSG process was substantively revised in April 2011 to better reflect cost causation. Under 

the revised allocation methodology, RSG-eligible commitments are classified as satisfying either 

a congestion management (or other local need) or a capacity need. When committing a resource 

for congestion management, MISO operators identify the particular constraint that is being 

relieved. Supply and demand deviations from the day-ahead market that contribute to the need 

for the commitment, or deviations that increase flow on the identified constraint, are allocated a 

share of the RSG costs under the Constraint Management Charge (CMC) rate. Any residual RSG 

cost is then allocated market-wide on a load-ratio share basis (ñPass 2ò).14 

Figure A53 summarizes how real-time RSG costs were allocated among the DDC, CMC, and 

Pass 2 charges in each month from 2022 to 2024. Until March 2014, the CMC allocations were 

inappropriately limited based on the GSF of the committed unit, which caused a significant 

portion of constraint-related RSG costs to be allocated under the DDC charge. Additionally, we 

show the RSG costs incurred to satisfy VLR requirements in both the DA and the RT markets, 

which are allocated locally. We also show the RSG costs incurred to satisfy DA capacity, which 

are allocated market wide.  

Figure A53: Allocation of RSG Charges 

By Month, 2022ï2024 

 
 

 
14  A portion of constraint-related RSG costs may be allocated to ñPass 2ò if they are associated with real-time 

transmission derates or loop flow. 
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L. Uplift Costs: Price Volatility Make -Whole Payments 

MISO introduced the Price Volatility Make-Whole Payment (PVMWP) in 2008 to ensure 

adequate cost recovery from the real-time market for those resources offering dispatch 

flexibility . The payment ensures that suppliers following MISOôs dispatch signals are not 

financially harmed, removing a potential disincentive to providing more operational flexibility.  

The PVMWP consists of two separate payments: Day-Ahead Margin Assurance Payments 

(DAMAP) and Real-Time Operating Revenue Sufficiency Guarantee Payment (RTORSGP). 

DAMAP is paid when a resourceôs day-ahead margin is reduced as a result of being dispatched 

in real time to a level below its day-ahead schedule and it has to buy its day-ahead scheduled 

output back at real-time prices. Often, this payment is the result of short-term price spikes in the 

real-time market that are due to binding transmission constraints or ramp constraints. 

Conversely, the RTORSGP is made to a qualified resource that is unable to recover incremental 

energy costs when dispatched above its economic level in real time. Opportunity costs for 

potential revenues are not included in either payment. 

Table A6: Price Volatility Make-Whole Payments 

Table A6 shows the annual totals for DAMAP and RTORSGP, along with the price volatility at 

the system level (SMP volatility) and at the unit locations receiving the payments (LMP 

volatility). We separately indicate the amount of PVMWP MISO incurred during the December 

2022 arctic event (Winter Storm Elliott). 

Table A6: Price Volatility Make -Whole Payments ($ Millions) 

2023ï2024 

 

Table A7: Causes of DAMAP 

In addition to the reliability consequences of resources failing to follow MISOôs dispatch signals, 

prolonged dragging can result in substantial DAMAP. DAMAP costs arise when generators are 

dispatched below their day-ahead schedule when economic, which erodes their margins earned 

in the day-ahead market.  

This payment was intended to provide incentives for generators to be flexible and to be held 

harmless if MISO directs them to dispatch down in response to real-time prices. DAMAP was 

not intended to hold generators harmless when they produce less output than would be economic 

because they are performing poorly. Previously, generators would not lose eligibility for 

DAMAP when they perform poorly, and we addressed this in our recommendations. In May 

Midwest South Midwest South

2024 $44.4 $8.1 $3.3 $0.6 $56.4 21.0% 26.8%

2023 $35.8 $3.3 $3.8 $0.8 $43.7 15.5% 21.0%

2022* $69.9 $11.1 $5.2 $1.5 $87.7 15.2% 21.0%

   WS Elliott $23.0 $0.7 $0.0 $0.1 $23.8

* Excludes winter storm events (Elliott in 2022)

DAMAP RTORSGP Market-Wide 

Volatility

Locational 

Volatility
Total



Appendix: Market Performance and Operations 

50  |  2024 State of the Market Report 

 

/ 

2019, MISO implemented changes to the Uninstructed Deviation thresholds and PVMWP 

formulations that have resulted in lower unjustified DAMAP payments. 

Table A7 shows the causes of DAMAP in 2024 compared to 2023. The table shows the total 

DAMAP, the shares of DAMAP that are paid to units following MISOôs dispatch signals, and 

the shares paid to units that are not performing well in following dispatch signals.  

Table A7: Causes of DAMAP 

 

M. Real-Time Commitment Patterns 

Figure A54: Monthly Real-Time Capacity Commitments and RSG Costs  

In 2021, we identified a pattern of increasing capacity-related commitments beginning in the 

summer months. To identify real-time capacity commitments and the associated RSG that were 

excess (not needed to meet MISOôs requirements), we calculated the difference between planned 

generation capacity and load15 on an hourly basis in two ways: (1) using the target load value 

from the forecast for the run hour that showed the highest need16; and (2) using the actual load 

value that occurred in the run hour assuming perfect foresight. Under these two scenarios, we 

flagged unit hours when the planned generation capacity exceeded the target load at the time of 

the commitment. We ran these calculations for both the Midwest and South subregions and for 

the MISO footprint17 ï a unit must be flagged as unneeded based on its own subregional needs 

and the MISO-wide needs to be considered excess.  

In Figure A54, we express RSG in millions of dollars for each month of the year as follows: 

 
15  Planned generation capacity is Scheduled Generation MW + Reserves + Headroom, and Load is adjusted for 

NSI and the RDT (when assessed on a Subregional basis) and includes applicable reserve requirements.  

16  We use hourly forecast data from the operating day. For each lead hour, we compare forecasted load 

(adjusted for scheduled NSI) to the generation in the plan prior to real-time commit decisions (e.g., day-ahead 

scheduled, must-run, reserves, and forecasted wind/solar) and all the available generation that can be started 

by the run hour. We use the target load from the lead hour with the tightest forecasted margin. 

17  When evaluating the MISO Footprint as a whole, we include offline units eligible for short-term reserves 

(STR) in planned generation and the prevailing STR requirement in the load (up to 4.5 GW). We additionally 

run an iteration where we omit offline STR units and only add the Contingency Reserve requirement to load 

(approximately 2.1 GW) to determine whether MISO was meeting online needs with commits. 

DAMAP

 ($ Millions)
% Share

DAMAP

 ($ Millions)
% Share

Following Instruction $31.1 83% $32.0 82%

SE Issue $0.4 1% $0.8 2%

Inferred Derate $0.6 2% $1.6 4%

Dragging - Failing New Threshold $1.6 4% $1.2 3%

Wind Unjustified $0.1 0% $0.1 0%

Dragging - Not Failing New Threshold $3.8 10% $3.5 9%

Total $37.6 100% $39.2 100%

20242023

Item Description
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¶ ñActual Neededò RSG, denoted by green bars, from commitments that were not were not 
flagged as excess in either of the two scenarios; 

¶ ñForecasted Neededò RSG, denoted by gray bars, from commitments that were flagged as 
excess under scenario (2) but not (1); and 

¶ ñExcessò RSG, denoted by light to dark blue bars, from excess commitments that were 
flagged as excess under both scenarios, further delineated by what portion of the 
commitment was excess.   

The figure also shows the monthly GW average of the daily maximum commitment plotted 

against the right axis. 

Figure A54: Monthly Real-Time Capacity Commitments and RSG Costs 

2024   

 

N. Generation Availability and Flexibility in Real Time 

The flexibility of generation available to the real-time market provides MISO the ability to 

manage transmission congestion and satisfy energy and operating reserve obligations. In general, 

the day-ahead market coordinates the commitment of most of the generation that is online and 

available for real-time dispatch. The dispatch flexibility of online resources in real time allows 

the market to adjust supply on a five-minute basis to accommodate NSI and load changes and 

manage transmission constraints. 
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Figure A55: Changes in Supply from Day Ahead to Real Time 

Figure A55 summarizes changes in supply availability from the day-ahead to real-time markets. 

Differences between day-ahead and real-time availability are generally attributable to real-time 

forced outages or derates and real-time commitments and de-commitments by MISO or by its 

generation owners. The figure shows six types of changes: (1&2) generating capacity self-

committed or de-committed in real time; (3) capacity scheduled in the day-ahead market that is 

not online in real time; (4) capacity derated in real time (separated by resources cleared and not 

scheduled in the day-ahead market); and (5) increased available capacity (increases from day-

ahead capacity); and (6) units committed for congestion management.  

The figure separately indicates the net change in capacity between the day-ahead and real-time 

markets. Net losses of supply along with other factors often cause MISO to commit additional 

resources for capacity, which are not included in the figure. 

Figure A55: Changes in Supply from Day Ahead to Real Time 

2023ï2024  

 

O. Look Ahead Commitment Performance Evaluation 

MISOôs Look Ahead Commitment (LAC) model minimizes the total production cost of 

committing sufficient resources to meet the short-term load forecast. This is the primary tool that 

MISO uses to make economic commitments of peaking resources in real time. To evaluate the 

performance of the LAC (whether the commitments that LAC recommended were in fact 

economic), we compared the LAC recommendations to the Unit Dispatch System (UDS) results. 

We also assess the extent to which MISO operators follow the LAC recommendations. 
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Figure A56: Economic Evaluation of LAC Commitments  

For our analysis, we labeled resources that were online in a LAC solution that were not 

previously committed as ñrecommendations.ò  We only consider recommendations that would 

have to be acted on before a new LAC case runs (based on the unitôs startup time) because we 

expect operators to wait to commit resources when possible. We ignore repeated 

recommendations within the unitôs minimum runtime to avoid excessively weighting repeated 

LAC recommendations that operators oppose. We determined whether the recommendations 

would have been economic by comparing the estimated real-time revenues, using ELMP prices, 

over the minimum runtime of the unit to the total production cost of the unit (including start cost, 

no load costs, and incremental energy costs). A unit was ñstarted in real timeò if it came online 

between the time of the LAC recommendation and the end of the unitôs minimum runtime. 

Figure A56: Economic Evaluation of LAC Commitments  

2023ï2024  

 

Figure A56 above shows the results of our analysis. The left panel represents LAC commitment 

recommendations for transmission constraints, and the right panel represents all other LAC 

commitment recommendations. In each panel, the stacked bars on the left show all the distinct 

recommendations that LAC made throughout 2023 and 2024, indicating the recommendations 

that were economic and not economic based on the real-time ex-post energy prices. The right 

stacked bars show the portion of the recommended resources that were actually started, 

distinguishing between those that were and were not economic. The diamond in each bar 

indicates the share of those recommendations that were economic. 
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P. Real-Time Dispatch Performance 

MISO sends dispatch instructions to generators every five minutes that specify the expected 

output at the end of the next five-minute interval. Historically, MISO would assess penalties to 

generators if deviations from these instructions remain outside an eight-percent tolerance band 

for four or more consecutive intervals within an hour. However, in May 2019 MISO altered the 

Uninstructed Deviation (UD) threshold from being based on output to being a function of the 

offered ramp rate. MISOôs criteria for identifying deviations, both the percentage bands and the 

consecutive interval test, had been significantly more relaxed than most other RTOsô. 

Having a relatively relaxed tolerance band allowed resources to produce far less than their 

economic output level by under responding to MISOôs dispatch signals over many intervals (i.e., 

by ñdraggingò over an hour or more). Additionally, suppliers could effectively derate a unit by 

simply not moving over many consecutive intervals (i.e., ñinferred deratesò).  

As long as the dispatch instruction is not outside of the allowable tolerance, a resource can 

simply ignore its dispatch instruction. Because it is still considered to be on dispatch, it can 

receive Day-Ahead Margin Assurance Payments (DAMAP) and avoid RSG charges it would 

otherwise incur if it were to be derated. These criteria exempt the majority of deviation quantities 

from significant settlement penalties. In this section, we calculate two types of deviations to 

evaluate generator performance: 

¶ Five-minute deviation is the difference between MISOôs dispatch instructions and the 
generatorsô responses in each interval. 

¶ 60-minute deviation is the effect over 60 minutes of generators not following MISOôs 
dispatch instructions. 

We calculate the net 60-minute deviation by calculating the difference between the energy the 

generators would have been producing had they followed MISOôs dispatch instructions over the 

prior 60 minutes versus the energy they were actually producing.  

Figure A57 and Figure A58: Frequency of Net Five-Minute Deviations 

Figure A57 shows a histogram of MISO-wide net five-minute deviations from 6 a.m. to 10 p.m., 

which includes MISOôs high-ramp and peak hours in the summer and winter seasons. Figure 

A58 shows the same results for the ramp-up hours. These hours are particularly important 

because MISOôs need for generators to follow their dispatch signals is largest in these hours. 

When the demands on the system increase rapidly and resources do not respond, MISO will not 

be able to satisfy its energy and reserve requirements. In each figure, the curve indicates the 

share of deviations (on the right vertical axis) that are less than the deviation amount (on the 

horizontal axis). The markers on this curve indicate three points: the percentage of intervals with 

net positive deviations less than -500 MW, less than zero MW, and the median deviation. 
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Figure A57: Frequency of Net Deviations 

Ramp and Peak Hours, 2024 

 

Figure A58: Frequency of Net Deviations 

Ramp-Up Hours, 2024 
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Table A8:  Average Five-Minute and Sixty-Minute Net Dragging 

Table A8 shows the size of the five-minute and 60-minute net deviations during the ramp hours 

and in all hours. The table shows these results from 2020 through 2024. In the columns to the 

right, we highlight the worst 10 percent performing resources and the average deviations 

associated with those resources. 

Table A8: Average Five-Minute and Sixty-Minute Net Dragging 

20192024 

  

Figure A59 to Figure A61: 60-Minute Deviation by Fuel and Hour 

In the next three figures, we estimated the sources of 60-minute net deviations by fuel type and 

their impact. The horizontal axis is hour beginning (HB) of the day. The vertical stacked bars are 

the average 60-minute deviations for each HB, where red, blue, and green are the deviations 

from coal, gas, and wind units, respectively. The three charts represent all year, winter only, and 

the summer season only. 

Figure A59: 60-Minute Deviation by Fuel and Hour 

2024 

 

Ramp Hours All Hours Ramp Hours All Hours Ramp Hours All Hours

2024 474                 464           836                 777           1,224              1,133        

2023 480                 471           833                 763           1,159              1,098        

2022 637                 660           1,049              1,009        1,341              1,257        

2021 611                 629           956                 908           1,338              1,290        

2020 573                 563           957                 862           1,289              1,193        

5-min Dragging 60-min Dragging Worst 10%



Appendix: Market Performance and Operations 

2024 State of the Market Report  |  57   

 

/ 

 Figure A60: 60-Minute Deviation by Fuel and Hour 

Summer 2024 

 

Figure A61: 60-Minute Deviation by Fuel and Hour 

Winter 2024 

 

Figure A62: Hourly 60-Minute Deviations by Type of Conduct 

To better show the effects of the deviations, we measured dragging by hour of the day in Figure 

A62, as well as the dragging that prevailed in the worst 10 percent of hours. The annual averages 

over all hours are shown for both dragging and overproduction in the inset table. 
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Figure A62: Hourly 60-Minute Deviations by Type of Conduct 

 

Figure A63: DAMAP to Dragging Units by Fuel Type 

The next figure shows the DAMAP caused by 60-minute deviations. The horizontal axis shows 

the hours beginning (HB) throughout the day. The vertical stacked bars are DAMAP in dollars to 

units with 60-minute deviations from their dispatch instructions. The bar colors represent fuel 

types, where maroon shows coal units, blue gas units, and green wind units.  

Figure A63: DAMAP to Dragging Units by Fuel Type 

2023ï2024 
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Table A9: Proposed Uninstructed Deviation Penalties and Effective Rate 

The report shows that current settlement rules are insufficient for generation deviations outside 

the uninstructed deviation (UD) tolerance bands. Deviations that persist for less than 20 minutes 

are exempted from any financial penalty. The most significant penalty is the excessive energy 

price, paid at the lower of LMP and as-offered cost on excessive energy volumes. This provides 

a very weak incentive, particularly to renewable resources, which often set price at their cost 

when curtailed. In these cases, the renewable resource is financially indifferent between 

following dispatch and producing excessive energy. This indifference is especially harmful when 

the excess energy causes transmission overloads that are difficult to manage. 

To address this concern, which is bound to grow as more intermittent resources enter the system, 

we are recommending an improvement to the penalty structure that would be based on the 

marginal congestion component (MCC) of the resourceôs LMP. For excessive or deficient energy 

that loads a constraint, we recommend that MISO impose a penalty equal to an escalating share 

of the MCC beginning with 25 percent in the first interval and rising to 100 percent by the fourth 

interval. This MCC-based penalty is appropriate because it reflects the incremental congestion 

value of the deviation volumes and scales with the severity of congestion. Table A9 shows the 

effects of this proposed penalty by unit type. Penalty rates are provided in terms of per unit of 

deviation MWh (columns 3 and 4) and per unit of total output (columns 5 and 6). Total penalties 

incurred during 2023 are shown in the second column. 

Table A9: Proposed Uninstructed Deviation Penalties and Effective Rate 

2024 

 

Q. Coal Resource Operations 

Table A10: Coal-Fired Resource Operation and Profitability 

We screened every coal unit commitment between 2019 and 2024 and identified commitments as 

being economic when the committed resources had been: 

¶ Offered economically and scheduled in the day-ahead market; or 

¶ Offered with a must-run status and were profitable ï when market revenues cover their 

commitment and variable operating costs by the first full day after the commitment.18 

 
18  The resourcesô start-up costs are determined based on how long the resource has been offline ï cold vs. hot 

start-up costs. The start-up costs are amortized over five days ï a minimum typical cycle for coal resources. 

Unit Type Total Penalty Excessive Deficient Excessive Deficient

Gas Turbine $141,457 $3.89 $2.13 $0.001 $0.001

Coal $459,125 $3.24 $3.66 $0.001 $0.002

Gas CC $272,980 $4.06 $2.80 $0.001 $0.001

Other $105,525 $2.17 $6.10 $0.000 $0.001

Solar $32,435 $7.38 $0.27 $0.005 $0.000

Wind $819,298 $25.72 $0.96 $0.009 $0.000

Avg. Deviation Penalty ($/MWh) Average Penalty ($/MWh of Output)

Unit Type Total Penalty Excessive Deficient Excessive Deficient

Gas Turbine $141,457 $46.73 $25.54 $0.001 $0.001

Coal $459,125 $38.90 $43.98 $0.001 $0.002

Gas CC $272,980 $48.76 $33.54 $0.001 $0.001

Other $105,525 $26.36 $73.17 $0.000 $0.001

Solar $32,435 $88.54 $3.20 $0.005 $0.000

Wind $819,298 $308.64 $11.58 $0.009 $0.000

Avg. Deviation Penalty ($/MWh) Average Penalty ($/MWh of Output)
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In this analysis, we calculated the operating net revenue for every hour based on the unitsô 

reference prices. For coal units that were conserving coal, we used reference prices based on the 

variable costs and excluding opportunity costs. We assumed start costs based on reference prices 

for units that were must-run. We summed up the start costs across all starts and subtracted that 

from the total operating revenues net of all operating costs. 

Table A10 summarizes the results of this evaluation in three timeframesð2019 through 2022, 

2023, and 2024ðto delineate between the prevailing natural gas prices of those periods. The 

third column in each timeframe summarizes the net operating revenues earned by coal suppliers 

associated with their decisions to start and operate those resources. Ultimately, these values 

reflect the aggregate economic impact of the resource ownersô decisions. 

Table A10: Coal-Fired Resource Operation and Profitability 

2019ï2024 

 

R. Dispatch of Peaking Resources 

Peak demand is often satisfied by generator commitments in the real-time market. Typically, 

peaking resources account for a large share of real-time commitments because they are available 

on short notice and have attractive commitment-cost profiles (i.e., low startup costs and short 

startup and minimum-run times). These qualities make peaking resources optimal candidates for 

satisfying the incremental capacity needs of the system. However, they generally have high 

incremental energy costs and frequently do not set the energy price because they are often 

dispatched at their economic minimum level (causing them to run ñout-of-meritò order with an 

offer price higher than their LMP). When a peaking unit does not set the energy price or runs out 

of merit, it will be revenue-inadequate for covering its startup and minimum generation costs. 

This revenue inadequacy results in real-time RSG payments. 

MISOôs aggregate load peaks in the summer, so the dispatch of peaking resources has the 

greatest impact during the summer months when system demand can, at times, require 

substantial commitments of such resources. In addition, several other factors can contribute to 

commitments of peaking resources, including day-ahead net scheduled load that is less than 

actual load, transmission congestion, wind forecasting errors, or changes in real-time NSI.  

Annual 

Starts

% of 

Starts

Net Rev. 

($/MWh) Starts % of Starts

Net Rev. 

($/MWh) Starts

% of 

Starts

Net Rev. 

($/MWh)

Regulated Utilities 1716 $14.64 1549 $5.81 1428 $8.01

Profitable Starts 1485 84% 1336 86% 1214 85%

Offered Economically 730 42% 684 44% 672 47%

Must-Run and profitable 756 42% 652 42% 542 38%

Unprofitable (Must Run) 231 16% 213 14% 214 15%

Merchants 133 $19.66 42 $6.98 39 $7.50

Profitable Starts 133 100% 41 98% 35 90%

Offered Economically 133 99% 39 93% 29 74%

Must-Run and profitable 1 1% 2 5% 6 15%

Unprofitable (Must Run) 0 0% 1 2% 4 10%

2019-2022 20242023
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Figure A64: Dispatch of Peaking Resources 

Figure A64 shows average hourly dispatch levels of peaking units in 2023 and 2024 and 

evaluates the consistency of peaking unit dispatch and market outcomes. The figure is 

disaggregated by the unitôs commitment reason and separately indicates the share of the peaking 

resource output that is in merit order (i.e., the LMP exceeds its offer price).  

Figure A64: Dispatch of Peaking Resources 

By Commitment Reason, 2023ï2024  

 

S. Wind Generation 

Wind generation in MISO has grown steadily since the start of the markets in 2005. Although 

wind generation promises substantial environmental benefit, the output of these resources is 

intermittent and, as such, presents unique operational and scheduling challenges.  

Over 90 percent of MISOôs wind units are Dispatchable Intermittent Resources (DIR). DIRs are 

physically capable of responding to dispatch instructions and can, therefore, set the real-time 

energy price. DIRs can submit offers in the day-ahead market, are eligible for all uplift 

payments, and are subject to all typical operating requirements. For both DIR and non-DIR wind 

units, MISO utilizes short and long-term forecasts to make assumptions about wind output. The 

prevalence of DIRs allows MISO to rarely utilize manual curtailments to ensure reliability. Wind 
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resources are also qualified to sell capacity under Module E of the Tariff based on their 

contribution to satisfying MISOôs planning requirements.19 

Table A11: Day-Ahead and Real-Time Wind Generation 

Table A11 shows the hourly average real-time wind output and the wind scheduled in the day-

ahead market. In the second to last set of columns, we indicate the top five percent of average 

hourly output by season, and in the far-right columns we indicate the average and absolute value 

of the real-time forecast error.    

Table A11: Day-Ahead and Real-Time Wind Generation 

2020ï2024  

 

Wind suppliers often schedule less output in the day-ahead market than they actually produce in 

real time. This can be attributed to some of the suppliersô contracts and the financial risk related 

to being allocated RSG costs when day-ahead wind output is over-forecasted. Under-scheduling 

of output in the day-ahead market can create price convergence issues and lead to uncertainty 

regarding the need to commit resources. 

Convergence issues are partially addressed by net virtual suppliers that sell energy in the day-

ahead market in place of the wind suppliers. Since the most significant effect of day-ahead 

under-scheduling of wind is its effects on the transmission flows and associated congestion in the 

day-ahead and real-time markets, we evaluate the extent to which virtual transactions offset the 

flow effects of the wind under-scheduling. We calculated the percentage of flows from wind 

units on every constraint in the day-ahead and real-time markets. We estimated profits on those 

constraints by virtual positions, which we aggregated by year and by monitored element. We 

identified constraints where either the day-ahead or real-time constraint flows associated with 

wind exceeded 20 percent and sorted by virtual profitability on the constraints. 

Figure A65 and Table A12: Virtual Transaction Effects on Day-Ahead Constraints Affected 

by Wind Scheduling  

In Figure A65, we show the top 10 constraints identified in our analysis. In the figure, we 

illustrate the average day-ahead flow from wind generators in the blue bars, the real-time 

equivalent in the red diamonds, and day-ahead virtual flow as a green transparent bar on top of 

 
19   Capacity credits for wind resources are determined by evaluating a unitôs performance during the peak hour 

of the relevant season of each of the prior 3 yearsô 8 highest-load days (24 hours per season). For the 2024ï

2025 Planning Year, the system-wide capacity credit for wind is 17.8 percent in the summer season, with 

individual credits ranging from 0.3 to 45 percent, and 51.2 percent in winter season, with individual credits 

ranging from 8 to 93 percent. 

RT DA % Jan.-Apr. May-Aug. Sep.-Dec. Jan.-Apr. May-Aug. Sep.-Dec. Avg. Error Abs. Avg.

2024 30,784      11.2 10.1 -10.0 13.5 8.4 11.8 23.1 18.2 21.9 10.9% 13.7%

%
*

3% 8% 10% 4% 18% 5% 6% 2% 2%

2023 29,830      10.4 9.2 -12.0 13.0 7.1 11.2 21.8 17.8 21.4 4.0% 8.1%

2022 29,109      11.3 10.1 -10.8 13.7 8.4 11.9 21.6 18.0 21.6 2.3% 6.6%

2021 26,862      9.2 8.0 -13.0 10.0 7.0 10.7 18.6 15.3 19.9 -3.3% 6.7%
Note 1:  %* Change between 2023 and 2024.

Avg. Output (GW) RT Seasonal Avg. Output (GW) RT Top 5% Hrly Avg. Output (GW) 2 Hr Forecast Error (%)Nameplate 

Capacity
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the blue bar. These values are expressed as a percentage of the rating on the impacted 

constraints. We have masked the identity of the constraints in the figure. 

Figure A65: Virtual Impacts on Top 10 Constraints Affected by Wind 

2024 

 

In Table A12 below, we show the total number of wind-impacted constraints that we identified 

in one of six categories, the aggregate amount of congestion associated with the constraints in 

each category, and the virtual profitability in each category.  

Table A12: Aggregate Virtual Impacts on Constraints Affected by Wind 

2024 

 

Figure A66: Generation Wind Over-Forecasting Levels 

In 2016, we identified significant concerns with certain wind resources that frequently and 

substantially over-forecast their wind output. The wind forecasts are important because MISO 

uses them to establish wind resourcesô economic maximums in the real-time energy market. 

Wind-Impacted Constraints Categories
Number of 

Constraints

RT 

Congestion 

($ MM)

Virtual 

Profitability 

($ MM)

All Wind-Impacted Constraints 433 $1233 $70

RT Wind Flow > DA Wind Flow 374 $1148 $64

DA Wind Flow > RT Wind Flow 59 $85 $6

RT Wind Flow > DA Wind Flow and Virtual Supply > 0 251 $689 $73

RT Wind Flow > DA Wind Flow and Virtual Supply < 0 123 $459 -$9

DA Wind Flow > RT Wind Flow and Virtual Supply > 0 0 $0 $0
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Because wind resources typically offer at lower prices than any other resources, their forecasted 

output also typically matches their MISO dispatch instructions, absent congestion. Dispatch 

deviations arise because an over-forecasted resource will produce less than the dispatch 

instruction. Figure A66 shows the monthly absolute average forecast errors from the wind 

resources in the bars, as well as the average forecast error plotted as a line against the right axis 

in 2023 and 2024. MISO changed its forecasting methodology in early 2020, and this led to a 

significant reduction in both absolute average and average forecast errors. 

Figure A66: Generation Wind Over-Forecasting Levels 

2023ï2024 

 

Figure A67: Wind Forecast Methodology Improvement 

The sharp rise in wind output has increased the operational challenges associated with managing 

the ramp demands resulting from the wind output fluctuations that are described in Section III. 

The accuracy of the wind forecasts plays a key role in managing these challenges. The wind 

forecasts are important because MISO uses them to establish wind resourcesô economic 

maximums in the real-time market. Because wind units offer at prices lower than other units, the 

forecasted output also typically matches the dispatch instruction absent congestion. MISOôs 

settlement rules provide strong incentives for participants to use MISOôs forecast and most wind 

resources do so.  

MISOôs near-term forecast is primarily a ñpersistenceò forecast that assumes future wind 

resource output will match the most recent output observation. We developed a forecast 

methodology that is also persistence-based but also incorporates the recent direction in output 
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changes. The IMM Forecast employs a trended-persistence approach calculated using data on the 

prior 10 minutes of actual output to project 10 minutes into the future. 

The forecasted change is limited to half of the headroom (capacity minus current output) upward 

and half of the current output downward. Figure A67 shows the result of the IMMôs approach 

compared to the incumbent vendor forecast. 

Figure A67: Wind Forecast Methodology Improvement 

 

Figure A68: Wind Generation Volatility 

Wind output can be highly variable and must be managed through curtailment, the re-dispatch of 

other resources, or commitment of peaking resources. Figure A68 summarizes the volatility of 

wind output on a monthly basis over the past two years by showing: 

¶ The average absolute value of the 60-minute change in wind generation in the blue line; 

¶ The largest five percent of hourly decreases in wind output in the blue bars;  

¶ The maximum hourly decrease in each month in the drop lines; and 

¶ Changes in wind output from economic curtailments are excluded from this analysis. 
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Figure A68: Wind Generation Volatility  

2023ï2024  

 

Figure A69: Wind Generation Capacity Factors  

Wind capacity factors are measured as actual output as a percentage of nameplate capacity and 

can vary by season and location. Figure A69 shows average hourly wind capacity factors by 

month, shown separately for two MISO Coordination regions (North and Central). 

Figure A69: Wind Generation Capacity Factors 
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T. Outage Scheduling 

Figure A70: MISO Outages 

Figure A70 shows the monthly average planned and unplanned generator outage rates for the two 

most recent years (and annual averages for the last three years). Only full outages are included, 

so partial outages or deratings are not shown. The figure also distinguishes between short-term 

unplanned outages (lasting fewer than seven days) and long-term unplanned outages (seven days 

or longer). Additionally, the figure distinguishes between normal planned outages and short-

notice planned outages that are scheduled within seven days of the actual start of the outage. 

Planned outages are often scheduled in low-load periods when economics are favorable for 

participants to perform maintenance, although short-notice planned outages and short-term 

unplanned outages are frequently the result of emergent operating problems.  

Short-notice and short-term outages are important to review because they are more likely to 

reflect attempts by participants to physically withhold supply from the market. It is less costly to 

withhold resources for short periods when conditions are tight than to take a long-term outage. 

We evaluate market power concerns related to potential physical withholding in Section VIII.G.  

Figure A70: Generation Outages 

2023ï2024  
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V. TRANSMISSION CONGESTION AND FTR MARKETS  

Managing transmission congestion is among MISOôs most important roles. MISO monitors 

thousands of potential network constraints throughout its system. MISO manages flows over its 

network by altering the dispatch of its resources to avoid overloading these transmission 

constraints. This establishes efficient, location-specific prices that represent the marginal costs of 

serving load at each location.  

Transmission congestion arises when the lowest-cost resources cannot be fully dispatched 

because of limited transmission capability. The result is that higher-cost units must be dispatched 

in place of lower-cost units to avoid overloading transmission facilities. In LMP markets, this 

generation re-dispatch, or ñout-of-merit,ò cost is reflected in the congestion component of the 

locational prices. The congestion component of the LMPs can vary substantially across the 

system, causing higher LMPs in ñcongestedò areas. 

These congestion-related price signals are valuable not only because they induce generation 

resources to produce at levels that efficiently manage network congestion, but also because they 

provide longer-term economic signals that facilitate efficient investment and maintenance of 

generation and transmission facilities. 

A. Real-Time Value of Congestion  

This section reviews the value of real-time congestion, which is different from congestion 

revenues collected by MISO. The value of congestion is defined as the marginal value, or 

shadow price, of a constraint times the power flow over the constraint. If a constraint is not 

binding, the shadow price and congestion value will be zero. This indicates that the constraint is 

not affecting the economic dispatch or increasing production costs. For at least two reasons, 

MISO does not collect the full value of the congestion on its system.  

First, the congestion value is based on the total flow over the constraint, and MISO settles with 

only part of the flows on its constraints. Generators serving loads outside of MISO contribute to 

flows over MISOôs system (known as ñloop flowsò) and do not pay MISO for their congestion 

value. Additionally, neighboring PJM and SPP have entitlements to flow power over MISOôs 

system and their real-time flows up to their entitlement levels do not settle with MISO.  

Second, most flows are settled through the day-ahead market. Once a participant has paid for 

flows over a constraint in the day-ahead market, the participant does not have to pay again in the 

real-time market that only settles on deviations from the day-ahead market. Therefore, when 

congestion is not foreseen and not fully anticipated in day-ahead prices, MISO will collect less 

congestion revenue in the day-ahead market than the real-time value of congestion on its system. 

Figure A71: Value of Real-Time Congestion by Coordination Region  

Figure A71 shows the total monthly value of real-time congestion by MISOôs Reliability 

Coordination regions in 2023 and 2024. The bars on the left panel of the chart show the average 

monthly value for the past three years.  
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Figure A71: Value of Real-Time Congestion by Coordination Region 

2023ï2024  

 

Figure A72: Value of Real-Time Congestion by Type of Constraint 

To better identify the drivers of the real-time congestion value, Figure A72 disaggregates the 

results by the MISO subregion and by the two types of constraints: 

¶ Internal Constraints: Constraints internal to MISO where MISO is the Reliability 

Coordinator that are not coordinated with PJM or SPP.  

¶ MISO market-to-market (M2M) Constraints: MISO constraints coordinated with SPP and 

PJM through the M2M process.  

The flow on PJM and SPP M2M constraints is limited to the MISO market flow, and this flow is 

used in our measure of congestion value. Market flow is defined as MISOôs flow on the 

constraints in MISOôs dispatch model and does not represent the total flow on these constraints. 

The internal constraints represented in the MISO dispatch model include the total flow.  
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Figure A72: Value of Real-Time Congestion by Type of Constraint 

By Quarter, 2022ï2024  

 

B. Congestion over the Transfer Constraint 

The Regional Directional Transfer (RDT) is a contractual constraint between MISO and the Joint 

Parties that separates MISOôs Midwest and South subregions, limiting physical flows to 3000 

MW in the Midwest-to-South and 2500 MW South-to-Midwest.   

Efficient use of this contract path is key to efficient commitment and dispatch in MISO. The 

contract with the Joint Parties specifies that MISOôs physical RDT flow should not exceed the 

contract limit for more than 30 consecutive minutes. Because contract compliance is evaluated 

against physical flow instead of modeled flow, MISO Operations must take steps to avoid 

prolonged exceedances of the contractual limit, primarily by derating the modeled binding limit 

for the RDT constraint in its dispatch software when unmodeled flows are high. By default, 

MISO derates the South-to-Midwest modeled limit on the RDT to 92% (2300 MW) of the 

contract allowance to ensure the physical flows do not exceed the contract limit, but often MISO 

will reduce the limit even further.  

Figure A73: Average RDT Binding Limit and Number of Daily Adjustments 

Each year since 2021, the RDT binding limit has decreased on average and been adjusted more 

frequently. Evaluating and enacting these derate changes uses valuable control room resources. 

In addition, derating the RDT can create volatile market outcomes. Binding limit changes in 

response to unmodeled flows are unpredictable, so unit commitment may not be adequate in the 

constrained area to recover from lost transfer capability. Even when sufficient capacity is online 

to meet increased subregional need, that generation may not be able to meet the immediate ramp 

demand resulting from the RDT derate. 
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Figure A73 shows changes in the modeled RDT limit from 2021 to 2024 when the RDT was 

binding in the South-to-Midwest direction. The burgundy bars in the top panel show the average 

number of limit adjustments made per day. The light blue bars in the bottom panel show the 

average modeled limit in MISOôs market dispatch software. 

Figure A73: Average RDT Binding Limit and Number of Daily Adjustments 

2021ï2024 

 

Figure A74: Frequency of South-Midwest Binding on RDT and RPE Constraints 

A Transmission Constraint Demand Curve (TCDC) specifies MISOôs maximum willingness to 

pay to limit modeled energy flows on a transmission constraint. Generally, TCDCs are two- 

stepped curves, with a lower value step administered at the modeled constraint limit and a second 

step administered when constraint violations exceed 102 percent of the limit. Currently, the RDT 

TCDC values the lower step at $40 per MWh and the second step at $500 per MWh.   

MISO also models a Reserve Procurement Enhancement (RPE) constraint that limits flows after 

a supply-side contingency triggers a reserve deployment. The RPE demand curve has a single 

step valued at $200 per MWh, meaning that MISO would pay up to $200 to shift Short-Term 

Reserves or energy to the unconstrained subregion to prevent post-deployment violations of the 

transfer constraint, increasing MISOôs maximum possible total willingness to pay for the RDT 

from $500 to $700. Currently, MISO models the RPE and Transmission constraints with the 

same limit, including any derates entered by Operators in response to unmodeled flows. We 

recommend MISO lower the first modeled step of the RDT TCDC to begin at 80 percent of the 

contract limit with a very low associated value and raise the RPE limit to the top step of the new 

RDT TCDC. 
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Figure A74 shows the frequency of binding on both RDT constraints in the South-to-Midwest 

direction from 2021ï2024. The burgundy bars show the count of intervals with only the RPE 

constraint binding, the light blue bars indicate intervals with only the Transmission constraint 

binding, and the pink bars indicate intervals with both constraints binding simultaneously. 

Figure A74: Frequency of South-Midwest Binding on RDT and RPE Constraints 

2021ï2024

 

Figure A75: Minimum Expected Violation Cost Reduction with Proposed TCDC 

We performed a statistical analysis of historical periods to evaluate the proposed TCDC for the 

RDT to determine whether the new demand curve would prevent extended periods of contract 

exceedance. For 2021 to 2024, we recalculated the modeled flow on the RDT assuming the new 

TCDC applied. This process did not involve re-running the market; rather, we simply assumed 

the modeled flows would increase or decrease to align with the new demand curve. For instance, 

if the shadow price was $45, the modeled flow would be adjusted to 2,400. On top of that new 

modeled flow value, we added the unmodeled flow from the real-time market. Demand curve 

changes should not impact unmodeled flows, so keeping them equivalent is appropriate. 

After deriving these new raw RDT flows, we tabulated how often total flows would exceed the 

contract limit for 30 minutes consecutively. We performed this analysis using the actual 

historical data to compare it to a modified series using the proposed demand curve.  

Figure A75 compares the actual contractual limit violations in 2021ï2024 to the violations using 

the new modeled flow from this analysis. The Figure shows the congestion costs incurred by 

SouthïMidwest RDT contractual limit violations in 2021ï2024. The orange bars show the actual 
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RDT violation costs, and the light blue bars show the RDT violation costs expected with the new 

TCDC. Violation costs were calculated for each 5-minute interval as one-twelfth the RDT 

shadow price times the RDT modeled flow. 

Figure A75: Minimum Expected Violation Cost Reduction with Proposed TCDC 

2021ï2024

 

Figure A76: Increased Contract Path Utilization and Production Cost Savings 

The prior analysis indicated that the new demand curve without real-time limit adjustments has 

ability to meet contractual requirements comparable to the existing TCDC. We conducted a more 

rigorous market simulation to evaluate whether the new TCDC would deliver production cost 

benefits. We first identified the market intervals in 2024 when the demand curve change could 

have affected market outcomes. These are intervals when the Transmission constraint or RPE 

constraint bound plus non-binding intervals when the modeled flows exceeded the first penalty 

step in the new curve (2,000 MW or 80%). About 30% of the intervals in 2024 met these criteria. 

Because simulating that many cases would be prohibitive, we sampled every 10th identified 

interval (about 3,200). Before running each interval, a program edited the UDS case input files to 

reflect the new five-step TCDC and moved the limit on the RPE demand curve to align with the 

highest-priced step. 

We evaluated changes between the actual market case and simulated case for total production 

cost, transmission and RPE constraint flows, and market prices. This simulation excludes the 

changes to RDT congestion pricing and therefore reflects pure dispatch efficiency improvements. 

In reality, the proposed demand curve would yield further savings by reducing the frequency of 

costly RDT violations. Figure A76 shows summary results grouped by transmission constraint 

flow in the simulated case result. 
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Figure A76: Increased Contract Path Utilization and Production Cost Savings  

Proposed TCDC, 2024 

 

C. Day-Ahead Congestion and FTR Funding 

MISOôs day-ahead energy market is designed to send accurate and transparent locational price 

signals that reflect congestion and losses on the network. MISO collects congestion revenue in 

the day-ahead market based on the differences in the LMPs at locations where energy is 

scheduled to be produced and consumed.  

The resulting congestion revenue is paid to the holders of Financial Transmission Rights (FTR). 

FTRs represent the economic property rights of the transmission system, entitling the holder to 

the day-ahead congestion revenues between two points on the network. A large share of the 

value of these rights is allocated to MISO market participants. The residual FTR capability that 

has not been allocated is sold in the FTR markets, with the resulting market revenues 

contributing to the recovery of the costs of the network. FTRs provide an instrument for market 

participants to hedge day-ahead congestion costs. If the FTRs issued by MISO are physically 

feasible, meaning that they do not imply more flows over the network than the limits in the day-

ahead market, then MISO will always collect enough congestion revenue through its day-ahead 

market to ñfully fundò the FTRsðto pay FTR holders 100 percent of the FTR entitlement.  

Figure A77: Day-Ahead and Balancing Congestion and FTR Funding  

Figure A77 shows the total day-ahead congestion revenues for constraints in MISO Midwest, 

MISO South, and the transfer constraints between MISO Midwest and MISO South for the last 

two years. It also shows balancing congestion revenue (net congestion collections in real time), 

as well as the funding level of the FTRs.  
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Figure A77: Day-Ahead and Balancing Congestion and FTR Funding 

2022ï2024  

 

An FTR is a forward purchase of day-ahead congestion costs that allows participants to manage 

day-ahead congestion risk. Transmission customers pay for the embedded costs of the system 

and, therefore, are entitled to the systemôs economic property rights. This allocation of property 

rights is accomplished by allocating Auction Revenue Rights (ARRs) to transmission customers 

associated with their historical usage of the network given their network load and generating 

resources. ARRs are a MW value defined between two locations on the network, and they give 

customers the right to receive the FTR revenues that MISO collects when it sells FTRs that 

correspond to the ARRs. Customers can also convert their ARRs into FTRs directly.  

MISO is obligated to pay FTR holders the FTR quantity times the per-unit congestion cost 

between the source and sink of the FTR.20  Congestion revenues collected in MISOôs day-ahead 

market fund the FTR obligations. Surpluses and shortfalls are limited when participants hold 

FTR portfolios consistent with the capability of the network. When MISO sells FTRs that reflect 

different network capability than is available in the day-ahead market, shortfalls or surpluses can 

occur. Reasons for differences between FTR capability and day-ahead capability include:  

¶ Loop flows caused by generators and loads outside the MISO region;21 and 

¶ Transmission outages or other factors that cause system capability modeled in the day-

ahead market to differ from capability assumed when FTRs were allocated or sold.  

 
20  An FTR obligation can be in the counter-flow direction and can require a payment from the FTR holder. 

21  ñLoop Flowsò cannot be directly calculated and, in this context, would be measured as real-time flows less 

the calculated real-time market flows from PJM, SPP, and the MISO commercial flows (which include MISO 

market flows and the impacts of physical transactions). The day-ahead model includes assumptions on loop 

flows that are anticipated to occur in real time. 
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Transactions that cause unanticipated loop flows are a problem because MISO collects no 

congestion revenue from them. If MISO allocates FTRs for the full capability of its system, loop 

flows can create an FTR revenue shortfall. This is because only part of the network is being used 

by MISO participants who pay congestion charges.  

During each month, MISO will fund FTRs by applying surplus revenues from overfunded hours 

pro rata to shortfalls in other hours. Monthly congestion revenue surpluses accumulate until the 

end of the year, when they are prorated to reduce any remaining FTR shortfalls. MISO has 

continued to work to improve the FTR and ARR allocation processes.  

Figure A78: FTR Funding by Control Area   

At an aggregate level, MISOôs FTRs were fully funded in 2024. However, it is important to 

examine funding at a more detailed level to understand where inconsistencies may exist between 

the FTR market and the day-ahead market. Examining funding by Local Balancing Authority 

(LBA) can illuminate any potential cost-shifting that may be occurring among participants.  

Figure A78 shows the monthly FTR surpluses and shortfalls (in both dollars and percentage 

terms) by LBA for 2024. The LBAs are masked with sequential letters. The constraints in each 

LBA include all internal and MISO-coordinated M2M constraints. External M2M constraints are 

summarized by the coordinating RTO. 

Figure A78: FTR Funding by Control Area 

2024  

 
Note: Includes control areas over or under-funded by at least 1.1 million. 

Figure A79: Balancing Congestion Revenues and Costs 

Balancing congestion revenues are congestion collections in the real-time market based on 

deviations from day-ahead congestion outcomes. The magnitude of balancing revenues should be 

small if the day-ahead market accurately forecasts the real-time network capabilities. However, 

balancing congestion revenue shortfalls occur when the day-ahead model is not fully consistent 
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with the real-time network topology. For example, if MISO does not model a constraint in the 

day-ahead market and it binds in real time, MISO can accumulate a substantial amount of 

negative balancing congestion costs. Failure to model the constraint can allow day-ahead 

scheduled flows over the constraint to exceed the real-time limit. The costs to ñbuy backò the 

day-ahead flows, or balancing congestion costs, must be collected through an uplift charge to 

MISOôs customers. 

To understand balancing congestion revenues, Figure A79 shows these amounts disaggregated 

into (1) the real-time congestion revenues (costs) collected by having to increase (or reducing) 

the MISO flows over binding transmission constraints and (2) the M2M payments made by (or 

to) PJM and SPP under the Joint Operating Agreements (JOAs). For example, when PJM 

exceeds its flow entitlement on a MISO-managed constraint, MISO will re-dispatch to reduce its 

flow and generate a cost (shown as negative in the figure). PJMôs payment to MISO for this 

excess flow is shown as a positive revenue to MISO. We have also included JOA uplift in the 

real-time balancing congestion costs. JOA uplift results from MISO exceeding its Firm Flow 

Entitlement (FFE) on PJM M2M constraints and having to buy that excess back from PJM at 

PJMôs shadow price. Like other net balancing congestion costs, JOA uplift costs are part of 

revenue neutrality uplift costs collected from load and exports.  

Figure A79: Balancing Congestion Revenues and Costs 

2022ï2024  

 
 

Figure A80: CROW Outage Tickets by Creation Date 

Figure A80 depicts how outage reporting aligns with the Annual, Seasonal, and Monthly 

auctions. The bars classify the tickets based on the first date the tickets were entered into the 

CROW system with respect to FTR auction process and the date when the outage began. The left 
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axis shows the count of tickets in the FTR-year for planned transmission line outages of 230kV 

or more with a duration of 5 days or more categorized by the CROW ticket creation date with 

respect to the FTR auctions. The right axis shows the same information as a share of total outage 

tickets for the year. The first date the outage was created was used regardless of whether 

revisions were subsequently made to the ticket. The actual start date of the ticket was used to 

assign the ticket to the relevant strip outage month.  

If the outage ticket was first created prior to the Annual auction, the outage ticket was deemed 

timely for the Annual auction (ñPrior to Annualò). Of the remaining tickets, if the outage ticket 

was first created one month prior to the start of the first day of the first month of the season but 

after the Annual auction, the outage ticket was deemed timely for the MPMA seasonal auction 

(ñPrior to Seasonò). If the outage ticket was created one month prior to the start of the relevant 

outage month but not in advance of the season, the outage was deemed to be timely for the 

prompt month-monthly auction (ñPrior to Monthò). The tickets classified as ñMonth of Outageò 

were first entered into CROW too late to be included in any of the FTR auctions. 

Figure A80: CROW Outage Tickets by Creation Date 

2023ï2025 

 

Figure A81: Monthly FTR Valuation Changes for Aggregate Nodes 

The changing definitions of aggregate nodes is a key issue because changing the definition of 

aggregate nodes can substantially change the value of FTRs sourcing and sinking at these 

locations and can cause significant underfunding. In Figure A81, we calculate the monthly 

change in valuation from redefining aggregate nodes in the current and prior FTR year. The bars 

are grouped into positions taken in the annual auction (blue), prompt month of the MPMA 

(burgundy) and forward months of the MPMA (green).  
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Figure A81: Monthly FTR Valuation Changes for Aggregate Nodes 

June 2022 ï January 2024  

 

Figure A82: Financial vs. LSE Participation in the FTR Auctions   

To summarize the participation in the various markets, we quantify the average number of 

participants in the annual, seasonal MPMA, and monthly auctions by LSEs and non-LSEs. The 

LSEs are defined as anyone receiving an allocation prior to the Annual Auction. The top panel 

shows the average number of participants in auctions selling FTRs for peak hours while the 

bottom panel shows the same results for non-peak hours. 

Figure A82: Financial vs. LSE Participation in the FTR Auctions 

Average Number of Participants 2024-2025 
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D. Other Key Congestion Management Issues 

This subsection identifies three key opportunities to improve congestion management broadly. 

Decommitting Resources that Cause Congestion 

MISO only decommits units in real time that were committed economically in the day-ahead 

market when it must for reliability reasons. It does so by manually redispatching the resource to 

0 MW. This action ensures resources are eligible to recover Day-Ahead Margin Assurance 

Payments (DAMAP) if the real-time LMP exceeds the unitôs day-ahead LMP. While an 

economic decommitment could result in similar uplift exposure, there are situations where 

decommitting a resource could alleviate significant congestion and reduce production costs.  

Table A13: Case Studies Selected for LAC Decommitment Analysis 

To assess the potential benefits of day-ahead economic decommitment, we performed case 

studies using MISOôs Look-Ahead Commitment (LAC) model. Case studies were defined as a 

combination of operating day, generator(s), and LAC case time. The units in each case study 

each had a large shift factor on a constraint that was binding in real-time. LAC case times were 

selected using the first LAC case where the resourcesô LMPs were showing negative values for 

several intervals after the unitsô minimum runtimes were completed. Input files for LAC were 

modified so that the day-ahead commitment was removed for the units of interest. This allowed 

LAC to turn off the units in the case files.  

We identified candidate case studies with negative LMPs in LAC for extended periods of time, 

often several hours. In one case study, the LMPs in LAC were negative for nearly the unitôs 

entire commitment period. Each unit in our case study had a large shift factor on a constraint that 

was binding in real-time. All the LAC cases we evaluated were seven hours long. Additional 

information about the selected case studies is shown in Table A13. Case Studies 1 and 2 were 

consecutive market days with the same units. 

Table A13: Case Studies Selected for LAC Decommitment Analysis 

Case 

Study 

Number of 

Units 

Unit Type GSF Season 

1 2 Combined Cycle 44% Summer 

2 2 Combined Cycle 44% Summer 

3 2 Combustion Turbine 14% Winter (storm event) 

4 2 Combined Cycle 75% Fall 

5 2 Combined Cycle 8% Winter 

In our analysis, we re-solved LAC and allowed it the option of decommitting the units of interest 

for each case study. We observed that in some of our case studies, alternative units were 

dispatched to higher schedules, and additional units were committed that did not have a day-

ahead schedule in the initial base case. The LAC model also recalculated shadow prices and 

LMPs in our case studies. The largest observed LMP change occurred in Case Study 2, where 

average LAC LMPs at the study units increased from -$820 to $35 as congestion on the 

constraint was eliminated. 
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Figure A83: LAC Decommitment Case Study Savings 

We calculated production cost savings, constraint violation costs, excess congestion fund (ECF) 

costs, and DAMAP costs in each case study. Figure A83 illustrates the production cost savings in 

the violet bars, the violation cost savings in the maroon bars, the DAMAP savings in the green 

bars, and ECF savings in the light blue bar. We calculated the production cost savings based on 

offer data and the dispatch MWs from LAC. Production costs include both hourly production 

costs and start-up costs, which were calculated for units that were turned on in LAC for both the 

base case and test case. The LAC solution for Case Study 4 dispatched up units that had higher 

incremental energy costs as a substitute for the two units that were decommitted. 

We calculated violation costs for all active constraints using the modeled flows and shadow 

prices from the LAC model. Case Study 1 resulted in increased violation costs as the target 

constraint in this case study was not in violation in the LAC base case. The LAC reruns for this 

case resulted in violations on other constraints, which caused the total violation costs to increase. 

Violation costs decreased in the other four case studies.  

We calculated the ECF costs for the base cases using real-time data from the market day. We 

used the real-time data plus the difference in constraint flows from the base case to the test case 

to estimate the ECF costs. We multiplied the estimated real-time flow for the test case by the test 

case shadow price in LAC to calculate the ECF savings.  

We estimated how much DAMAP the units would have received because of the decommitment 

in LAC. In each case study, allowing LAC to turn off the unit reduced congestion and led to 

higher RT LMPs. This in turn resulted in higher DAMAP costs as the units that were turned off 

would be eligible for uplift at these higher LMPs. Instead of buying out of a DA schedule at 

sustained negative LMPs, the unit is buying out of their day-ahead schedule at positive LMPs. 

DAMAP costs were calculated just for the units of interest in each case study. 

Figure A83: LAC Decommitment Case Study Savings 

 




























































































































































