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Appendix: Introduction

l. | NTRODUCTION

This Analytic Appendix provides an extended analysis of the topics raised in the main body of
the State of the Market Repowe present the assumptions, methods, and motivation for each of
the analysesTherefore, it is intended to serve as a useful reference document to accompany the
report since our conclusions from these analyses and how they relate to the performance of the
markets are discussed in the replriaddition, the body of the report includes a discussion of

our recommendations to improveetdesign and competitiveness of the market.

The sections and analyses are intended to track the order of topics in the main body of the State
of the Market ReporHowever, this appendix contains many figures and tables that are not
included in the reparfThese figures and tables provide additional insight and detail or show the
analytic results in a more disaggregated form.

We want to express our appreciation to MISO staff for their cooperation and support in
providing data, other information, and feedback on numerous topics and issues addressed in this
report.
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Appendix: Price and Load Trends

. PRICES AND L OAD TRENDS

In this sectionywe provide our analysesf t he pr i ces a nddyaleadtacdo me s
reattime energy markets.

A. Market Prices

In a wellfunctioning, competitive markesuppliers have an incentive to offer at their marginal
costs Therefore, energy prices shoudrrespond closelwithr e s o unargiraproduction
costs which are primarily comprised of fuel costs for most resources

Figure AL: All-In Price of Electricity

Figure AL shows thanonthlyfi ail h 0 pr i c e o f2028td 2024dlong wdthithie gricef r o m
of natural gast the Chicago Citygate trading hdthe leftmost section shows the annual

average prices for 2014 throug@24 The alkin price represents the cost of serving load in

MI S CGetedricitymarket It includes the loadveighted reatime energycost as well as real

time ancillary servicecosts, uplift costs, and capacity coR&RA clearingoricemultiplied by

the capacity requirement) per MWh of rdahe load We separately show the portion of the all

in energy price that is associated with shortage pricing for one or more products

Figure Al: All-In Price of Electricity
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Appendix: Price and Load Trends

Figure A2: Cross Market AHIn Price Comparison

To provide perspective on how the MISO markets compare to the other easterri-RjU@&sA2
shows the alln price for each market fro@022through2024 These markets have migrated to
similar market designs, including locational energy markets, operating reserves and regulation
markets, and capacity markets (with the exception of ERC@ayever, the details of the

market rules can vary substantially

Figure A2: Cross Market All-In Price Comparison
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Figure A3: RealTime Energy Pricduration Curves

Figure A3 shows the redime hourly prices atevernrepresentative locations in MISO in the

form of a priceduration curveA price-duration curve shows the number of hours (on the
horizontal axis) when the LMP is greater than or equal to a particular price level (on the vertical
axis). The differences between the curves in this figure are due to congestion andibgdes
cause energy prices to vary by location.

The table inset in the figure provides the percentage of hours with prices greater than $200,
greater than $100, and less than $0 per MWh in the three most recenT edrghest prices

often occur during pedkad periodsvhenshortage conditionare most commarPrices in these

hours arean important component of the economic signals that govern investment and retirement
decisionsBroad changes in prices are generally driven by changes in underlying fuel prices that
affect many hourdn contrast, chages in prices at the high end of the duration curve are usually
attributable to differences in weathrelated peak loads that impact the frequency of shortage
conditions.
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Figure A3: Real-Time Energy PriceDuration Curve
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Share of All 2022 2023 2024
Hours with LMP |>$200 >$100 <$0 |>$200 >$100 <$0 |>$200 >$100 <S$0
Indiana Hub 0.1% 0.5% 02% | 0.5% 2.7% 0.0% | 04% 2.1% 0.0%
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Figure Ad: MISO Fuel Prices

Fuel prices are a primary determinant néegypricesbecauseheyare the majority of most
gener at or s 0. Natumal ggdiredaesources set eaergy prices in most peak hours and
coakfired units in many offpeak hoursFigure A4 shows both fuel prices at multiple locations.
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Figure A4: MISO Fuel Prices
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Annual Average 2022 2023 | 2024 Annual Average 2022 2023 | 2024
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—— Henry NG $6.39 $2.53 | $2.24 — PRB Coal $1.01 $0.82 | $0.79
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Appendix: Price and Load Trends

Figure A4 shows the prices for natural gas at Henry Hub and Chicago Citygate and two types of
coal in the MISO region since the beginnin@2623 The figure shows nominal prices in dollars

per million British thermal units (MMBtu)The table below the figure shows the annual average
nominal prices betwee2022and2024for each type of fuel.

Figure A6: Implied Marginal HeaRate

Fluctuations in marginal fuel prices can obscure the underlying trends and performance of the
electricity marketsTo estimate the effects prices ofactors other than the change in fuel

prices, we calculatendi i mp | i e d ma 10 Jhisnsadlculdies bytdividire the retime

energy price by the natural gas priEggure A6 shows the monthly and annual average implied
marginal heat rates in the blue bars, plotted against the left axis, and the average nominal system
marginal price (SMP) in the red diamonds plotted against the righflaxcalculate this metric,

we first calculate a daily implied he@ite based on the daily average SMP divided by the daily
maximum gas price between Chicago Citygate and the HennA\Meilthen average the daily

values for each month to calculate the monthly averages.

Figure A5: Implied Marginal Heat Rate
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B. Fuel Prices and Energy Production
Figure A6: Price Setting by Unit Type

Figure A6 examines the frequeneyith whichdifferent types of generating resourcestket
reattime SMPin MISO. Thetop panein thefigure shows the average prices when each type of
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Appendix: Price and Load Trends

unit wason the marginandthe bottom paneshows the share of market intervals tbath type
of unit set the reaime price.

While baseload codlred units historically set prigan the majority of hours, that share has
been declining over tim@018 was the first year that coal resources set the marginal energy
price less frequently than géised resourcedNearly all wind resources can be economically
curtailed when contributing to transmission congest®tause their incremental costs are
mostly a function of lost production tax credits, wind units often set negative prices in-export
constrained areas when they must lmep@d down to manage congestion.

Figure A6: Price-Setting by Unit Type
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TableAl: Capacity,Energy Output, and Prie8etting by Fuel Type

TableAl summarizes how changes in fuel prices have affected the share of energy produced by
fuel-type, as well as the generators that set thetiraal energy prices iR024compared t®023

The lowest marginal cost resources (coal and nuclear) produce half of the total Beeegise

natural gadired units are higher margirabst resources, they tend to produce a lower share of

MI SO6s energy than their .Whlawingand $olavMds@&©edss i nst
comprise a small share of MISO6s unforced cap
contribution to energy output is much higher.
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Table Al: Capacity, Energy Output, and Price-Setting by Fuel Type

2023 2024
Unforced Capacity Energy Output Price Setting
Total (MW) Share (%) Share (%) SMP (%) LMP (%)
2023 2024 2023 2024 | 2023 2024 | 2023 2024 | 2023 2024

Nuclear 11,058 10,988 8% 8%| 14% 14% 0% 0% 0% 0%
Coal 39,959 37,417| 30% 28% 28% 26% 36% 36% 79% 77%
Natural Gas 64,588 63,636 49% 48% 39% 39% 63% 63% 94% 91%
oil 1,476 1,436 1% 1% 0% 0% 0% 0% 1% 0%
Hydro 4,059 3,783 3% 3% 1% 1% 1% 1% 2% 2%
Wind 9,349 11,362 7% 9%| 15% 15% 0% 0%| 59% 64%
Solar 1,362 3,880 1% 3% 1% 2% 0% 0% 8% 10%
Other 674 823 1% 1% 1% 2% 0% 0% 1% 2%
Total 132,526 133,326

C. Load and WeatherPatterns
Figure A7: Load Duration Curvesand2024 Peak Load

Although market conditions can still be tight in the winter and shoulder seasons because of
generation, transmission outages, and fuel supply isBUSE) continues to ba summer
peaking marketlo show the hourly variation in loaBigure A7 shows load levels fd2024and
the prior two years the form ofhourly load duration curngeThese curveshow the number of
hours on the horizontal axis in which load is gretitanor equal tahe levelindicated on the
vertical axis We showcurves for2022through2024separately

Figure A7: Load Duration Curves and 2024Peak Load
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Appendix: Price and Load Trends

Load duration curves reveal the changes in load that are due to economic activity and weather
conditions, among other thingBhe inset table indicates the number and percentage of hours

when load exceeded 80, 90, 100, and 110. Gh¥ figure shows the actual and predicted peak

load for2024The APredicted Peak (50/50)0 is the pre:
load could be higher or lower than this level with equal probabilitye A Pr edi ct ed Pea
(90/10)0 is the predicted peak | oad where act
percent probability (i.e., there is only a 10 percent probability of load peaking above this level).

Figure A8: Heating and Cooling DegreBays

MI SO6s | oad sensitiva FeggungA8 ilustratesrthe influence of weather on load by
showing heating and cooling degr@aysthat area proxy for watherdriven demand for energy
These are shown alongth the monthly average load levels for the prior three years.

The top panel shows the monthly average loads in the bars and the peak monthly load in the
diamondsThe bottom panel shows monthly Heating DegPegs (HDD) and Cooling Degree
Days (CDD) averagedver the 10 years prior 022across four representaticgiesin MISO
Midwest and two cities in MISO SouttiThe table athe bottom shows the yeaveryear

changes in average load and degtags

Figure A8: Heating and Cooling DegreeDays
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I 2023 100,000 g
B 2024 80.000 £
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oL
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= H2024 HDD
2 600
= 0 32022 CDD
Av =
% Chg 23-24 |8 @2023 CDD
Avg.Load | 0% H2024 CDD
Degree Days | -1%
1 HDDs and CDDs are defined using daily temperature observations relative to a base temperature (in this case,

65 degrees FahrenheiBor example, a mean temperature of 25 degrees Fahrenheit in a particular week in
Minneapolis results in (625) * 7 days = 280 HDD$Io account for the relative impact of HDDs and CDDs,
HDDs are inflated by a factor of 6.07 to normalize the effects on load (i.e., so that one ad[DBtdwhs the
same impact on load as one CDDhis factor was estimated using a regression analysis.
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D. Ancillary Services Markets

Scheduling of energy and operating reserves, which include regulating reserves and contingency
reserves, i s | oi nt {inge market softwardsadresultpopperturstyoodt r e a |
tradeoffs canresult in higher energy prices and reserve prieasrgy and ancillary services

markets (ASM) prices are additionally affected by reserve shortdfesn the market is short of

one or more ancillary services products, the demand curve for that product will set the market

wide price for that product arze included in the price of higher valued reserves and energy

Ancillary services products include regulation, sHertn reserves, and contingency reserves,

which is comprised of spinning reserves and supplemental regelaal operating reserves

are the sum of these products.

The demand curves for the various ancillary services produgz@iwere:

T Regulation: varies monthly according to th
$139.76per MWh.

1 Spinning Reserves: $65 per MWh (for shortages betwemand 10 percent of the
marketwide requirement) and $98 per MWh (for shortages greater than 10 pércent).

1 Total Operating Reservés:

- For cleared reserves less than four percent of the maittetrequirement, the Value
of Lost Load ($3,500 per MWh) minus the monthly demand curve price for
regulation.

- For cleared reserves between four and twelve percent, the estimated probability of
lost load is based on a single large resource contingency.

- For cleared reserves between twelve percent and the Most Severe Single Contingency
(MSSCQC), the curve is flat at $2,100 per MWh and then steps down to $1,100 per
MWh.

1 Short Term Reserves: In November 2022, MISO implemented asteiticurve that
reached a high step of $500 per MWh, replacing its previously curve set at $100 per MWh.

The most important reserve constraint is the mankeéé operating reserve requirement
(contingency reserves plus regulatioRis is because a shortage of total operating reserves has
the greatest potential impact on reliabiliccordingly, the total operating reserve constraint has
the highespriced reserve demand cuni® the extent that increasing load and unit retirements
reduce the capacity surplus in MISO, more frequent operating reserve shortages will play a key
role in providing longterm economic signals to invest in new resources

2 Contingency Reserves provide arhihute response rate, whereas shenn reserves provide a-3@inute
response rate.

3 There is an additional $50 per MWh penalty called tfF

4 There is no separatemand curve for Supplemental ReserfRies for Supplemental Reserves during
shortages are established by the Total Reserve demand curve (known as the operating reserve demand curve
or ORDC).
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Figure A9: RealTime Ancillary Service ClearingPrices and Shortages

Figure A shows monthly average retaine clearing prices for the four ancillary senace
products: regulation, spinning reserves, supplemental reserves, antéshakserves.

Supplemental reserves are the lowest quality contingency reserve because the technical
requirements are less stringent than for regulation and spinning re§&rvbscause

supplemental reserves will be short in conjunction with total reserves, a shortage of supplemental
reserves is an operating reserve shortagies will result in the largest shortageicing

component in each of the other reserve prices and in the energyHmioe A shows the

frequency with which the system was short of each class of resasvegll astte impact of

each productdés shortage pricing.

Figure A9: Real-Time ASM Prices and Shortagd-requency
2024
$25 2.5%
Reg Spin Supp STR

2023 Avg. Price $10.73  $2.34  $0.37  $0.12
Shortage Price $0.50 $0.34  S$0.12 $0.07
Shortage Price  $0.99  $0.67 $0.39  $0.08 ’
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Impact from Spin Shortages -
Supp Reserve Price (excl. shortages)

(=2
—
h

Impact from Operating Res. Shortages
Short-Term Reserve
Share of Intervals in Shortage

¢0EECRERDE

$10 1.0%

Price (S/MWh)

5-Year Average
0.5%

Share of Intervals with Shortage
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Note SupplementaReserve shortages in the figure reflect Operating Reserve shortages.

Additionally, higherquality reserves can always be substituted for leyuedity reserves
Therefore, the price for spinning reserves will always be equal to or higher than supplemental
reservesLikewise, when a shortage occurs in a lowaality reserve product, it appears in the
price of all highemuality reserves.

Figure ALO: Regulation Offers and Scheduling

ASM offer prices and quantities atee primary determinants of ASM outcomé&sgure ALO
examines average regulation capabiityMISO resourcefkegulation capabilitys less than
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spinning reserve capability because (@) it can only be provided by regulapiable resources
and (b) it is limited to five minutes of-dlirectional ramp capability

Clearing prices for regulating reserves can be considerably higher than the-bligtiest
regulationoffer prices because tlyereflect opportunity costs incurred when resources must be
dispatched up or down from their economic level to providgireictional regulation capability

In addition, as the higheguality ancillary service, regulation can substitute for either spinning
or supplemental reservddence, any shortage in those products will be reflected in the
regulating reserve price as well

Figure A10: Regulation Offers and Scheduling
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The figureabovedistinguishes betweedheregulation thats available to the fiveninute

dispatch in the solid bars and quantities that are unavailable in the hashddh&digure
separately shows the quantitigsavailablebecause thegre not offered by participants, not
committed by MISOprl i mi t ed by dispatch | evel (i.e.,

Figure ALl Contingency Reserve Offers and Scheduling

MISO has two classes of contingency reserves: spinning reserves and supplemental reserves
Spinning reserves can be provided by online resources for up to 10 minutes of ramp capability
(limited by available headroom above their output le\@ljpplemental reserves are provided by
offline units that can respond within 10 minutes, including their startup and notification times
The contingency reserve requirement is satisfied by the sum of the spinning reserves and
supplemental reserves
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As noted above, highefalued reserves can be used to fulfill the requirements of {quadity
reservesTherefore, prices faregulationalways equal or exceed those $pmningreserves,
which in turn always equal or exceed pri@ssupplementateservesAs with regulation,
spinning andsupplementateserve prices can exceed the highest cleared offer as a result of
opportunity costs or shortage pricing.

Figure Al1shows the quantity afpinning andsupplementateserve offers by offer pric©f the
capability not availabléor dispatch, the figure distinguishes between quantities not offered,
derated, and limited by dispatch level.

Figure A11l: Contingency Reserve Offers and Scheduling
2024
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1. FUTURE M ARKET NEEDS

In this sectionweillustratet he dr amati ¢ changes i n MISOG6s
implications of these changé&e then identify the key market issuasn-market issugsand
improvements that will allow MISO to successfully navigate this transition.

A. Future Market Needs

Figure AL2: Anticipated Resource Mix

gen

MI SO6s supply portfolio is expecteMl S@6schange

interconnection queue is comprised of mostly renewable resoMt®® currently has more
than1,900active projects in the interconnection queue, totadwvgy 330GW. Almost halfof

these are solar projecsnd an additional 15 percent are hybrid projects, while 17 percent are
battery storageand anothet?2 percent are wind projects.

Over the past few year8lISO has been producing thrpetential Future Scenarits boundits
expectations regarding the future needs of the sy&tanture 2 is an intermediate case that is
the pri mary b a-sange transmissioNplaargigure IKL& shagws themix of
resources ihe priorFuture2 case published two years ago, as well as the most recent Future
2A published this yeaiThe stacked bars indicate the amount of capacity by fuel type in each
yearand casgbeginning with the 2@resource mix

Figure A12: Anticipated Resource Mix 2032 and 2042
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As described in the report, we find Future 2A to be an unrealisticltases unreasonably high
accreditation assumptions for wind and solar resources, which causes its capacity expansion

S See:https://www.misoenergy.org/planning/resourddization/Gl_Queue/Data downloaded March 3, 2025.
6 See:https://cdn.misoenergy.org/Seriesl1A Futures_Report630735.pdf
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Appendix: Future Market Needs

model, EGEAS, to forecast that enormous quantities of these resources will be built to satisfy
reliability objectives The figure includes a modified Future 2lM case that assumes

intermittent resources would not be built to satisfy reliability objectives because their reliability
value falls as more ent€efo calculate the differences in the IMM case, we determine the amount
of capacity credit assumed to be provided by wind and solar resources built by EGEAS, then
calculated an amount of batteries, hglmesources, and gas resources that would provide the
same capacity valu@he purpose of this case is to illustrate the sizable effects of the
assumptions MISO used in the EGEAS model.

Figure AL3andFigure Al4: Share of Load Served by Wind Generation

We conducted an analysis to illustrate the <cu
how this share has changed over the past five yi@aosir analysis, we determined for each hour
thetotalreat i me wi nd gener at i-toneloamadweMds&@anal t ot al r

calculations of the same metridhe wind generation share of load for each hour was calculated

by dividing the total wind generation in the hour by the total load for the sameHoouhe

regional calculation, the numeratorwahi e wi nd generated i n MISO06s
denomi nator wused wa-8metfoadan the Centrabahd Ndrth$e@idns forithe a |
same hourln Figure AL3 andFigure Al4 below, the xaxis represents the percentage of load

served by wind, and theaxis shows the percentage of hours during the year when at least that
wind share of load prevaileWe indicate in the table the average, median, and maximum share

of MI SO6s | oad that was ser 2024in doditiorvidthed o ut put
elements in thenarketwide figure, the Midwest figure brings a dropline atp@dcent which is

the level noted in the RIIA studies as the point at which renewable penetration could require
additional investment and market design changes

Figure A13: Share of MISO Load Served by Wind GenerationrOver Time
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Figure A14: Midwest Load Share Served by Wind GeneratiorOver Time
20191 2024
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Figure AL5andFigure AL6: Daily Range of Wind Generation Output

Operational challenges arise because of the substtmntialationsof the wind outputAs these
fluctuationsgrow, so do thevind forecaserrors To illuminate thesehallenges, we examined
the daily range in wind output along with the average wind output each daydrarary
throughApril in Figure AL5, andMay through Decembe2024in Figure AL6.

Figure A15: Daily Range of Wind Generation Output
Januaryi April 2024
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Figure A16. Daily Range of Wind Generation Output
May i DecembeR024
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In the figureswe plot the range of hourly wind outgatinimum to maximumjor each day in

the blue and pink bar$he black line represents the average wind production eacf ldaypink
bars represent days when wind output fluctuated by more th&w10

Figure AL7: Net Load in MISO on a Representative Winter Day

MI SO6s interconnection queue i sSolaroesgurcesare d o f
forecasted to grow more rapidly than any other resource type in the next 20 Giaesn the

timing of the expected increases and decreases in the output from solar resources in MISO, a

| arge quantity of these resources would Ii kel
needsOnce solar resource output increases in the late morning, the conventional resources will

need to ramp down to balance the solar outhgecond demand to ramp up conventional

resources will occur as solar output falls off sharply in the evening.hthese patterns are
sharpest in the winter because MI SO6s | oad pe

Figure AL7 illustrates these changes in ramp demalidgsiows the net load on Januar2832,

in the black lineThe maroon line shows the actual solar produciitve dotted and solid orange

lines represent forecasted hourly solar production in 2032 consistent with dhel 9%'

percentile output levels, respectivelihe green dotted and solid lines at the top of the figure

represent the'5and 94" percentile net load in 2032, respectivélfiese forecasts are based on

MI SO6s Future Scenar i oWediged pourlg pragected sadar psoductmmr ¢ a p
to calculate the'®and 9%' percentile of antipated hourly solar productiowe assumed that

load growth and growth in wind would scale up proportionally

7 See: Final Draft MTEP20 Full Reporthttps://cdn.misoenergy.org/MTEP20%20Full%20Report485662.pdf
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Figure A17: Net Load in MISO on a Representative Winter Day
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B. The Evolution
Figure AL8: Uncertainty andVil SO0 s
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renewable growth over the next five to ten yeRenewable technologies offer clean and low
marginalcost electricity at the expense of greater uncertainty and lower reliability than

conventional resourceg/h i |

e

of the MI SO Markets to Satisf
Operating Requirements

structure may | imit MISOOG6s

ncreases in supply uncertaint

processes and operationsarket systems and products may need to be modified in turn to
compensate and send signals for flexible resourasstment

Figure AL8 shows the marketvide net uncertainty from the perspectives of one andtour
forecast leasl This is calculated using historical data on¢benbinel impact of generation

resource forced outages and forecast errors from load and renewWébleslculate the

uncertainty typically faced on the system (th& pércentile) and in the hours when uncertainty

is higher (higher percentileshhe figure shows the uncertainty one hour ahead and four hours
ahead (blue barsyhe red, green, and purple lines indicate the underlying contributing factors of
load forecast error, renewable forecast error,genrating resource trips and derates.
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V. ENERGY M ARKET PERFORMANCE AND OPERATIONS

MI SO6s el ectri ci t y-setibeamerk g/dtesn, cleqriegrindhe gdyeadranda t wo
reattime timeframesThe dayahead market is financially binding, establishing-dag forward
contracts for energy and ancillary servicEse realtime market clears based on actual physical
supply and demand and settles any deviations froratagd contracts at ret#ine prices.

A. Day-Ahead Energy Prices and Convergence with Redlime Prices
Figure AL9 andFigure A20: Day-Ahead Energydub Prices and SMP

Figure AL9 shows average daghead prices during peak hours (6 a.m. to 10 p.m. ofmolutay
weekdays) at six hub locations in MISO anddlag-ahead System Marginal Price (SMP)

Figure A19: Day-Ahead Hub Prices andSMP
Peak Hours2023 2024
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Figure A20 shows similar results for effeak hours (10 p.m. to 6 a.m. on weekdays and all hours
on weekends and holidays)igher prices in one location relative to another indicate congestion
and loss factor differences between those areas.
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Figure A20: Day-Ahead Hub Prices andSMP
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Convergence between dapead and redime prices is a sign of a wellinctioning dayahead
market, which is vital for overall market efficiendf/the dayahead prices fail to converge with
the realtime pricesthen the reatime physical dispatch is not being anticipated in thealsad
market This can result im) Generating resources not being efficiently commiktedausenost
are committed through the daynead market)) Consumers and generators being substantially
affected because most settlerteeoccur through the daahead market; ang) Payments to FTR
holders not reflecting the true transmission congestion on the network, which will ultimately
distort future FTR prices and revenues.

Par t i ci -pheadmarket bdlsaayd offers should reflect their expectatidhe ofaltime
market the following dayHowever, a variety of factors can cause-teak prices to be
significantly higher or lower thathoseanticipatedn theday-aheadmarket While a welt
performing market may not result in pricgmverging on an hourly basis, they shatddverge
on a longettermbasis.

Figure A21to Figure A26. Day-Ahead and Realime Prices

The next seven figuresimmarize price convergence in the MISO marketshmying monthly
average prices in the dahead and redime markets at representative locations in MISO, along
with the average RSG casdllocategper MWh8 The table below the figures shows the average

8 The rate is the Day\head Deviation Charge (DDC) Rate, which excludes the locapesific Congestion
Management Charge (CMC) Rate and Pass 2 RSG.
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day-ahead and redime price differencgncludingand excludindRSG chargeRealtime RSG
is assessed to deviatiofitem theday-ahead schedulekat are settled through the réiahe
market including net virtual suppl\Reatltime RSG chargearegenerallymuch higher than day
ahead charges attherefore shouldleadto modest daygheadprice premiums.

Figure A21: Day-Ahead and RealTime Prices
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Figure A22: Day-Ahead and RealTime Prices
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Figure A23. Day-Ahead and RealTime Prices
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Figure A24: Day-Ahead and RealTime Prices
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Figure A25. Day-Ahead and RealTime Prices
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Figure A26. Day-Ahead and RealTime Prices
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Figure A27. Day-Ahead Ancillary Services Prices and Price Convergence

Price convergence is also important in @meillary service markets whichare jointly optimized
with the energy market&igure A27 shows monthly average dahead clearing pricdsr each
ancillary services product, along with dalgeacandreattime price differences.

Figure A27: Day-Ahead Ancillary Services Prices and Price Convergence
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B. Day-Ahead Load Scheduling

Load schedulingNet Scheduled Interchange (N&phd virtual trading in the daghead market
play an important role in overall market efficiency by promoting optimal commitments and
improved price convergence between-déigad and reagime marketsDay-ahead load is the
sum of physical load and virtual lodéhysical load includes cleared prsensitive load and
fixed load Pricesensitive load is scheduled (i.e., cleared) if theatagad price is equal to or
less than the load hid fixed-load schedule does not include a bid price, indicating aetkesi
be scheduled regardless of the-@ead price

Virtual trading in the daaahead market consists of purchases or sales of energy that are not
associated with physical load or resour&milar to pricesensitive load, virtual load is cleared
if the dayahead price is equal to or less than the virtual load\®tday-aheadoad is defined
asday-ahead clearephysical loagplus cleared virtual loadhinus cleared virtual supplylus
NSI. Thedifferencesbetweemetday-aheadoadandreattime loadare important because they
can undermine the efficieg of the generataommitment patterns andise RSGosts
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Whennetday-ahead load is significantly less than riale load, particularly in the pediad
hour of the day, MISO will frequently need to commit peaking resoaftesthe dayahead
marketto satisfyt h e s y s-tineemdd&andThis eah contribute to suboptimal reahe
pricing and can result in inefficieoutcomesvhen lowercost generation scheduled in the -day
ahead market is displaced by peaking units committed in realBiecause these peaking units
frequently do not set redilme prices (even though they are more expensive than other
resourcek the economic feedback and incentive to schedule more fully in thahadeygd market
will be diluted.

Additionally, significant supply increases after the-@énead market can lower reahe prices
and create an incentive for participants to schedule net load at less than 100 Ppleecerdst
common sources of increased supply in real time are:

Supplemental commitments made by MISO for reliability after theatead market;
Self-commitments made by market participants after theadtesad market;

Underscheduled wind output in the daypead market; and

= =2 =2 =2

Realtime net imports above daahead schedules.
Figure A28to Figure A30: Day-Ahead Scheduled Versus Actual Loads

To show netlayaheadoad-scheduling patterngigure A28 compares the monthBverageday-
ahead scheduled loaddgerage redime load The figure shows only the daily peak hours when
underschedulings most likely to require MISO to commit additionahits The table below the
figure shows the average scheduling levels in all hours and for the peaksosinow peak

hour scheduling separatdby region inFigure A29 andFigure A30.

Figure A28: Day-Ahead Scheduled Versus Actual Loads
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Figure A29: MISO Midwest Day-Ahead Scheduled Versus Actual Loads
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Figure A30: MISO South Day-Ahead Scheduled Versus Actual Loads
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C. Load Forecasting

Load forecasting is a key element of an efficient forward commitment préaessgacy of the
Mid-Term Load Forecast (MTLF) is importdmgcause it is used lilge Forward Reliability
Assessment Commitment (FRAC) process.

Figure A3L: Daily MTLF Error in Peak Hour

Figure A31shows the MTLFerroras a percent adctual loadn the peak hour of each day
Figure A31: Daily MTLF Error in Peak Hour
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D. Hourly Day-Ahead Scheduling

The dayahead energy and ancillary services ma&ketar o an hourly basisAs a result, all

day-ahead scheduled ramp demands coming into theine@aimarket, including unit

commitments, deommitments, and changes to physical schedules are concentrated at the top of
eachhour.

MISO has several options to manage the impact ebtape-hour changes in real time,

including staggering unit commitments (which can result in increased RSG payments) or
proactively using load offsets in order to reduce ramp implcisetheless, the reime ramp
demands created by the current hourly resolution of theadagd market can be substantial and
can produce significant reme price volatility MISO should consider implementing a shorter
scheduling interval in the deghead market
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Figure A32 Ramp Demand Impact of Hourly D&@head Market

Figure A32 below shows the implied generation ramp demand attributable talcad

commitments and physical schedules compared teinealload change$Vhen the sum of
these changes is negative, online generators are forced to ramgeaptimeto balance the
market When the sunof these factorss positive, generators are forced to ramp dowreal

time. The greatest ramp demand periods occur at the top of the hour becausaloéathy
commitment changes and changes in NSI.

Figure A32 Ramp Demand Impact of Hourly Day-Ahead Market
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E. Virtual Tra nsactions in the DayAhead Market

Virtual trading provides essential liquidity to the emtyead market because it constitutes a large
share of the price sensitivity at the margin that is needed to establish efficieattedad/prices
Virtual transactions scheduled in the gdyead market are settled aganestttime prices

Virtual trading is profitable when a trader buys low and sells.titghvirtual demand bidghis

is when the reatime energy price is higher than the ddyead priceFor virtual supply offers

this iswhen the dayahead energy price is higher than the-teaé price

Accordingly, if virtual traders expeday-aheadrices to bénigherthanreaktime prices, they
sell virtual supplyforwardand buyit backfinancially in thereattime marketlf they forecast
higherrealtime prices, they buy virtual load his trading is one of the primary means to
arbitrage prices between the two markBiismerous empirical studies have shown that this
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arbitrage converges dahead and redime prices and, in doing so, improves market efficiency
and mitigates market power.

Large sustained profits from virtual trading may indicate-alagad modeling inconsistencies,
while large losses may indicate an attempt to manipulat@kesd pricesAttempts to create
artificial congestion or other price movements in the-alagad markatsing a virtual position
would cause prices to diverge from réiate prices This divergence would caudiee virtual
position tobe unprofitableWe monitor for such behavior and utilize mitigation authority to
restrict virtual activity when appropriat

Figure A33andFigure A34: Day-AheadVirtual Transaction Volumes

Figure A33 shows the averaggfered and clearedmounts of virtual supply and virtual demand

in the dayahead market frorB023to 2024 Figure A34 separates th2024volumes by region

The virtual bids and offers that did not clear are shown as dashed areas at the end points (top and
bottom) of the solid bar§hese are virtual bids and offers that were not economic based on the
prevailing dayahead market prices (supmifered abovehe clearing price and demand bid

below the clearing price).

Figure A33: Day-Ahead Virtual Transaction Volumes

2023 2024
50,000
40.000
E T 30.000
(]
¢ = 20.000
; =
< 5 10.000
’
= 0
-
S ». -10.000
=g
&% £ -20.000
s 0
E 1 -30.000
-40.000
i Uncleared
~50,000 EM@ Cleared. Price Sensitive
-60.000 BB Cleared. Price Insensitive
BB Cleared. Screened Transactions
-70.000
222324 FMAMIJ JASONDIJFMAMIJ JASOND
Avg. 2023 2024
9 Chaves, Jose Pablo and Yannick Perez. 20ittual Bidding: A Mechanism to Mitigate Market Power in Electricity

Markets: Some Evidence from New York Market, Working Paper.

Hadsell, Lester, and Hany A. Shawky. 200neDay Forward Premiums and the Impact of Virtual Bidding on the New
York Wholesale Electricity Market Using Hourly Data, Journal of Futures Markets 27(11).

Mercadal, Ignacia2015 Dynamic Competition and Arbitrage in Electricity Markets: The Role of Financial Players
Working Paper, University of Chicago, October 2015.

2024 State of the Market Report | 31



Appendix: Market Performance and Operations

Figure A34: Day-Ahead Virtual Transaction Volumes by Region
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The figures above separately distinguish between-ggasitive and pricensensitive bids

Priceinsensitive bids are those that are very likely to clear (supply offers priced well below the
expected reafime price and demand bids priced well above the expectetmesaprice) For

the purpose of these figures, bids and offers submitted at more than $20 above or below an
expected realime price are considered price insensitesubset of these transactions

contributed materially to an unexpected eiéfince in congestion between the-dagad and real

time markets and warranted further investigatbln e s e v ol umes are | abel ed
Transactionsd in the figures.

Figure A35to Figure A38: Virtual Transaction Volumes by Participant Type

The next figures show deghead virtual transactions by participant typleis is important

because participants engage in virtual trading for different purpg@kgsical participants are

more likely to engage in virtual trading to hedge or manage the risks associated with their
physical positionsFinancial participants are more likely to engage in speculative trading
intended to arbitrage differences between-dagad and redime marketsThe latter class of

trading is the conduct that improves thefpenance of the marketBigure A35 shows the same
results but additionally distinguishes between physical participants that own generation or serve
load (including their subsidiaries and affiliates) and finanardy participantsFigure A36 and

Figure A37 show the same values by region, &ngure A38 shows these values by type of
location.
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Figure A35: Virtual Transaction Volumes by Participant Type
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Figure A36: Virtual Transaction Volumes by Participant Type
MISO Midwest, 2024
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Figure A37: Virtual Transaction Volumes by Participant Type
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Figure A38: Virtual Transaction Volumes by Participant Type and Location
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Figure A38 abovedisaggregates transaction volumes further by type of participant and four types
of locations: hub locations, load zones, generator nodes, and inteHabss interfaces, and

load zones are aggregations of matgctricalnodes angtherefore are less prone to congestion
related price spikes than generator locations

Figure A39: MatchedPrice-InsensitiveVirtual Transactions

Figure A39 shows monthly average cleared virtual transactions that are considered price
insensitive As discussed above, pritesensitive bids and offers are priced to make them very
likelytoclekarThe figure also shows the subset of tra
when the participant clears both insensitive supply and insensitive demand in a particular hour

Priceinsensitive transactions are most often placed for two reasons:

1 A participant seekan energyneutral positiomelative toa particular constrainthis
allows the participant to arbitrage differences in congestion and losses between locations.

1 A participant seekto balance their portfolidRSGor Day-AheadHeadroom and
DeviationChargegDDC) to virtual participants are assessed to net virtual supply, so
participants can avoid such charges by clearing equal amounts of supply and.demand

Figure A39: Matched Price-Insensitive Virtual Transactions
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Figure A40: Comparison of Virtual Transactidoevels

To compare trends in MISO to other RTGgure A0 shows cleared virtual supply and
demand in MISO, ISENE, and NYISO as ahareof actual load
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Figure A40: Comparison of Virtual Transaction Levels
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F.  Virtual Profitability

The next set of charts examines the profitability of virtual transactions in MihSOwelk
arbitraged market, profitability is expected to be.lelewever, in a market with a prevailing
day-ahead premium, virtual supply should generally be more profitable than virtual demand.

TableA2: Comparison of Virtual Trading Volumes and Profitability

To provide perspective on the virtual trading in MIS@bleA2 compares virtual trading in
MISO to trading in NYISQISO New EnglandSPP, and PIM

Table A2: Comparison of Virtual Trading Volumes and Profitability

2024

Virtual Load

Virtual Supply

MWasa Avg MWasa%

EILEL % of Load  Profit of Load A (FEIL
MISO 15.8% $0.39 14.5% $0.51
NYISO 6.3% -$0.64 7.4% $0.82
ISO-NE 3.1% -$2.64 6.6% $2.21
SPP 10.1% $0.64 15.9% $3.83
PIM 5.9% $0.05 5.6% $1.20
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Figure Ad1to Figure Ad2: Virtual Profitability

Figure A1 andA47 show monthlyprofits andaveragegross profitability ofclearedvirtuals in
aggregate and by participant typéis is te difference between tlkay-aheadoriceand real
time pricesat which virtuas were clearedsross profitabilityexcludesRSGcost allocations
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G. Benefits of Virtual Trading

We conducted an empirical analysis of virtual tradingd@4that evaluated virtuatansactios 0
contribution to the efficiency of market outcom@ur analysis categorized virtual transactions

into those that led to greater market efficiency as evidenced by their profitability on consistently
modeled constraints, those that did not improve efficiesogvidenced by their unprofitability,

and those transactions thahile profitable, did not produce efficiency benefif¢e examined

our results both in terms ghantitiesMWh) and net profits

The virtual transactions in each category provide an indication of what percentage of virtual
activity contributed to market efficienciet profits calculated as the difference between the
profits and the losses on consistently modeled constraints, indikatker virtual transactions
contributed to better market efficiency in MIS® providing incrementally better commitments
in the dayaheadnarketand leading to better convergence

To conduct our analysis, we first identified constraints that were modeled consistently in-the day
ahead and redgime marketsand those that were ndWe categorizedféciency-enhancing

virtual transactios asthose that were profitable based on congestion modeled in trehday

and realtime markes, as well asthe marginal energy component (systemde energy price)

We did not include transactions that were profitdddeause ofinmodeled constraints day

ahead and redgime marginaloss factordivergenceProfits from these factors do not lead to

more efficient dayahead market outcomed/e also identified virtual transactions that were
unprofitable but efficiencenhancing because they led to improved price converg&hise

happens when virtual transactions respond to atireal price trend but overshqab they are
ultimately unprofitable at the margin.

We designed tests basedamobserved transactiontahe t and a associatethggedvalue(t-24

for observations imours 011 andt-48 for observations imours 1224). These lagged values
correspond to the reéime prices a participant would have observed by the time the participant
submitted bids or offers for the next day in the-dagad marketVe usedhree tests to identify
unprofitable &iciency-enhancing virtualransactios:

1 Convergence TestWhether the absolute value of the difference between thaltzgd
and realtime LMPs at timd was less than the absolute value of the differences between
the dayahead and redime LMPs in the lagged time period

1 Day-Ahead Price Movement Test: Whether the movement in theldesd price
improved convergencas defined byhe absolute value of the difference between the
day-ahead and redime LMP at timet beingsmaller than the absolute value of the
difference between the lagged elyead price and the current réate price

1 Virtual DirectionalTest:Whether the virtuairadehelped move the daghead price in
the right directiod the virtual bid or offer would have been profitable based on the
lagged difference between the elyead and redime price

Virtual transactions that did not improve efficienggrethose that were unprofitable based on
the energy and congestion on modeled constramdsdid not contribute to price convergence
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Table /8 to Table /A&: Efficient and Inefficient Virtual Transactions 2024

The following tablesummarize the virtual transaction quantities, profits, and losses in the
efficiency-enhancing and neefficiency-enhancing categories 2024 Table A3 to Table A6
show all participants combined, financial participants, and physical participants.

Table A3: Efficient and Inefficient Virtual Transactions in 2024

All Participants

Convergent Rent-Seeking Rent-Seeking
MWh . .
Profits Loss Congestion

Efficiency Enhancing (Profitable) 96,982,677  $1,246.4M $4.1M -$18.6M
Efficiency Enhancing (Unprofitable) 15,689,283 -$100.0M $5.7M $10.4M
Total Efficiency 112,671,960 $1,146.4M $9.8M -$8.2M
Not Efficiency Enhancing (Profitable) 5,991,445 -$24.3M $7.4M $45.7M
Not Efficiency Enhancing (Unprofitable) 83,043,217 -$1,097.1M $15.8M -$5.7M
Total Inefficiency 89,034,662 -$1,121.3M $23.3M $40.0M
Total 201,706,621 $25.1M $33.1M $31.8M

Table A4: Efficient and Inefficient Virtual Transactions in 20241 Financial Participants

Financial Participants

Convergent Rent-Seeking Rent-Seeking
MWh . .
Profits Loss Congestion

Efficiency Enhancing (Profitable) 86,466,568  $1,126.6M $3.8M -$18.6M
Efficiency Enhancing (Unprofitable) 13,720,911 -$89.7M $5.1M $9.3M

Total Efficiency 100,187,479  $1,036.9M $9.0M -$9.2M
Not Efficiency Enhancing (Profitable) 5,142,360 -$21.9M $6.6M $41.6M
Not Efficiency Enhancing (Unprofitable) 72,557,425 -$986.6M $14.7M -$6.5M

Total Inefficiency 77,699,785 -$1,008.5M $21.2M $35.1M
Total 177,887,264 $28.4M $30.2M $25.9M

Table A5: Efficient and Inefficient Virtual Transactions in 20247 Physical Participants

Physical Participants

Convergent Rent-Seeking Rent-Seeking
MWh . .
Profits Loss Congestion

Efficiency Enhancing (Profitable) 10,516,109 $119.8M $.3M $.0M
Efficiency Enhancing (Unprofitable) 1,968,372 -$10.3M $.6M $1.1M
Total Efficiency 12,484,481 $109.5M $.8M $1.1M
Not Efficiency Enhancing (Profitable) 849,085 -$2.4M $.9M $4.0M
Not Efficiency Enhancing (Unprofitable) 10,485,792 -$110.4M $1.2M $.8M
Total Inefficiency 11,334,877 -$112.9M $2.0M $4.8M
Total 23,819,358 -$3.4M $2.9M $5.9M
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The profits and losses shown in the tables above are useful because they account for the fact that
some transactions are relatively more efficient or relatively more inefficient than.&hehs

table also shows rents earned by virtual transactions, which are profits thafpdodumte

efficiency benefitsTherentsreflect profitsassociated with umodeledday-aheadconstraints

and differences in the loss components between the two marketerentsdo notgenerally

indicate a concern with virtualading but rather opportunities for MISO to improve the

consistency of its modeling between the-dagad and redime markets.

Importantly, the total benefits are much larger than the marginal net benefits shown above
because: a) profits of efficient virtual transactions become smaller as prices converge; and b)
losses of inefficient virtual transactions get larger as pricesghvEo accurately calculate this

total benefit would require one to-ren all of the dayahead and redime market cases for the
entire yearNonethelessour analysis allows us to establish with a high degree of confidence that
virtual trading was bengfial to market efficiencyn 2024

H. Evaluation of ELMP Effects

MISO reformed itdday-ahead and redime energypricing throughimplementation of the
Extended Locational Marginal Pricing algorithm (ELMRY015 The purpose of ELMP is to
ensure prices reflect the true system marginal ¢astis needed because inflexible highst
units are frequently not recognized as marginal, even though they are .ndszlatbst prevalent
class of such units is online natural dimed turbinesBecause it is frequently not economic to
turn them off (they are the lowest cost means to satisfgribegy needs of the system), it is
appropriate for the energy prices to reflect the running cost of these units

ELMP is a pricesetting engine that does not affect the dispdtiMP reforms pricing by

allowing orline inflexible resources to set the LMP if the inflexible unit is econoifiese
resources i neStadRRsured | (i mwer rigkmatslty i ncl uding unit
minutes)and demand response resources

In addition to FSRs, emergency actions and resources can set prices in ELMP during declared
emergenciedn September 2021, MISO implemented recommended improvements to its
emergency pricing by: (i) expanding the set of resources that can set prices during an emergency
event0and setting minimums on the Tier 1 and 2 Emergency Offer Floor Prices at $500 and
$1,000 per MWh, respectiveht.MISO also updated the value of Reserve Procurement
Enhancement (RPE) constraints to $200 per MWh during emergencies.

Figure A43to Figure A5 ELMP Price Effects

Figure A43to Figure A5 summarize the effects of ELMP by showing the avergayeard and
downwardeffectsand the frequency that the ELMP model altered the prices upward and

downward. These metrics are shown forthe marketd e fisy st em mamegndnal pr |
day-ahead energy price, as well as for the LMP at the most affected locations (i.e., congestion

10 Resources offering up to four hours to start and a minimum run time up to four hours may now set the price
during emergency conditions (Tier 0 Emergency Offer Floor Price) when MISO declares a Max Gen Alert.

11 Tier 1 Emergency Offer Floor Prices apply when MISO declares a Max Gen Warning, while Tier 2 applies
when MISO declares a Max Gen Event Step 2.
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related effects)Additionally, to show the size of the ELMP price adjustments, the tables below
each of the first two figures show the size of the adjustments in those intervals that the ELMP
model affected the price

Figure A43: The Effects of Fast Start Pricing in ELMP

RealTime Market,2023 2024
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Figure A45: Price Effects of ELMP at Most Affected Locations
RealTime Market,2023 2024
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Figure A6 andFigure A47: EEA2 Pricing and RDT Flows

Figure A6 shows the exante and exost pricing outcomesn June 10, 202WhenMISO
declared an EEA2 event in the Midwest region and committed 3.2 GW of Midwest.(IM&s
RDT flows are shown in the bottom panel withpost LMPs for the Midwest (red line) and
South (blue) alongside the-axte SMP (black dashed) in the top panel

Figure A46. Actual EEA2 Pricing and RDT Flows
June 10, 2021
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FigureA47 below shows the same event after modeling our recommendatioodel LMRs as
STR demand in thELMP model The lines from the first figure ashownas semiransparent
to compare the alternative market solution.

Figure A47: Simulated, Proposed EEA2 Pricing and RDT Flows
June 10, 2021
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Spinning Reserve Shortages
Figure A48. Market Spin Shortage Interval&ersusRampable Spin Shortage Intervals

MISO operates with a minimum required amount of spinning reserves that can be deployed
immediately foracontingency respons®arket shortages generally occur because the costs that
would be incurred to maintain the spinning reserves exceed the spinning reserve penalty factor
(i.e., the implicit value of spinning reserves in the-teak market).

Units scheduled for spinning reserves may temporarily be unable to provide the full quantity in

10 minutes iMISO isrampng themup to provide energyfo account for concerns that ramp

sharing between ASM products could lead to real ramp shortages, MISO maintains a market
scheduling requirement that exceemosethart0® r e al
MW. As a result, market shortages can occur when MISO does not schedule enough resources in
the realtime market to satisfy the market requiksmhbut is not physically short of spinning

reserved? To minimize such outcomes, MISO should set the market requirement to make

market results as consistent with real conditionmash agossible. Figure A48 shows all

intervals in2024with a real (physical) shortage, a market shortage, or both, as well as the

physical and market requirements

12 |tis also possible for the system to be physically short temporarily, when units are ramping to provide energy,
but not indicate a market shortage because ramp capability is shared between the markets.
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Figure A48 Market Spin Shortage Intervals VersusRampable Spin Shortage Intervals
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J.  Supplemental Reserve Deployments
Figure A49: Supplemental Reserve Deployments

Supplemental reserves are deployed during Disturbance Control Standard (DCS) and Area
Reserve Sharing (ARS) evenisgure A9 shows offline supplemental resesvéeployedn
2023and2024 separatelghowingthose that were succégkwithin 10 and 30 minutes

Figure A49: Supplemental Reserve Deployments
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The figure includes the RSG payments to deployed offline res@geause their commitment
costs are not considered when scheduling supplemental reserves, high uplift payments could
indicate a need to consider expected deployment costs when scheduling reserves.

K. Uplift Costs: RSG Payments

RSG payments compensate generators committed by MISO when market revenues are
insufficient to cover 13 GeperallyeMSOrmakesomostthesp r od u ct
out-of-merit commitments in redime to satisfy the reliability needs of the system and to

account for changes occurring after the-dagadmarket Becaus¢éhese commitments receive

market revenues from the reahe market, their production costs in excess of these revenues are
recovered under reime RSG paymentdISO commits resources in rehe for many

reasongincluding to (a)meet capacity needs that can arise during peak load or sharp ramping
periods, (bmeet reatime loadthat wasunderscheduledn theday-aheadmarket or (c) secure

a transmission constrajrat local reliability neegdor to maintain voltage in a location

MISO malkesmany voltage and local reliability (VLR) commitmenpsedominantlyn the day
ahead markeMost VLR commitmentsoccur in theSouth regiorto manage load pocket
requirementsin order b satisfy theerequirements andccommodatéhe startup times of the
required resources, MISO makes reliability commitments in advance of or in tadeag
markets A significant portion of the daghead RSG is associated with these VLR resources.

Peaking resources are the most likely to receive RSG payments because they are theobighest
class of resources and, even when settiegrice,theyreceive minimal LMP margins to cover
their startup and nrtoad costsAdditionally, peaking resources frequently do not set the energy
pricebecause they are operating at their economic mininsoihe price is set by a loweost

unit. This increases the likelihood that an RSG payment may be required

Figure A0 andFigure A61: RSG Payments

Figure A60 showsthetotal dayahead RSG payments and distinguishes between payments made
for VLR andcapacity needsn addition, capacity payments made to units in MISO South NCAs

are separately identified because these units are typically committed for VLR and are frequently
subject to the tighter VLR mitigation criteriea August 2022, MISO implemented a new op

guide to fully incorporate the impacts of the addition of a large, 1 GW combywel facility in

early 2021 in WOTABThe categorized columns represent monthly nominal RSG, argtdiea

circles are total monthly RS&ljusted for changes fuel pricesFigure A61 shows total real

time RSG payments and distinguishes among payments made to resources committed for overall
capacity needs, to manage congestion, or for voltage support

13 specifically, thi sconmmitedtohaglispatchedeffereddostsa uni t 6s as
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Figure A50: Day-Ahead RSG Payments
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Figure A51: Real-Time RSG Payments
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Figure A62: RSG for Units Committed for RDT

MISO has mada substantial number of resource commitmentkeitoth theMidwestand
South to satisfy regional capacity needs wherRibgional Directional Transfer constraigt

binding or potentially bindingThese commitments are not generally needed to manage the

dispatch flows over the RDT, but they ensure that sufficient capacity is available in the importing

region.

These c¢commi

t ment s

ar e

mad e

regional capacity requirementa more recent months, particularly during periods of high
generator outages in MISO South, MISO has incurred significant RSG for these types of

commitments, and the costs of the commitments are allocated across the entire MISO footprint
under the DDC ratéVe evaluated the magnitude of these costs to determine the benefit of a

regional reserve product, which FERC approved in January. BO3® implemented the

fSh-betm Reserveo

Figure A62 below shows the total RSG that MISO has incurred for these commitments since

product

i n December

January2023and in which region (Midwest or South) the commitments were located
maroon segment of the bars shows RSG payments to resources in the Midwest, and the blue bar
segments indicate the resources that were committed in the South region

Figure A52: RSG for Units Committed for RDT
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Figure A63: Allocation of RSG Charges

The RSG process was substantively revised in April 2011 to better reflect cost callsadem

the revised allocation methodology, R®{Ejible commitments are classified as satisfying either
a congestion management (or other local need) or a capacityieed committing a resource

for congestion management, MISO operators identify the particular constraint that is being
relieved Supply and demand deviations from the-d&gad market that contribute to the need

for the commitmentor deviations that increase flow on the identified constrair allocated a
share of the RSG costs under @enstraint Management Char@@MC) rate Any residual RSG
cost is then allocated marketde onaload at i o sharel¥basis (APass

Figure A63 summarizes how redime RSG costs were allocated among the DDC, CMC, and
Pass 2 charges in each mofrtdm 2022to 2024 Until March 2014, the CMC allocations were
inappropriately limited based on the GSF of the committed whith caused a significant

portion of constraintelated RSG costs to be allocated under the DDC chadglktionally, we

show the RSG costs incurred to satisfy VLR requirements in both the DA and the RT markets,
which are allocated locallyVe also show the RSG costsurred to satishDA capacity, which

are allocated market wide.

Figure A53: Allocation of RSG Charges
By Month, 2022 2024
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L. Uplift Costs: Price Volatility Make -Whole Payments

MISO introduced the Price Volatility Maké/hole Payment (PVMWP) in 2008 to ensure
adequate cost recovery from the ritiale market for those resources offering dispatch
flexibility . The payment ensures that suppliers followihg S Qlatch signals are not
financially harmed, removing a potential disincentive to providing more operational flexibility

The PVMWP consists of two separate paymeD#s-Ahead Margin Assurance Payments

(DAMAP) and RealTime Operating Revenue Sufficiency Guarantee Payment (RTORSGP)
DAMAP i s paid wh-aeheadaarginassreducesaeesut of deing dispatched

in real time to a level below its daahead schedule artchas to buy its daghead scheduled

output back at redlme prices Often, this payment is the result of shtatm price spikes in the
reattime markethat aredue to binding transmission constri@ or ramp constraints

Conversely, the RTORSGP is made to a qualified resource that is unable to recover incremental
energy costs when dispatchadabve its economic level in real tin@pportunity costs for

potential revenues are not includeckitherpayment.

Table /: Price Volatility MakeWhole Payments

Table A6 shows theannual totals for DAMAP and RTORSGP, along with the price volatility at
the system level (SMP volatility) and at the unit locations receiving the payments (LMP
volatility). We separately indicate the amount of PVMWP MISO incurred during the December
2022 arctic event (Winter Storm Elliott).

Table A6: Price Volatility Make -Whole Payments($ Millions)

2023 2024
DAMAP RTORSGP Total Market-Wide Locational
Midwest South Midwest South Volatility Volatility
2024 $44.4 $8.1 $3.3 $0.6 $56.4 21.0% 26.8%
2023 $35.8 $3.3 $3.8 $0.8 $43.7 15.5% 21.0%
2022* $69.9 $11.1 $5.2 $1.5 $87.7 15.2% 21.0%

WS Elliott $23.0 $0.7 $0.0 $0.1 $23.8
* Excludes winter storm events (Elliott in 2022)

Table A: Causes oDAMAP

I n addition to the reliability consequences o
prolonged dragging can result in substantial DAMBRMAP costs arise when generators are
dispatched below their daahead schedule when economic, which erodes their margins earned

in the dayahead market

This payment was intended to provide incentives for generators to be flexible and to be held
harmless if MISO directs them to dispatch down in response ttimeaprices DAMAP was

not intended to hold generators harmless when they produce less output than would be economic
because they are performing poofyeviously, generatomsould not lose eligibility for

DAMAP when they perform poorly, and we addressed this in our recommendétidvhey
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2019, MISO implemented changes to the Uninstructed Deviation thresholds and PVYMWP
formulations that have resulted in lower unjustified DAMAP payments.

Table A7 shows the causes of DAMAP #924compared t@023 The table shows the total
DAMAP, the shares of DAMAP that are paid
the shares paid to units that are not performing well in following dispatch signals

Table A7: Causes of DAMAP

2023 2024
Item Description DAMAP DAMAP
@ Millions) | S | (g millions) | % Share

Following Instruction $31.1 83% $32.0 82%
SE Issue $0.4 1% $0.8 2%
Inferred Derate $0.6 2% $1.6 4%
Dragging - Failing New Threshold $1.6 4% $1.2 3%
Wind Unjustified $0.1 0% $0.1 0%
Dragging - Not Failing New Threshold $3.8 10% $3.5 9%

Total $37.6 100% $39.2 100%

M. RealTime Commitment Patterns
Figure A54: Monthly RealTime Capacity Commitments and RSG Costs

In 2021, we identified a pattern of increasing capaatgted commitments beginning in the

t

summer monthsTo identify realtime capacity commitments and the associated RSG that were
excess (not needed to meet MI SOO6s requirement

generation capacity and lo&dan an hourly basis in two ways: (1) using the target load value
from the forecast for the run hour that showed the highestfheeadl (2) using the actual load
value that occurred in the run hour assuming perfect foresighier these two scenarios, we

o

flagged unit hours when the planned generation capacity exceeded the target load at the time of
the commitmentWe ran these calculations for both the Midwest and South subregions and for

the MISO footpritt’i a unit must be flagged as unneeded based on its own subregional needs

and the MISGwide needs to be considered excess.

In FigureA54, we express RSG in millions of dollars for each month of the year as follows:

15 planned generation capacitScheduled Generation MW + Reserves + Headroom, and Load is adjusted for
NSI and the RDT (when assessed on a Subregional basis) and includes applicable reserve requirements

16 we use hourly forecast data from the operating Bay each lead hour, we compare forecasted load
(adjusted for scheduled NSI) to the generation in the plan prior téimeatommit decisions (e.g., danead
scheduled, mustun, reserves, and forecasted wind/solar) and all the available generaticantbatstarted
by the run houtWe use the target load from the lead hour with the tightest forecasted margin.

17 When evaluating the MISO Footprint as a whole, we include offline units eligible fortenarreserves
(STR) in planned generation and the prevailing STR requirement in th@ulpéol 4.5 GW)We additionally
run an iteration where we omit offline STR units and only add the Contingency Resguiremento load
(approximately 2.1 GW) to determine whether MISO was meeting online néd&dsommits
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T AAct ual Neededo RSG, denoted by green bars
flagged as excess in either of the two scenarios;

T AFor ec astRSG déheteddbyegday barspm commitments thavere flagged as
excess under scenario (2) but not éhd

1T A"Excesso RSG, denoted by Ilight to dark bl u
flagged as excess under both scenarios, further delineated by what portion of the
commitment was excess

The figure also shows the monthly GW average of the daily maximum commitment plotted
against the right axis.

Figure A54: Monthly Real-Time Capacity Commitments and RSG Costs

2024
$3.0 3.0
Real-Time Capacity RSG Share
M Excess Commitment 58.8%
$2.5 E Forecasted Needed 25.9% 25
E Actual Needed 14.4%
& Could not evaluate 0.8%
3520 € Avg. Daily Max Hour Committed 2.0
§ ¢
gssl 5 1.5
7 =
= &

2024

N. Generation Availability and Flexibility in Real Time

The flexibility of generation available to the rémhe market provides MIS@e ability to
manage transmission congestion and satisfy energy and operating reserve obllgajemeral,
the dayahead market coordinates the commitment of mbdtegeneration that is online and
available for reatime dispatchThe dispatch flexibility of online resources in réaie allows

the market to adjust supply on a fim@nute basis to accommodate NSI and load changes and
manage transmission constraints.
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Figure A65: Changes in Suppliyom Day Ahead to Realime

Figure A65 summarizes changes in supply availability frdraday-ahead to reaime markets
Differences between deghead and redime availability are generally attributable to réate
forced outages or derates and +t@ale commitments and eeommitments by MIS@r by its
generation ownerg he figure shows six types of chang@i&2) generating capacity self
committed or decommitted in reatime; (3) capacity scheduleid theday-aheadnarketthat is
not online in reatime; (4) capacityderated in real timéseparated by resourcelgared and not
scheduled in thday-aheadmarke); and(5) increased available capac{increases from day
ahead capacityand(6) units committed for congestion management

The figure separately indicates the net change in capacity between thleedayand redime
markets Net losses of supply along with other factors often cause MISO to commit additional
resources for capacity, which are matluded in the figure.

Figure A55: Changes in Supplyfrom Day Ahead to RealTime
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O. Look Ahead Commitment Performance Evaluation

MI SO6s Look Ahead Commitment (LAC) model mi
committing sufficient resources to meet the shenn load forecasthis is the primary tool that
MISO uses to make econondommitmentf peaking resourcen realtime. To evaluatehe
performance of the LACxhether the commitments that LAC recommended were in fact
economi¢, we compared the LAC recommendations to the Unit Dispatch System (UDS).results
We also assess the extent to which MISO operators follow the LAC neendations.
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Figure A66. Economic Evaluation dfAC Commitments

Forouranalysis, wdabeled resources that were online in a LAC solution that were not
previously committed as 0Ar eecommenéatiodsahatiwoutds . 0 wW
have to be acted doefore anew LACcaseruns@sed on t he )betausedve st ar t
expect operators to wait to commit resources when posg#genore repeated

recommendat i ons imuntrdntimeto dvbdideexcassively Wwegghtingirapeated

LAC recommendations that operators oppdge determined whetheghe recormendations

would have beeaconomidoy comparing the estimated reéahe revenues, using ELMP prices,

overthe minmum runtime of the unito the total production cost of the unit (includistgrt cost

no load costs, and incremental energy coétshitwasii st ar t e d ifiitmameenbne t i me o
bet ween the time of the LAC recommendation an

Figure A56: Economic Evaluation ofLAC Commitments

2023 2024
20.000 100%
1 Economic in ELMP
18.000 - 90%
B Not Economic in ELMP
£16.000 - 809
g # Percentage Economic in ELMP °
=14.000 2 70%
=
£12.000 60%
$10.000 4 . 4 . . 50%
@
® 8.000 £ 40%
=
£ 6.000 30%
£ 4.000 20%
)
O 2.000 10%
N | IR
2023 2024 2023 2024 2023 2024 2023 2024
Recommendations Started in RT Recommendations Started in RT
Transmission Capacity

Figure A6 above shows the results of our analy$ise left panel represents LAC commitment
recommendations for transmission constraints, and the right panel represents all other LAC
commitment recommendatioria each panel, the stacked bars on the left show all the distinct
recommendations that LAC made through2@®3and2024 indicating the recommendations
that were economic and not economic based on thdimeakexpost energy priced he right
stacked bars show the portion of the recommended resources that were actually started,
distinguishing between those that were and were not econdh@aiamond in each bar
indicates the share of those recommendations that were economic.
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P. RealTime Dispatch Performance

MISO sends dispatch instructions to generators every five minutes that specify the expected
output at the end of the next fiveinute intervalHistorically, MISO wouldassess penalties to
generators if deviations from these instructions remain outside arpeigient tolerance band

for four or more consecutive intervals within an hatwwever, in May 2019 MISO altered the
Uninstructed Deviation (UD) threshold from being based on output to being a function of the
offered ramp rateMl S O6 s c r intifyang deaatiohsy both thelpercentage bands and the
consecutive interval tedtad beersignificantly more relaxed than most other RGOs

Having a relatively relaxed tolerance baildwed resources to produce far less than their

economic output level bynderr e spondi ng to MI SO6s di spatch si
by Adraggi ngo o.Aeditionaly, suppbetscouléffectively demata unitby
simply not moving over many consecutive interals . e. , fAi nferred derates

As long as the dispatch instruction is natside of the allowable toleranaeresource can
simply ignore its dispatch instructioBecause it is still considered to be on dispatch, it can
receive DayAhead Margin Assurance Paymg(AMAP) and avoidRSGcharges it would
otherwise incur if it were to be deratddhese criteria exempt tmajority of deviation quantities
from significant settlement penaltida this section, we calculate two types of deviations to
evaluate generator performance:

M Fiveeminute deviation s t he di fference between MI SO0b6s

generatorsdé responses in each interval

 60-minute deviation s t he ef f ect over 60 minutes
dispatch instructions.

We calculate the net @@dinute deviation by calculating the difference between the energy the

generators would have been producing had they

prior 60 minutes versus the energy they were actually producing
Figure A67 andFigure A58 Frequency of Nefive-Minute Deviations

Figure A67 shows a histogram of MIS@ide net fiveminutedeviationsfrom 6 a.m. to 10 p.m.,
whi ch i ncl udmaspaMip&liosrs imtheglmmer and winter sedsignse

A58 shows the same results the rampup hours These hours are particularly important
because MI SO6s need for generators to. foll

be able to satisfy its energy and reserve requiremiengsch figure, the curve indicates the
share of deviations (on the right vertical axis) that are less than the deviation amount (on the
horizontal axis) The markers on this curve indicate three points: the percentage of inteitral
net positive deviations less thé&00 MW, less tharzeroMW, and the median deviation.
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TableA8: Average FiveMinute and SixaMinute Net Dragging

TableA8 shows the size of the fiv@inute and 6dninute net deviations during the ramp hours
and in all hoursThe table shows these results from 2020 through.2062#e columns to the
right, we highlight the worst 10 percent performing resources and the average deviations
associated with those resources.

Table A8: Average FiveMinute and Sixty-Minute Net Dragging

2 0 12924
5-min Dragging 60-min Dragging Worst 10%

Ramp Hours All Hours |Ramp Hours All Hours [Ramp Hours All Hours
2024 474 464 836 777 1,224 1,133
2023 480 471 833 763 1,159 1,098
2022 637 660 1,049 1,009 1,341 1,257
2021 611 629 956 908 1,338 1,290
2020 573 563 957 862 1,289 1,193

Figure A69to Figure A61: 60-Minute Deviation by Fuel and Hour

In the next three figures, we estimated the sources-ofif0te net deviations by fuel type and
their impact The horizontal axis is hour beginning (HB) of the dHye vertical stacked bars are
the average 6fninute deviations for each HB, where red, blue, and green are the deviations
from coal, gas, and wind units, respectivdliie three charts represent all year, winter only, and
the summer season only.

Figure A59: 60-Minute Deviation by Fuel and Hour
2024
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Figure A60: 60-Minute Deviation by Fuel and Hour
Summer2024
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Figure A61: 60-Minute Deviation by Fuel and Hour
Winter 2024

300 ’ ® Coal
B Wind
M Gas

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 21 22 23
Hour

Figure A62: Hourly 60-Minute Deviations by Type of Conduct

To better show the effects of the deviations, we measured dragging by hour of th&idayan
A62, as well as the dragging that prevailed in the worst 10 percent of berannual averages

over all hours are shown for both dragging and overproduction in the inset table.

2024 State of the Market Report | 57



Appendix: Market Performance and Operations

Figure A62: Hourly 60-Minute Deviations by Type of Conduct
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Figure A63. DAMAP to Dragging Units by Fuel Type

The next figure shows the DAMAP caused byrbihiute deviationsThe horizontal axis shows
the hours beginning (HB) throughout the dalge vertical stacked bars are DAMAP in dollars to
units with 66minute deviations from their dispatch instructioflse bar colors represent fuel
types, where maroon shows coal units, blue gas units, and green wind units

Figure A63: DAMAP to Dragging Units by Fuel Type
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Table A: Proposed Uninstructed Deviation Penalties and Effective Rate

The report shows that current settlement rules are insufficient for generation deviations outside
the uninstructed deviation (UD) tolerance bamisviations that persist for less than 20 minutes
are exempted from any financial penaliyie most significant penalty is the excessive energy
price, paid at the lower of LMP and-affered cost on excessive energy volunidss provides

a very weak incentive, particularly to renewable resources, which often set price at their cost
when curtailedin these casetfje renewable resource is financially indifferent between

following dispatch and producing excessive enefdys indifference is especially harmful when
the excess energy causes transmission overloads that are difficult to manage.

To address this concern, which is bound to grow as more intermittent resources enter the system,
we are recommending an improvement to the penalty structure that would be based on the

mar gi nal congesti on ¢ omp o nkonekcestin Cr@gficiemtfenetgh e r e
that loads a constraint, we recommend that MISO impose a penalty equal to an escalating share

of the MCC beginning with 25 percent in the first interval and rising to 100 percent by the fourth
interval This MCCbased penalty is appnogate because it reflects the incremental congestion

value of the deviation volumes and scales with the severity of congé&inle A0 shows the

effects of this proposed penalty by unit tyPenalty rates are provided in terms of per unit of

deviation MWh (columns 3 and 4) and per unit of total output (columns 5 aimdté) penalties

incurred during 2023 are shown in the second column.

Table A9: Proposed Uninstructed Deviation Penalties and Effective Rate

2024
Avg. Deviation Penalty ($/MWh)  Average Penalty ($/MWh of Output)
Unit Type  Total Penalty Excessive Deficient Excessive Deficient
Gas Turbine $141,457 $3.89 $2.13 $0.001 $0.001
Coal $459,125 $3.24 $3.66 $0.001 $0.002
Gas CC $272,980 $4.06 $2.80 $0.001 $0.001
Other $105,525 $2.17 $6.10 $0.000 $0.001
Solar $32,435 $7.38 $0.27 $0.005 $0.000
Wind $819,298 $25.72 $0.96 $0.009 $0.000

Q. Coal Resource Operations
Table AO: Coal-Fired Resource Operation and Profitability

We screened every coal unit commitment betwaEband2024and identified commitments as
being economic when the committed resources had been:

i Offered economically and scheduled in the-dagad market; or

1 Offered with a mustun status and were profitatilavhen marketevenues cover their
commitment and variable operating costs by the first full day after the commiténent.

18 The r es owponssa® detetminedtbased on how long the resource has beeri affldes. hot
startup costsThe starup costs are amortized over five d&ya minimum typical cycle for coal resources.
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I n this analysis, we calculated the operating
reference prices-or coal units that were conserving coal, we used reference prices based on the
variable costs and excluding opportunity cogfe assumed start costs based on reference prices

for units that were mustn. We summed up the start costs across all starts and subtracted that

from the total operating revenues net of all operating costs.

Table ALO summarizes the results of this evaluation in three timefrar2@4 9through2022

2023 and2024 to delineate between the prevailing natural gas prices of those péditeds

third columnin each timeframsummarize the net operating revenues earned by soppliers
associated with their decisions to start and opéhatgeresourcesUltimately, these values
reflect the aggregate economic i mpact of the

Table A10: Coal-Fired Resource Operation and Profitability

2019 2024
2019-2022 2023 2024
Annual % of Net Rev. Net Rev. % of Net Rev.
Starts Starts ($/MWh) Starts % of Starts ($/MWh)  Starts Starts ($/MWh)
Regulated Utilities 1716 $14.64 1549 $5.81 1428 $8.01
Profitable Starts 1485 84% 1336 86% 1214  85%

Offered Economically 730 42% 684 44% 672 47%

Must-Run and profitable 756 42% 652 42% 542 38%
Unprofitable (Must Run) 231 16% 213 14% 214 15%
Merchants 133 $19.66 42 $6.98 39 $7.50
Profitable Starts 133  100% 41 98% 35 90%

Offered Economically 133 99% 39 93% 29 74%

Must-Run and profitable 1 1% 2 5% 6 15%
Unprofitable (Must Run) 0 0% 1 2% 4 10%

R. Dispatch of Peaking Resources

Peak demand is often satisfied by generator commitments in tHeweaharket Typically,

peaking resources account for a large share otirealcommitments because they are available

on short notice and have attractive commitrraost profiles (i.e., low startup costs and short

startup and minimupnun times) These qualities make peaking resources optimal candidates for
satisfying the incremental capacity needs of the sydtewever they generally have high

incremental energy costs and frequentlyndbset the energy price because they are often

di spatched at their economic -aametri imudn o reded Wict
offer price higher than their LMPYWhen a peaking unit does not set the energy price or runs out

of merit, it will be revenuenadequatdor coveringits startup and minimum generation costs

This revenue inadequacy results in fii@le RSGpayments.

MI SO6s aggregat e | oathke digpatehlofpeaking resobrees rasitheme r
greatest impact during the summer months when system demarad tares require

substantial commitments of such resouréesddition, several other factors can contribute to
commitments of peaking resources, including-dbgad net scheduled load that is less than
actual load, transmission congestion, wind forecasting errors, or changestimedé§I.

60 | 2024 State of the Market Report



Appendix: Market Performance and Operations

Figure A64: Dispatch ofPeakingResources

Figure A64 shows averagkoutly dispatch levels of peaking units2023and2024and
evaluates the consistency of peaking unit dispatch and market outddradgure is
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Figure A64: Dispatch of Peaking Resources
By Commitment Reaso2023 2024
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Wind generation in MISO has grown steadily since the start of the markets inAb@migh
wind generation promises substantial environmental benefit, the output of these resources is
intermittent and, as such, presemtéqueoperational and scheduling challenges

Over9%0p er cent
physically capable of responding to dispatch instructions and can, therefore, settingereal
energy priceDIRs can submit offers in the dahead market, are eligible for all uplift

payments, and are subject to all typical operating requirententdoth DIR and noiIR wind
units, MISO utilizes short and lortgrm forecasts to make assumptions about wind oulpet
prevalence of DIRs allows MISO to rarelylisie manual curtailments to ensure reliabiliyind

of

MI SO06 s

Wi

nd units ar eDIRBars pat c ha
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resources are also qualified to sell capacity under Module E of the Tariff based on their
contribution to satisfyi®ng MI SO6s planning re

TableAll: Day-AheadandRealTime Wind Generation

TableA11 showsthe hourly averageeattime wind output and the wind scheduled in the day
ahead marketn the second to last set of columns, we indicate the top five percent of average
hourly output by season, and in the-fight columns we indicate the average and absolute value
of the realtime forecast error

Table A11: Day-Ahead and RealTime Wind Generation
2020 2024

Nameplate [ Avg. Output (GW) RT Seasonal Avg. Output (GW) [RT Top 5% Hrly Avg. Output (GW) | 2 Hr Forecast Error (%)
Capacity | RT DA % | Jan.-Apr. May-Aug. Sep.-Dec.| Jan.-Apr. May-Aug. Sep.-Dec.| Avg. Error  Abs. Avg.
2024 30,784 11.2 10.1 -10. 135 8.4 11.8 23.1 18.2 21.9 10.9% 13.7%
%" 3% 8% 10% 4% 18% 5% 6% 2% 2%
2023 29,830/ 104 9.2 -129 13.0 7.1 11.2 21.8 17.8 214 4.0% 8.1%
2022 29,109| 11.3 10.1 -10.8§ 13.7 8.4 11.9 21.6 18.0 21.6 2.3% 6.6%
2021 26,862 9.2 8.0 -13. 10.0 7.0 10.7 18.6 15.3 19.9 -3.3% 6.7%

Note 1: %* Change between 2023 and 2024.

Wind suppliers often schedule less output in thealssad market than they actually produce in
realtimeThiscan be attri buted to some of the suppli
to being allocated RSG costs when-@dnead wind output is owéorecastedUnderscheduling

of output in the dayahead market can create price convergence issues and lead to uncertainty
regarding the need to commit resources.

Convergence issues are partially addressed by net virtual suppliers that sell energy in the day
ahead market in place of the wind suppli&isnce the most significant effect of dajiead
underscheduling of wind is its effects on the transmission flows and associated congestion in the
day-ahead and redime markets, we evaluate the extent to which virtual transactions offset the
flow effectsof the wind undeschedulingWe calculated the percentage of flows from wind

units on every constraint in the dafileadandreattime markes. We estimated profits on those
constraints by virtugbositions, which waggregated by year and by monitored eleméfat

identified constraints where either the e#yead or redime constraint flows associated with

wind exceeded 20 percent and sorted by virtual profitability on the constraints.

Figure A65andTable AL2: Virtual Transaction Effects on Dafhead Constraints Affected
by Wind Scheduling

In Figure A65, we show the top 10 constraints identified in our analyrsithe figure, we
illustratethe average daghead flow from wind generators in the blue bars, thetireal
equivalent in the red diamonds, and -@dnead virtual flow as a green transparent bar on top of

19 capacity credits for wind resources are determined &k
of the relevant seasaf each of the prioBy e a&hgliestload days 24 hoursper season For the2024
2025Planning Year, the systemide capacity credit for wind i$7.8percentin the summer seaspwith
individual credits ranigpg from 0.3to 45 percentand 51.2 percent in winter season, viittividual credits
rangng from 8 to 93 percent
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the blue barThese values are expressed as a percentage of the rating on the impacted
constraintsWe have masked the identity of the constraints in the figure.

Figure A65: Virtual Impacts on Top 10 Constraints Affected by Wind
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In Table AL2 below, we show the total number of windpacted constraints that we identified
in one of six categories, the aggregate amount of congestion associated with the constraints in
each category, and the virtual profitability in each category

Table A12 Aggregate Virtual Impacts on Constraints Affected by Wind

2024
. . . Number of RT . Vi.rtua.l.
Wind-Impacted Constraints Categories Constraints Congestion| Profitability

($ MM) ($ MM)
All Wind-Impacted Constraints 433 $1233 $70
RT Wind Flow > DA Wind Flow 374 $1148 $64
DA Wind Flow > RT Wind Flow 59 $85 $6
RT Wind Flow > DA Wind Flow and Virtual Supply > 0 251 $689 $73
RT Wind Flow > DA Wind Flow and Virtual Supply < 0 123 $459 -$9
DA Wind Flow > RT Wind Flow and Virtual Supply > 0 0 $0 $0

Figure A66. GenerationWind OvefForecasting Levels

In 2016 we identified significant concerns with certain wind resources that frequently and
substantially oveforecast their wind outpuThe wind forecasts are important bea@dHSO
uses themto establishi nd r es our c e s 0siretlee oealtone energyrmarket mu m
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Because wind resourcegically offer at lowerprices than any other resourcesjitierecasted

output also typically matches théMISO dispatch instructias) absent congestioDispatch

deviations arise because an ef@ecasted resource will produce less than the dispatch

instruction Figure A66 shows the monthly absolute average forecast errors from the wind
resources in the bars, as well as the average forecast error plotted as a line against the right axis
in 2023and2024 MISO changed its forecasting methodology in early 2020, and this led to a
significant reduction in both absolute average and average forecast errors.

Figure A66. Generation Wind Over-Forecasting Levels
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Figure A67: Wind Forecast Methodology Improvement

The sharp rise in wind output has increased the operational challenges associated with managing

the ramp demands resulting from the wind output fluctuations that are described in Section I

The accuracy of the wind forecasts plays a key role in managing these challéregesd

forecasts are important becaudISO uses themtoestablish nd r esourcesd6 econc
maximuns in the realtime marketBecause windinitsoffer at prices lower than othanits, the

forecasted output also typically matches thepdich instruction absent congestibhi S O6 s

settlement rules provide strong incentives fo
resources do so.

MI SOO6 st enremarf orecast is primarily a fApersistenc
resource output will match the most recent output observaiierdeveloped a forecast
methodology that is also persisterzzsed but also incorporates the recent direction in output
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changesThe IMM Forecast employs a trendpdrsistence approach calculated using data on the
prior 10 minutes of actual output to project 10 minutes into the future.

The forecasted change is limited to half of the headroom (capacity minus current output) upward
and half of the current output downwaFigureA67s hows t he result of the
compared to the incumbent vendor forecast.

Figure A67: Wind Forecast Methodology Improvement
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Figure A68: Wind Generation Volatility

Wind output can be highly variable and must be managed thaurtgilment the redispatch of
other resources, or commitment of peaking resoukigare A68 summarizes the volatility of
wind output on a monthly basis over the past two years by showing:

1 The average absolute value of therBibute change in wind generation in the blue line;
1 The largest five percent of hourly decreases in wind output ibltiedbars;

1 The maximum hourly decrease in each month in the drop bmes

1 Changes in wind outpditom economic curtailments are excluded from this analysis.
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Average 60-Minute Change (M'W)

8.000

7.000

6.000

5.000

4.000

3.000

2.000

1.000

Figure A68: Wind Generation Volatility
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Figure A69: Wind Generation Capacity Factors

Wind capacity factoraremeasured as actual output as a percentage of nameplate capdcity
can vary by season and locatiéigure A69 shows average hourly wind capacity factors by

month shown separatefpr two MISO Coordinatiomegiors (North and Central)
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Figure A69: Wind Generation Capacity Factors
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T. Outage Scheduling
Figure A70: MISO Outages

Figure A70 showsthe monthly average planned andplannedyererator outage rates for tteo
most recent year@nd annual averages for the last three ye@ndy full outages are included
sopartial outages or deratings are not sholire figure also distinguishes between stterin
unplannedutages (lasting fewer than seven days) and-tengunplannedutages (seven days
or longer) Additionally, the figure distinguishes between normiahped outageand shor

notice planned outages that are scheduled within seven days of the actual start of the outage
Planned outageare often scheduled in Ielwad period when economics are favorable for
participants to perform maintenan@tthough shorhotice planned outages asldortterm
unplannedutages are frequently the resulieofiergenbperating problem

Shortnotice and shottermoutages are important to review because they are more likely to
reflect attempts by participants to physically withhold supply from the madtkeiess costly to
withhold resources for short periods when conditions are tight than to taketelongutage
We evaluate market power concerns related to potential physical withholdbegtion VIII.G.

Figure A70: Generation Outages
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V. TRANSMISSION CONGESTION AND FTR MARKETS

Managing transmission congestiors among MI SO6s .MIBO monitompor t ant

thousands of potential network constraints throughout its syMé®© manages flows over its
network by altering the dispatch of its resources to avoid overlo#usgtransmission

constraintsThis establishes efficient, locati@pecific prices that represent the marginal costs of

serving load at each location

Transmission congestion arises when the lowest resources cannot be fully dispatched
because of limited transmission capabiliipe result is thahighercost units must be dispatched
in place of loweicost units to avoid overloading transmission facilitted MP markets, this

generation ralispatcho r 4ofenerito cost is reflected in the

locational pricesThe congestion component of the LMPs can vary substantially across the
system, causing hioghaerreasMPs i n Acongested

These congestiorelated price signals are valuable not only because they induce generation

C

resources to produce at levels that efficiently manage network congestion, but also because they

provide longeiterm economic signals that facilitate efficient istraent and maintenance of
generation and transmission facilities.

A. RealTime Value of Congestion

This section reviews the value of ré@the congestionywhich is different froncongestion
revenues collected by MIS@he value of congestion is defined as the marginal yalue
shadow priceof a constraint times the power flow over the constrdfra constraint is not
binding, the shadow price and congestion value will be. Zdmis indicates that the constraint is
not affecting the economic dispatch or increasing production. gastat leastwo reasons
MISO does not collect the full value of thengestion on its system

First, the congestion value is based on the total flow over the consirad iSO settles with
only part of the flows on its constraintSeneratorservingloads outsidef MISO contribute to
fl ows over MI SO0&6s sy s amdondtBanMIBfor their candestionp
value Additionally, neighboringPJMandSPRave enti tl ements to f
systemand their reatime flows up to their entittlement levels do not settle with MISO

Second, most flows are settled through the alagad markeOnce a participant has paid for
flows over a constraint in the dahead markethe participantoes not have to pay again in the
reattime markethatonly settleson deviations from the daghead markeiherefore, when
congestion is not foreseen amak fully anticipated in dayahead prices, MISO will collect less
congestion revenue the dayahead markehan the reatime value of congestion on its system

Figure A71: Value of Reallime Congestion by Coordination Region

Figure A71shows the total monthly value of redahe congestion b1 S QR&lgbility
Coordinatiorregiorsin 2023and2024 The bars on thkeft panelof the chart show the average
monthly valuefor the past three years
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Figure A71: Value of RealTime Congestion by Coordination Region
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Figure A72: Value of Reallime Congestion by Type of Constraint

To better identify the drivers of the rdahe congestion valué&igure A72 disaggregates the
results by the MISO subregi@mdby thetwo types of constraing:

1 Internal ConstraintsConstraints internal to MISO where MISO is tReliability
Coordinatorthat arenot coordinated with PJM or SPP

1 MISO marketto-market Mi2M) ConstraintsMISO constraints coordinated with SPP and
PJM through the M2Mprocess

The flow on PIJM and SPP M2M constrainttinsited tothe MISO market floywand this flow is

used in our measure of congestionvaMa r ket fl ow i s defined as MI S
constraints in MISOG6s dispatch model and does
Theinternal constrainteepresented in the MISO dispatch moidelude the total flow
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Figure A72: Value of RealTime Congestion by Type of Constraint
By Quarter 2022 2024
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B. Congestionover the Transfer Constraint

The Regional Directional Transfer (RDT) is a contractual constraint between MISO and the Joint
Parties that separates MI SO6s Midwest and Sou
MW in the Midwestto-South and 2500 MW Soutio-Midwest.

Efficient use of this contract path is key to efficient commitment and dispatch in MISO. The
contract with the Joint Parties specifies tha
contract limit for more than 30 consecutive minutes. Because cootragiiance is evaluated

against physical flow instead of modeled flow, MISO Operations must take steps to avoid

prolonged exceedances of the contractual limit, primarily by derating the modeled binding limit

for the RDT constraint in its dispatch softwarken unmodeled flows are high. By default,

MISO derates th8outhto-Midwestmodeled limit on the RDT to 92% (2300 MW) of the

contract allowance to ensure the physical flows do not exceed the contract limit, but often MISO

will reduce the limit even further.

Figure A73. Average RDT Binding Limit and Number of Daily Adjustments

Each year since 2021, the RDT binding limit has decreased on average and been adjusted more
frequently. Evaluating and enacting these derate changes uses valuable control room .resources
In addition derating the RDT can create volatile market outcomes. Binding limit changes in
response to unmodeled flows are unpredictable, so unit commitment may not be adequate in the
constrained area to recover from lost transfer capability. Even when sufficienitgépanline

to meet increased subregional need, gleateration may not be able to meet the immediate ramp
demand resulting from the RDT derate.
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FigureA73 shows changes in the modeled RDT limit from 2622024 when the RDT was

binding in the Soutito-Midwest direction. The burgundy bars in the top panel show the average
number of limit adjustments made per day. The light blue bars in the bottom panel show the
average model ed | i mi tsoftvanie. MI SO6s mar ket dispat

Figure A73: Average RDT Binding Limit and Number of Daily Adjustments
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Figure A74: Frequency of SoutMidwest Binding on RDT and RPE Constraints

A Transmission Constraint Demand Curve (TCB@gcifiesMl SOG6s maxi mum wi | | ir
pay to limit modeled energy flows on a transmission constraint. Generally, TCDCs are two

stepped curves, with a lower value step administered at the modeled constraint limit and a second
step administered when constraint atidns exceed 102 percent of the limit. Currently, the RDT

TCDC values the lower step at $40 per MWh and the second step at $500 per MWh.

MISO also models a Reserve Procurement Enhancement (RPE) constraint that limits flows after

a supplyside contingency triggers a reserve deployment. The RPE demand curve has a single

step valued at $200 per MWh, meaning that MISO would pay up to $200ttStstrt Term

Reserves or energy to the unconstrained subregion to prevewulgpisyment violations of the
transfer constraint, i ncreasing MISO6s maxi mu
from $500 to $700. Currently, MISO models the RPE Brahsmission constraints with the

same limit, including any derates entered by Operators in response to unmodeled flows. We
recommend MISO lower the first modeled step of the RDT TCDC to begin at 80 percent of the
contract limit with a very low associatgdlue and raise the RPE limit to the top step of the new

RDT TCDC.
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Figure A74 shows the frequency of binding on both RDT constraints in the Souhdwest
direction from 20212024. The burgundy bars show the count of intervals with only the RPE
constraint binding, the light blue bars indicate intervals with only the Transmigsigtraint
binding, and the pink bars indicate intervals with both constraints binding simultaneously.

Figure A74: Frequency of SouthMidwest Binding on RDT and RPE Constraints
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Figure A75. Minimum Expected Violation Cost Reduction with Proposed TCDC

We performed a statistical analysis of historical period/&duate the@roposed TCDC for the

RDT to determinevhether the new demand curve would prevent extended periods of contract
exceedancd-or 2021 to 2024, we recalculated the modeled flow on the Bf3timinghe new

TCDC applied. This process did not involveramning the market; rather, we simply assumed

the modeled flows would increase or decrease to align with the new demand curve. For instance,
if the shadow pricavas$45, the modeled flow wad be adjusted to 2,400. On top of that new
modeled flow value, we added the unmodeled flow from thetir@al market. Demand curve

changes should not impact unmodeled flows, so keeping them equisalpptopriate.

After deriving these new raw RDT flows, we tabulated how often total flows would exceed the
contract limit for 30 minutes consecutively. We performed this analysis using the actual
historical datao compare it to anodified series using the proposed demand curve.

FigureA75 compares the actual contractual limit violations in 2@2P4 to the violations using
the new modeled flow from this analysis. TFigureshowsthe congestion costs incurred by
South Midwest RDT contractual limit violations in 2022024. The orange bars show the actual
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RDT violation costs, and the light blue bars show the RDT violation costs expected with the new
TCDC. Violation costs were calculated for eaemute interval as ontvelfth the RDT
shadow price times the RDT modeled flow.

Figure A75: Minimum Expected Violation Cost Reduction with Proposed TCDC
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Figure A76: Increased Contract Path Utilization and Production Cost Savings

The prior analysis indicated that the new demand curve withodtimealimit adjustmerghas

ability to meet contractual requiremetamparable to the existing TCD®/e conducted a more
rigorous market simulation to evaluate whether the new TCDC would deliver production cost
benefits. We first identified the market intervals in 2024 when the demand curve change could
have affected market outcomes.€8h are intervalwhen the Transmission constraint or RPE
constraint bound plus ndsinding intervals whethe modeled flows exceeded first penalty

stepin the new curvé2,000 MW or 80%). About 30% of the intervals in 2024 met these criteria.
Because simulating that many cases wdadgrohibitive we sampled every 10th identified
interval (about 3,200). Before running each interval, a program edited the UDS case input files to
reflect the new fivestepTCDC and moved the limit on the RPE demand curve to align with the
highestpriced step.

We evaluated changes between the actual market case and simulated casefodtatiibn
cost,transmission and RPE constraint flows, and market pricessirhigationexcludes the

changes to RDT congestion pricing and therefore reflects pure dispatch efficiency improvements.
In reality, the proposed demand curve would yield further savings by reducing the frequency of
costly RDT violationsFigure A76 shows summary results groupedttansmission constraint

flow in the simulated case result.
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Figure A76:. Increased Contract Path Utilization and Production Cost Savings
Proposed TCDC, 2024
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C. Day-Ahead Congestion and FTR Funding

MI S O 6 saheddanergy market is designed to send accurate and transparent locational price
signals that reflect congestion and losses on the netMd8O collects congestion revenue in

the dayahead market based on the differences in the LMPs at locations where energy is
scheduled to be produced and consumed

The resulting congestion revenue is paid to the holders of Financial Transmission Rights (FTR)
FTRs represent the economic property rights of the transmission system, entitling the holder to
the dayahead congestion revenues between two points on the neAwarkie share of the

value of these rights is allocated to MISO market participdiis residual FTR capability that

has not been allocated is sold in the FTR markets, with the resulting market revenues
contributing to the recovery of the costs of the netwBiiRks provide an instrument for market
participants to hedge dahead congestion castf the FTRs issued by MISO are physically
feasible, meaning that they do not imply more flows over the network than the limits in the day
ahead market, then MISO will always collect enough congestion revenue throughatsedaly

mar ket t o nAARTRS fo pay FTR hadders I0hpercent of the FTR entitlement

Figure A77. Day-Ahead and Balancing Congestion and FTR Funding

Figure A77 shows the total daghead congestion revenues for constraints in MISO Midwest,
MISO South, and the transfer constraints between MISO Midwest and MISO South for the last
two yearslt also shows balancing congestion revenue (net congestion collections in real time),
as well as the funding level of the FTRs
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Figure A77. Day-Ahead and Balancing Congestion and FTR Funding
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An FTR is a forward purchase of dajjead congestion costs that allows participants to manage
day-ahead congestion riskransmission customers pay for the embedded costs of the system
and, therefore, are entitl e dThisalocatibnefpopedgyt e md s
rights is accomplished by allocating Auction Revenue Rights (ARRS) to transmission customers
associated with their historical usage of the network given their network load and generating
resourcesARRs are a MW value defined tae=en two locations on the network, and they give
customers the right to receive the FTR revenues that MISO collects when it sells FTRs that
correspond to the ARREustomers can also convert their ARRs into FTRs directly

MISO is obligated to pay FTR holders the FTR quantity times themiecongestion cost

between the source and sink ofthe PPRCongesti on revenuesahead!| | ect e
market fund the FTR obligationSurpluses and shortfalls are limited when participants hold

FTR portfolios consistent with the capability of the netwddthen MISO sells FTRs that reflect

different network capability than is available in the -@dnead market, shortfalls or surpluses can

occur. Reasons for differences between FTR capability aneatiepd capability include:

1 Loop flows caused by generators and loads outside the MISO #giad,

1 Transmission outages or other factors that cause system capability modeled in the day
ahead market to differ from capability assumed when FTRs were allocated.or sold

20 An FTR obligation can be in the counfémw direction and can require a payment from the FTR holder.

2l ALoop Flowso cannot be directly cal cutimefloeslessnd, in t
the calculated redlme market flows from PJM, SPP, and the MISO commercial flows (which include MISO
market flows and the impacts of physical sactions) The dayahead model includes assumptions on loop
flows that are anticipated to occur in real time.
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Transactions that cause unanticipated loop flows are a problem because MISO collects no
congestion revenue from thethMISO allocates FTRs for the full capability of its system, loop
flows can create an FTR revenue shortfliiis is because only part of the network is being used
by MISO participants who pay congestion charges.

During each month, MISO will fund FTRs by applying surplus revenues from overfunded hours
pro ratato shortfalls in other hourdonthly congestion revenue surpluses accumulate until the
end of the year, when they are prorated to reduce any remaining FTR shaftfalshas

continued to work to improve the FTR and ARR allocation processes.

Figure A78. FTR Funding by Control Area

At an aggregate |l evel, N2028 idodvever At Ts Rrportaneto e f ul |y
examine funding at a more detailed level to understand where inconsistencies may exist between
the FTR market and the dajnead markeExamining funding by Local Balancing Authority

(LBA) can illuminate any potential coshifting that may be occurring among participants

Figure A78 shows the monthly FTR surpluses and shortfalls (in both dollars and percentage
terms) by LBA for2024 The LBAs are masked with sequential lettd@iise constraints in each
LBA include all internal and MIS&@oordinated M2M constraintExternal M2M constraints are
summarized by the coordinating RTO.

Figure A78: FTR Funding by Control Area
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Figure A79: Balancing Congestion Revenues and Costs

Balancing congestion revenues are congestion collections in theweaharket based on
deviations from dayghead congestion outcom&se magnitude of balancing revenues should be
small if the dayahead market accurately forecasts thetiea network capabilitiedHowever,
balancing congestion revenue shortfalls occur when thalkdegd model is not fully consistent
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with the reaitime network topologyFor example, if MISO does not model a constraint in the
day-ahead market and it binds in real time, MISO can accumulate a substantial amount of
negative balancing congestion costgilure to model the constraint can allow ddead

scheduled flows over the constraint to exceed thetirmallimit. T h e

costs to

Abuy b

day-ahead flows, or balancing congestion costs, must be collected through an uplift charge to
customer s.

MI SOb6 s

To understand balancing congestion revenkiggire A79 shows these amounts disaggregated

into (1) the reatime congestion revenues (costs) collected by having to increase (or reducing)
the MISO flows over binding transmission constraints and (2) the M2M payments made by (or
to) PJM and SPP under the Jointe@ying Agreements (JOA$jor example, when PIM
exceeds its flow entitlement on a MISanaged constraint, MISO will4dispatch to reduce its

flow and generate a cost (shown as negative in the fioirg)M 6 s

payment to

excess flow is shown as a positive revenue to MM¥® have also included JOA uplift in the
reattime balancing congestion cosi©A uplift results from MISO exceeding its Firm Flow
Entitlement (FFE) on PJM M2M constraints and having to buy that excess back from PJM at
s h aldke othermet batamcing congestion costs, JOA uplift costs are part of

revenue neutrality uplift costs collected from load and exports
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Figure A79: Balancing Congestion Revenues and Costs
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Figure AB0: CROW Outage Tickets by Creation Date
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Figure A80 depicts how outage reporting aligns with the Ann8agsonal, antonthly
auctions.The bars classify the tickets based on the first date the tickets were entered into the
CROW system with respect to FTR auction process and the date when the outagé&heelgn.
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Appendix: Transmission Congestion and FTR Markets

axis shows the count of tickatsthe FTRyearfor planned transmission line outages of 230kV

or more with a duration of 5 days or more categorized by the CROW ticket creation date with
respect to th€TR auctionsThe right axis shows the same information as a share of total outage
tickets for the year. The first date the outage was created was used regardless of whether
revisions were subsequently made to the ticket. The actual start date of the ticket was used t
assign the ticket to the relevant stoyggtage month

If the outage ticket was first created prior to the Annual auction, the outage ticket was deemed
timely for the Annua lOftheuantining hckefsfibe outagertickéto A n n u
was first created one month prior to the start of the first day of the first month of the lseison

after the Annual auctigrthe outage ticket was deemed timely fa MMIPMA seasoal auction

(APrior to Seasono) . I f the outage ticket was
outage montlout not in advance of the seastire outage was deemed to be timely for the

prompt monthimonthly auction(i Pr i or tToh eMotnitchkogt.s cl assi fi ed a:
werefirst entered into CROW too late to be included in any of the FTR auctions.

Figure A80: CROW Outage Tickets by Creation Date
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Figure A81: Monthly FTR Valuation Changes for Aggregate Nodes

The changing definitions of aggregate nodes is a key issue because changing the definition of
aggregate nodes can substantially change the value of FTRs sourcing and sinking at these
locations and can cause significant underfundingridgnre A81, we calculate the monthly

change in valuation from redefining aggregate nodes in the current and prior FTRhgelaars

are grouped into positions taken in the annual auction (blue), prompt month of the MPMA
(burgundy) and forward months of the MPMA (green)
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Figure A81: Monthly FTR Valuation Changes for Aggregate Nodes
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Figure AB2: Financial vs. LSE Participation in the FTR Auctions

To summarize thearticipation in thevarious markes, we quantify theaverage numbeof
participantsin the annual, seasonal MPMandmonthly auction®y LSEs and nohSEs The
LSEsaredefined as anyone receiving an allocation prior to the Annual Auction. The top panel
shows the average number of participants in auctions selling féf Beak hours while the

bottom panel shows tleame resultdor nonpeak hours.

Figure A82 Financial vs. LSE Participation in the FTR Auctions
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D. Other Key Congestion Management Issues
This subsection identifies three key opportunities to improve congestion management broadly.
Decommitting Resources that Cause Congestion

MISO only decommis units in real time that were committed economically in theatessad

marketwhen it must foreliability reasonslit does so bynanually redispatdhg the resource to

0 MW. This action ensures resources are eligible to recoveiAband Margin Assurance

Payments (DAMAP) iftheredl i me L MP e x c e eattead tMRWhileuani t 6 s day
economic decommitment could result in similar uplift exposure, there are situations where
decommitting a resource could alleviate significant congestioineduce production costs.

Table AL3: Case Studies Selected for LAC Decommitment Analysis

To assess the potential benefits of-déwgad economic decommitment, we performed case

studi es us i pPAgeadMloiBndtihent (LAQ)artodeCase studies were defined as a
combination of operating day, generator(s), and LAC case Tiheeunits in each case study

each had a large shift factor on a constraint that was binding itimealLAC case times were
selected using the first LAC case where the
several intervals aft er completedlopaotifiléesfobLAGwenei mum r u
modified so that the daghead commitment was removed for the units of intefesst allowed

LAC to turn off the units in the case files.

We identified candidate case studies with negative LMPs in LAC for extended periods of time,

often severalhourt n one case study, the LMPs in LAC we
entire commitment periodach unit in our case study had a large shift factor on a constraint that

was binding in reatime. All the LAC cases we evaluated were seven hours. ladditional

information about the selected case studies is showalle AL3. Case Studies 1 and 2 were

consecutive market days with the same units.

Table A13: Case Studies Selected for LAC Decommitment Analysis

Case Number of Unit Type GSF Season
Study Units
1 2 Combined Cycle 44% Summer
2 2 Combined Cycle 44% Summer
3 2 Combustion Turbine 14%  Winter (storm event)
4 2 Combined Cycle 75% Fall
5 2 Combined Cycle 8% Winter

In our analysis, we resolved LAC and allowed it the option of decommitting the units of interest
for each case studWe observed that in some of our case studies, alternative units were
dispatched to higher schedulasd additional unitevere committedhat did not have a day

ahead schedule in the initial base cd$e LAC model also recalculated shadow prices and
LMPsin our case studie¥he largesbtbserved LMRhangeoccurredn Case Study 2, where
average LAC LMPst the study unitecreased from$820 to $35 as congestion the

constraint was eliminated.
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Figure A83: LAC Decommitment Case Study Savings

We calculated production castvings constraint violation costs, excess congestion fund (ECF)
costs, and DAMAP costs in each case stlityure AB3illustrates the production cost savings in
the violet bars, the violation cost savings in the maroon bars, the DAMAP savings in the green
bars, and ECF savings in the light blue. Wde calculated the production cost savings based on
offer data and the dispatch MWs from LARroduction costs include both hourly production
costs and statip costs, which were calculated for units that were turned on in LAC for both the
base case and test caBke LAC solution for @seStudy 4dispatchedip units that had higher
incremental energy costs as a substitute for the two units that were decommitted.

We calculated violation costs for all active constraints using the modeled flows and shadow
prices from the LAC modeCase Study 1 resulted in increased violation costs as the target
constraint in this case study was not in violation in the LAC base Tlasd_AC reruns for this

case resulted in violations on other constraints, which caused the total violation costs to.increase
Violation costs decreased in the other four case studies.

We calculated the ECF costs for the base cases usiAgmeadata from the market daye

used the redime data plus the difference in constraint flows from the base case to the test case
to estimate the ECF cosWe multiplied the estimated retiine flow for the test case by the test
case shadow price in LAC to calculate the ECF savings.

We estimated how much DAMAP the units would have received because of the decommitment
in LAC. In each case study, allowing LAC to turn off the unit reduced congestion and led to
higher RT LMPsThis in turn resulted in higher DAMAP costs as the units that were turned off
would be eligible for uplift at these higher LMRsstead of buying out of a DA schedule at
sustained negative LMPs, the unit is buying out of theirategad schedule at positive LMPs
DAMAP costs were calculated just for the units o&nest in each case study.

Figure A83: LAC Decommitment Case Study Savings
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